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Abstract

Growing integration of distributed energy resources (DER) presents the electric power sector with
the potential for significant changes to technical operations, business models, and industry struc-
ture. New physical components, control and information architecture, markets, and policies are
required as the power system transitions from one of centralized generation and passive load to a
network of increasingly decentralized generation and diverse system users. Price signals will play a
crucial role in shaping the interactions between the physical components and users of the electric
power system. Distribution network use-of-system (DNUoS) charges signal to network users how
their utilization of the distribution system impacts system costs and each user’s share of those costs.
Distribution utilities cover network operation and maintenance costs and recover infrastructure in-
vestments through DNUoS charges applied to network users. This thesis develops a framework for
the design of DNUoS charges that addresses the challenge of distribution network cost allocation
under growing penetration of DER. The proposed framework is comprised of 1) the use of a refer-
ence network model (RNM) to identify the key drivers of distribution system costs and their relative
shares of total costs, and 2) the allocation of those costs according to network utilization profiles
that capture each network user’s contribution to and share of total system costs. The resulting
DNUoS charges are highly differentiated for network users according to the impact that network
use behaviors have on system costs. This is a substantial departure from existing methods of distri-
bution network cost allocation and thus presents implementation challenges and implications that
may be addressed in a range of ways to achieve varying regulatory objectives.
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Title: Visiting Professor, Engineering Systems Division

Thesis Reader: James L. Kirtley, Jr.
Title: Professor of Electrical Engineering and Computer Science

1



Acknowledgements

There are multiple people to whom I offer my sincerest gratitude for your intellectual generosity,
encouragement, and support in the development of this thesis. MIT is a truly remarkable place of
so many enrichment opportunities. I want to thank the people that have contributed to creating
a mentally stimulating environment that has continually pushed me outside my comfort zone and
unquestionably reshaped the way I think.

First and foremost, thank you so much to Ignacio, one of the most patient individuals I know, for
your guidance, expertise, and ceaseless encouragement. It has been inspiring to work with you,
and I hope that I will one day do justice to the knowledge and wisdom you have so generously
imparted.

Thank you Professor Kirtley for your expertise and feedback, for pointing me towards helpful
resources, for answering my questions along the way, and for fruitful conversations about my broader
intellectual development.

Thanks to Claudio Vergara for your boundless generosity in sharing your expertise, help, and
guidance. I am exceedingly grateful for the knowledge and time you have so readily offered.

Thanks to Carlos Mateo for so speedily answering my countless emails and for all of your advice
and guidance on utilizing the reference network model.

Thanks to Jesse Jenkins for your highly valuable insight, suggestions, advice, and critical thinking,
and for asking the right questions to guide my own thinking.

Many thanks also to Richard Tabors, Tomás Gomez, and Carlos Batlle for contributing to the
intellectual foundations upon which I have only just started – and will continue – to build my
understanding of the power sector.

Thanks to TPP for launching me into the continuing quest of grad school. Thank you Barb, Frank,
and Ed for all of your help and support. Thanks to my friends and classmates for being the most
wonderful sources of enriching conversation and constant exposure to new wonders of life.

And finally, thank you especially to my parents for your support and patience through the journey
of grad school that is only just beginning. Thank you for being such incredible role models and
friends, thank you for all of your honesty and encouragement. I would not be at this juncture in
life without you.

My work is supported by a National Science Foundation Graduate Research Fellowship.

2



Contents

List of Figures 4

List of Tables 5

1 Introduction 6

2 Background 11
2.1 Technical Considerations of DNUoS Charge Design . . . . . . . . . . . . . . . . . . . 16
2.2 Regulatory Economics of DNUoS Charge Design . . . . . . . . . . . . . . . . . . . . 21

3 An updated framework for network use-of-system charge design 25
3.1 Identifying the cost drivers . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 29
3.2 Allocating costs to drivers . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 32
3.3 Allocating costs to network users . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 34
3.4 Choosing the DNUoS charge format . . . . . . . . . . . . . . . . . . . . . . . . . . . 39

4 Using a Reference Network Model for DNUoS Charge Design 41
4.1 Building a distribution network incrementally . . . . . . . . . . . . . . . . . . . . . . 41
4.2 Defining the network characteristics . . . . . . . . . . . . . . . . . . . . . . . . . . . 43

5 Simulation Results: Computing a LV DNUoS Charge 49

6 Implementation & policy considerations 60
6.1 Energy prices and network charges . . . . . . . . . . . . . . . . . . . . . . . . . . . . 60
6.2 The “Utility Death Spiral” and DNUoS charge dynamics . . . . . . . . . . . . . . . . 60
6.3 Practical Limitations . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 64

7 Conclusions, Summary, & Future work 65

8 References 66

Appendices 70

A 48-hour load and PV generation profiles 70

B Network C (LV and MV load) 73

C MV/LV substations 74

D Network B Run 01 and Run 00 76

3



List of Figures

1 The distribution network charge here accounts for approximately 35% of the final rate
charged to a typical residential end user per kWh of electricity consumption. Image
source: [48] . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 8

2 The cost components to be collected through DNUoS charges . . . . . . . . . . . . . . 9
3 CAISO load and solar output on January 5, 2015 (top) and July 5, 2014 (bottom) . 13
4 Layout of a typical electricity distribution system. Image source: [23] . . . . . . . . . 17
5 The voltage profile typical of a radial feeder with residential distribution customers.

Image source: [23] . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 18
6 The voltage profile typical of a radial feeder with residential distribution customers.

Image source: [62], adapted from [40] . . . . . . . . . . . . . . . . . . . . . . . . . . 19
7 How the cost components to be collected through DNUoS charges can evolve over time 23
8 All that the distribution utility sees of a network user’s behind-the-meter activity is

a user profile . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 25
9 Cost allocation involves first splitting the total network cost at each voltage level

into the costs associated with each driver, then splitting the cost associated with each
driver across network zones, and finally allocating the costs of each driver within
each zone to network users based on their profiles . . . . . . . . . . . . . . . . . . . . 28

10 The DSO’s total recoverable costs at each voltage level are multiplied by the driver
shares computed with RNM output to determine how much of the total DSO recov-
erable costs should be assigned to each driver. . . . . . . . . . . . . . . . . . . . . . . 35

11 The full Network A . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 47
12 The full Network B . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 48
13 The process demonstrated here for allocating the initial, Year 0 asset base should be

repeated for each asset vintage. The sum of the annual DSO costs associated with
each vintage yield the total DSO cost to be recovered each year. . . . . . . . . . . . . 52

14 Allocating connection costs to distinct clusters of network users in Network A. . . . . 53
15 The LV feeders and end users served by MV/LV substation CCTT10 . . . . . . . . . 55
16 The LV feeders and end users served by the injecting MV/LV substation CCTT5 . . 57
17 The cost components to be collected through DNUoS charges (only the LV network

cost is used as an example here; the same components make up the total MV and
HV network costs) . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 62

18 How the cost components to be collected through DNUoS charges and the resultant
price signals sent to network users may evolve over time . . . . . . . . . . . . . . . . 63

19 Sample residential profiles . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 70
20 Sample commercial profiles . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 71
21 Sample industrial profiles . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 72
22 The full Network C (LV and MV load) . . . . . . . . . . . . . . . . . . . . . . . . . . 73
23 A magnified section of Network B Run01 (connection network) with load and PV

generation points . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 76
24 A magnified section of Network B Run00 (full network) with load and PV generation

points . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 77

4



List of Tables

1 Nominal distribution voltages in the U.S. and Europe . . . . . . . . . . . . . . . . . . 16
2 The cost components derived from RNM output . . . . . . . . . . . . . . . . . . . . . 34
3 Sample reliability targets for an urban network and a concentrated rural network such

as the network built in the case study . . . . . . . . . . . . . . . . . . . . . . . . . . . 43
4 The key parameters that are changed in each run to introduce cost driver constraints

sequentially . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 44
5 Characteristics of the simulated concentrated rural network . . . . . . . . . . . . . . 45
6 Network A and B load and generation parameters . . . . . . . . . . . . . . . . . . . . 46
7 The NPV of the total and incremental costs associated with each RNM run for Net-

work A and Network B, and the resulting cost driver shares . . . . . . . . . . . . . . 49
8 RNM cost outputs for Network A . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 50
9 RNM cost outputs for Network B . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 50
10 Total DSO costs and allocation of DSO costs to drivers for Network A (only LV load)

and Network B (LV load and PV generation) . . . . . . . . . . . . . . . . . . . . . . 52
11 Total DSO costs and allocation of DSO costs to drivers for Network C (LV and MV

load) . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 54
12 The simultaneity factors used in the greenfield and brownfield RNM . . . . . . . . . 54
13 The contribution of network users served by MV/LV substation CCTT10 to the peak

load at HV/MV substation . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . 56
14 The contribution of network users served by injecting MV/LV substation CCTT5 to

the peak load at HV/MV substation . . . . . . . . . . . . . . . . . . . . . . . . . . . . 58
15 DNUoS charge for sample LV network user in Network A . . . . . . . . . . . . . . . 59
16 DNUoS charge for sample LV network user in Network B . . . . . . . . . . . . . . . 59
17 The MV/LV substations in Network A . . . . . . . . . . . . . . . . . . . . . . . . . . 74
18 The MV/LV substations in Network B . . . . . . . . . . . . . . . . . . . . . . . . . . 75

5



1 Introduction

The power system is being reshaped by a host of changes rippling throughout the electric power
sector and the utility industry. While all levels of the power system are facing new challenges
driven by the potential for a range of new technologies and policies, the growing integration of
distributed energy resources (DER) such as distributed generation and storage, electric vehicles,
and demand response may significantly alter the planning and operation of the distribution system
and the rest of the power system. A variety of reports — by organizations including Eurelectric
[16], the International Energy Agency [29], the Edison Electric Institute [34], the Electric Power
Research Institute [15], and many more — have described the power system-wide challenges and
opportunities that DER may present or are already presenting in Europe and the United States.
Corporations such as General Electric [45], ABB [1], and Siemens [57] have articulated visions
and plans for a future power system and utility sector with increased integration of decentralized
resources.

Distribution systems around the world are seeing growing integration of DER. As of October 2014,
the installed capacity of solar photovoltaics (PV) in Germany was 38 GW. Approximately 60%
of PV installations have a rated capacity of 100 kW or less and are connected to the distribution
network. In areas such as Bavaria, the installed capacity of distributed generation (about 78% of
which is solar PV) represents a large proportion of the region’s peak load. In Galicia, Spain, the
installed capacity of DG (which is primarily combined heat and power and medium voltage wind)
is 1.2 times the distribution service area’s peak demand. Of Italy’s 17 GW of solar PV installed
capacity, over 10 GW are connected to distribution networks [16]. Total solar PV installed capacity
in the United States is approximately 17.5 GW, with California accounting for over 8 GW and
Arizona accounting for nearly 2 GW [55]. Much of this installation is taking place at the level of
the distribution system, with residential solar PV accounting for approximately 16% of total PV
installed capacity [53].

The growth of DER has been shaped by a combination of forces, including decarbonization policy
goals, infrastructure investment deferral opportunities, greater emphasis on reliability, resilience,
and self-sufficient electricity supply, falling costs of distributed technologies such as solar PV, and
opportunities for enhanced power quality and more customer-tailored electricity service offerings
[38]. Managing the integration of DER in existing power systems presents the need for simultane-
ous updating of distribution network infrastructure, information and communication technologies
(ICT), and technical standards; business models and industry structure; and regulatory and policy
frameworks. The regulations that govern the planning and operation of the power system should
ensure that a level playing field exists for the combination of technologies and business models that
most efficiently meet the goals and objectives defined for the electricity sector. Creating such a
level playing field requires designing regulations and markets that reflect the costs and benefits of
the integration of a range of technologies and their operation in the power system.

Traditionally, system operators have far less visibility over and coordination of the distribution
system relative to centralized generation and transmission. A “fit-and-forget” approach has been
taken in the design and management of electricity distribution because the distribution network has
largely consisted of predictable, passive loads [60]. Distribution utilities and system operators have
typically built, operated, and maintained the lines, substations, and transformers necessary to serve
end users, with limited control over and feedback from those users. However, the proliferation of new
technologies — including distributed generation (DG), distributed storage (DS), and automated
load control and demand response (DR) — requires greater interaction between distribution network
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operators and network users. Grid users are no longer “simple consumers” [46]. More prevalent
DG and sale of electricity back to the grid, and increasing utilization of DR is obscuring the
distinction between traditional producers and consumers. The integration of DER heralds the
growth of distributed decision-making about the installation and operation of generation resources
and other system components. These decisions that were once wholly under the purview of the
distribution system operator or distribution utility impact the utility’s operational and capital
expenditures. For example, at the heart of the ongoing controversy over net metering and volumetric
electricity rates is the idea that owners of DG are not paying for their use of the distribution
network and are instead subsidized by network users who do not own DG. Yet, the integration of
DG presents benefits for network investment and operation that must be remunerated. Ensuring
optimal system operation requires enhancing coordination between distributed decision-makers
and system operators. In order to coordinate agents on a level playing field that reflects system
conditions and the impacts of agents’ actions on those conditions, price signals will serve as crucial
mechanisms by which to guide distributed decision making to achieve outcomes as close as possible
to central optima. This key goal of electricity prices or rates was first summarized in the definition
of “reasonable” public utility rates stated by James Bonbright in 1960: “Reasonable public utility
rates, like reasonable prices in general, are rates designed to perform with reasonable effectiveness
multiple functions as instruments of social control” [5]. While the regulation and operation of
the power sector, and broader societal goals have certainly evolved since 1960, the fundamental
purpose of price signals and rate setting to guide system users towards achieving those goals remain
unchanged. As distribution system planning and operation transitions from a passive model to a
model of active management of and interaction with network users selling services to the distribution
network operator, the communication of accurate price signals derived from network planning and
operational needs and the response of end users to those signals will be critical [19]. This thesis
presents a framework for the design of one such price signal in a broader system of price signals:
the distribution network use-of-system (DNUoS) charge.

DNUoS charges signal to network users how their utilization of the distribution system impacts
system costs and each user’s share of those costs. Distribution utilities cover network operation
and maintenance costs and recover infrastructure investments through DNUoS charges applied to
network users. Well-designed DNUoS charges can enable more efficient use of the distribution
system by, for example, incentivizing efficient location or siting of DER and optimal operation of
DER in response to distribution system conditions. Figure 1 below is an example residential rate
schedule for Pacific Gas & Electric [48]. It illustrates that a typical end user’s electricity bill is
comprised of charges for a variety of services, and it highlights the component of the final bill –
the distribution network charge – upon which this thesis focuses. The rate schedule displayed here
includes a distribution charge that is approximately 35% of the total residential rate. Generally,
transmission and distribution use-of-system charges can range from approximately 15%-40% of
customer electricity bills, depending upon the size and type of the customer (residential, commercial,
or industrial) [14].

The terms “distribution utilities” and “distribution” are used here to refer to the provision of net-
work connectivity and delivery of electricity between transmission substations and end users in the
distribution network. Distribution services are provided by Distribution System Operators (DSOs)
or distribution companies, which typically own, operate, and maintain the distribution network.
Under varying regulatory conditions, DSOs may also perform retailing or other commercial activi-
ties, but those activities are ignored here. The distribution network costs that are considered are
the capital expenditures (CAPEX) — namely, the annual depreciation expenses of capital costs
depreciated over the lifetime of network assets and the regulated return on the DSO’s rate base, as
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Figure 1: The distribution network charge here accounts for approximately 35% of the final rate
charged to a typical residential end user per kWh of electricity consumption. Image source: [48]

well as annual operation and maintenance expenditures (OPEX) of the network, which are roughly
proportional to the physical volume of assets. Before allocating distribution costs amongst network
users, the utility commissioner determines the total revenue requirement that a distribution utility
should collect from end user rates based upon CAPEX and OPEX deemed prudent[2]. The “costs”
to be allocated to network users in DNUoS charges are thus more accurately identified as the DSO’s
total recoverable costs, or revenue requirement. The components of the DSO’s recoverable costs
are illustrated in Figure 2.

The topic of determining the distribution utility’s revenue requirement is not addressed in this
thesis. It is assumed that a suitable revenue requirement has been determined for a specified test
period through the use of either cost-of-service or performance-based remuneration that will fully
cover the distribution utility’s costs (including a rate of return on capital investments) [5].1 This

1For more on the topic of remunerating distribution utilities under high penetrations of DER see [31].
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Figure 2: The cost components to be collected through DNUoS charges

thesis develops a framework for the step that follows the determination of the revenue requirement,
that is, the allocation of the total collectable revenue for a specified year amongst distribution
network users. The focus is not on the question of how much revenue is collected, but rather, on
the question of who pays and how much does each distribution network user contribute to total
DSO costs and revenue?

Growing integration of DER calls for the redesign of existing approaches to distribution network
cost allocation because of the greater diversity of network utilization patterns that DER introduce.
A new approach to DNUoS charge design should more accurately relate the network charge paid
by users to their impacts on network costs. Such a granular approach to distribution network cost
allocation is a departure from the current practice of charging network users average rates that are
computed for customer classes, each class assumed to consist of customers with similar network
utilization behaviors. As network use patterns diversify, so too do the impacts of network use on
distribution system operations and investments. For example, it may no longer be the case that large
swaths of residential electricity customers have similar profiles of network use behavior with similar
impacts on the distribution network. Instead, through decisions to utilize distributed generation,
electric vehicles, or other distributed resources, network users can have highly differentiated impacts
on the distribution system.

This thesis proposes a method to allocate distribution network costs amongst network users based
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upon users’ network profiles. The concept of developing network use profiles for distribution
network cost allocation was first proposed in [46]. The approach relies upon: 1) the use of a
reference network model (RNM) to identify the key drivers of distribution system costs, and
2) the allocation of those costs according to network utilization profiles that capture each network
user’s contribution to and share of total system costs. This thesis further develops the proposed
approach. Essential to the implementation of this cost allocation procedure is the availability
of an RNM, or distribution network-planning tool, that accurately determines the impact of the
connection and behavior of the network users on total distribution system costs. Such a tool allows
a utility regulator to identify the key drivers of network costs and the portion of the total network
cost corresponding to each cost driver. Additionally, the procedure relies upon the availability of
complete information about the network utilization profile of each network user. Well–designed
network tariffs compute the amount users pay for their utilization of the network through the
use of data and measurements of parameters such as each user’s location within a distribution
system, contributions to peak power flows or contracted capacity, and profiles of power injection
and withdrawal at the point of connection of that user, not upon an assumption that disparate
network users follow generalized, identical profiles of consumption or generation. Each network
user’s profile reveals the contribution of that user to each network cost driver, to the cost associated
with each cost driver, and as a result, to the total network cost. This thesis first approaches the
design of DNUoS charges under the assumption of complete information about network use profiles
through advanced metering or through the practice of contracting network capacity. When this
information is not fully available, simplifications must be made to the proposed framework. Too
many simplifications in the case of a significant lack of information on network utilization profiles
can prevent meaningful redesign of network charges for increasing penetration of DERs; however,
at the brisk pace of DER integration, of advanced metering technology improvements, and of
regulatory and policy directives for advanced meter infrastructure rollout, it is not unreasonable to
assume the availability of the metering and information collection capabilities required for adoption
of the updated network charge design principles described here. In the absence of either or both
of the above elements, simplifications must be made to the network cost allocation process. Those
simplifications are briefly discussed in the final sections of this work.

The structure of this thesis is as follows: Section 2 describes the technical, economic, and regu-
latory principles of distribution network planning and operations that underpin the allocation of
distribution network costs. Section 3 describes the proposed approach to calculating network costs
and designing DNUoS charges. Section 4 describes how an RNM is utilized in the computation of
DNUoS charges; Section 5 explains the simulation modeling process and results obtained. Section
6 discusses the policy and regulatory implications of implementing redesigned DNUoS charges.
Section 7 concludes and summarizes future work.

10



2 Background

In most power systems, the costs of the distribution network are allocated to residential customers
primarily on the basis of their volumetric energy consumption — that is, on the basis of the total
kilowatt-hours consumed by each customer. Where utility services are unbundled and each ser-
vice is charged a separate retail rate, an average volumetric rate (i.e. $/kWh) for the distribution
component of residential customers’ retail electricity bills is computed as part of the rate-setting
process. Typically, the distribution rate is calculated by classifying the DSO’s total costs accord-
ing to cost-defining service characteristics — namely energy, demand, and customer costs.2 (For
residential users, most costs are classified as energy and customer costs.) The total costs associ-
ated with each service characteristic are allocated amongst customer classes — usually residential,
commercial, and industrial customer classes — according to the magnitudes of the measurable ser-
vice characteristics of each customer class. For example, the DSO’s total energy-related costs are
allocated to the residential rate class according to the share of total kWh consumed by residential
customers. The residential energy charge for distribution is then simply the energy-related costs
allocated to the residential rate class divided by the total kWh of electricity consumed by residential
users over the course of the billing period [2].

This per–kWh distribution network rate is sometimes bundled together with the rates for energy
consumption (or generation), transmission, and other regulated charges (such as programs for
energy efficiency, promotion of renewables, industry restructuring, etc.) that are included in the
electricity bill as shown in Figure 1 to compute a total $/kWh rate for residential customers. In
some cases, the rates paid by residential network users also include a fixed, per-customer component
and perhaps a per-kW rate for the consumption capacity contracted for a billing period, though
these are usually a small fraction of a residential end-user’s electricity rate.

In this existing approach to distribution network cost allocation, costs are assigned to rate classes
or groups of customers that are a priori identified as having similar service characteristics. The
role of profiles, as developed in this thesis, is to obviate the need to group customers into classes.
Rather, by applying the same cost allocation method to the profiles of all network users, differences
in users’ profiles will reveal differences in service characteristics, the commensurate differences in
cost of service, and thereby result in different charges for users with different service characteristics.
Allocating distribution network costs to each network user based on profiles is one step closer to
allocating costs according to the cost causality of each user. The concept of rate classes will prove
obsolete with growing integration of DER because of the difficulty of isolating the costs and benefits
attributable to load and DG and grouping increasingly diverse network users into classes.

To determine the cost of serving customer classes, utilities conduct detailed cost of service studies.
However, such cost of service studies are time and resource intensive, and may not be the most
efficient manner in which to identify the drivers of distribution network costs and update the
assignment of costs to cost drivers as network use and network design change. Using an RNM can
enable the regulator and DSO to apportion system costs amongst drivers and allocate those costs
amongst customers in an automated manner, allowing more frequent updating of cost allocation.
Indeed, this requires accurate parametrization of the RNM used for rate design, but assuming that
an upfront effort is undertaken to populate the RNM with an accurate catalog of available equipment
and equipment costs, and the relationship between equipment characteristics and customer demand,
then the RNM can be relied upon to accurately reflect changes in network design and costs, costs

2An adaptation of this list will later be referred to as cost drivers.
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related to each driver, and costs allocated to each network user.

Allocating network costs primarily on the basis of volumetric energy consumption presents ineffi-
ciencies in distribution systems evolving to incorporate a growing number of DER and a growing
list of new stakeholders. These inefficiencies include: incomplete price signals to incentivize opti-
mal network utilization; cross–subsidization among network users; and business model arbitrage
of rate structures. For example, under existing policies of volumetric tariffs and net metering
with conventional electricity meters, it is possible that network users without onsite generation
subsidize utilization of the distribution network by users with DG. If a network user with DG
produces enough energy to entirely offset his or her energy consumption requirements, then a net
zero kilowatt–hours of energy are distributed to that network user. However, as is often the case
with non–dispatchable DG, such as rooftop solar PV, periods of generation may not coincide with
periods of peak consumption. For example, as data collected on a daily basis by the California
Independent System Operator (CAISO) shows, peak solar PV output typically occurs between
11:00am and 3:00pm, while peak load at the wholesale level occurs between 6:00pm and 10:00pm.
Figure 3 shows CAISO load and solar output on a winter day, January 5, 2015 (top), and on a
summer day, July 5, 2014 (bottom) [6]. Since peak load and peak generation are unlikely to occur
at the same instant of time in this example, the kilowatts of power distributed to meet network user
demand during peak load hours are not significantly reduced by solar PV generation. In any given
hour, the power output of PV, at the wholesale level, does not exceed or even approach total system
demand. But, in particular distribution circuits, power output during peak generation hours may
well exceed load.

Over the course of one day, the net energy for a network user may be zero, but in each hourly
or quarter–hourly time frame, the magnitude of the user’s contribution to the kilowatts of power
distributed through the network is nonzero. The particular characteristics of load and generation
coincidence vary according to the load profile and generation resources in a distribution system.
For example, in systems with summer consumption peaks resulting from midday air conditioning
loads, solar PV generation coincides closely with load. The resulting reduction in distribution
system capacity utilization can lead to a reduction of capacity–related distribution costs and future
network reinforcement investments.3 But in general, volumetric network rates charged entirely per
kWh to the net energy distributed by the DSO to end users over the course of a billing period (such
as a month) fail to fully take into consideration the drivers of distribution network costs, resulting
in inefficient allocation of costs and cost–savings to network users.

3The value of coincidence between midday air conditioning load (which primarily occurs at workplaces, or commer-
cial and industrial (C&I) network user sites) and distributed solar output still relies upon utilization of distribution
system components to meet non-residential load in the MV or HV networks with residential generation in the LV
network. This is one example of how, even during periods of coincidence between load and injection from DG, the
network is utilized for balancing and transporting power from DG to load.
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Figure 3: CAISO load and solar output on January 5, 2015 (top) and July 5, 2014 (bottom)
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The issue of cross subsidization is one challenge that lies at the core of the debate over net me-
tering of DG and volumetric tariffs (and more broadly, over the integration of DER that reduce
volumetric energy sales). What has been termed the “utility death spiral” is the positive feedback
cycle characterized by reduced energy distribution — or lower volumetric sales — alongside higher
costs and higher rates. With volumetric tariffs, lower energy sales result in lower revenue for the
distribution utility. This reduces utility revenue, and the ability to recover costs unless distribution
network costs fall or rates on the remaining volumetric energy sales rise. Fixed distribution costs
such as the size of the asset base and thus the allowed return on the rate base, as well as the
depreciation of existing assets remain unchanged with changes in volumetric energy distribution.
Additionally, the use of distribution network capacity by individuals with DG may not be signifi-
cantly diminished, since the grid is used for balancing production and consumption, as described
above, and for maintaining power quality to all system users. Depending upon the characteristics
of a particular distribution system — including DG location and the extent of network upgrades
necessary to integrate DG — network costs may rise over the long run with greater penetration of
DG [11], [41], [58], [61]. The allocation on a per–kWh basis of costs that are not driven exclusively
by volumetric energy consumption results in users without captive generation subsidizing use of
the distribution network by those with captive generation.

While DG serves as the primary example in this discussion, it is worth noting that the drawbacks
of purely volumetric network charges are apparent not only with distributed generation, but with
demand response and energy efficiency as well.4 In any of these cases, if volumetric energy con-
sumption falls but network capacity utilization or peak power consumption are unchanged, then
volumetric charges fail to consider the full impacts of user behavior on network costs, resulting in
poor cost-reflectivity. More broadly, pricing mechanisms that result in lower network charges as
a result of lower volumetric energy consumption give rise to the potential for cross subsidization.
For example, measures to incentivize energy efficiency aim to reduce total energy consumption, but
without temporal variation, they may not effectively reduce peak consumption [20]. This under-
scores the importance of designing price signals that reflect the drivers of system costs (including
network charges, time–and–location varying energy prices, and prices for other electricity services),
and that are consistent with one another.

The changes in distribution network utilization introduced by DER are not entirely new. Rather,
they suggest that the nature of residential distribution network use is increasingly mirroring the
patterns of use exhibited by commercial and industrial (C&I) customers. Large C&I customers
are typically connected directly to the high voltage (HV) or medium voltage (MV) distribution
network and often have captive generation. Thus, the distribution sector is facing problems that
have, to some extent, been addressed with C&I rate structures and revenue models, and the idea of
developing a new method of distribution network cost allocation may benefit from the approaches
currently employed for C&I grid use, such as metering energy and demand for all network users.
An important limitation of existing approaches to network cost allocation for C&I customers is
that they have been developed within the context of the prevailing consumer–only mentality, and
as a result, ad hoc, approximate methods have been used to account for local generation in rate
design. This is primarily because no sound method to determine cost causality at the distribution
level has yet been available to regulators. The difficulty of determining cost causality arises from
the discrete nature of network investments and the sharing of joint and common costs amongst
multiple network users. This limitation can be addressed with the development and use of the

4Again, note that energy prices may be time-varying to reflect how generation costs change according to the time
of consumption and magnitude of peak power flows. However, this paper focuses exclusively on network charges.
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aforementioned reference network models, as explained in greater detail in Section 4.

A distinguishing feature of C&I customers is the availability of detailed profiles of electricity con-
sumption and production. Demand meters are installed to collect information in quarter–hourly
intervals about peak demand within a billing period. Retail rates are typically structured to ac-
count for energy consumption, demand,5 and grid connection and utilization, and vary by time
of use. This rate structure enables better allocation of network costs according to network use,
and therefore, according to cost causality. A new paradigm for distribution network charges for all
network users — including both C&I and residential users — can compute network charges based
on profiles of distribution network utilization and users’ contributions to network costs.

5Again, here demand refers specifically to power consumption. For distribution networks with greater penetra-
tion of DER, network charge design requires an approach that more generally accounts for both consumption and
production in the distribution network.
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2.1 Technical Considerations of DNUoS Charge Design

End-user needs and expectations of the services that can be provided by the power system are
changing significantly, from bidirectional power flows and increased risk of overvoltage, to changes
in the inertia and frequency response requirements of power systems with a high penetration of
solar PV or wind. As the demands on the power system change – as technologies evolve, as policy
goals change, as the nature of users’ needs change – the price signals sent to users of the system
must capture those changes and communicate the impacts of those changes. DNUoS charges that
allocate distribution costs according to network users’ impacts on cost drivers are price signals
that accurately reflect the physical impacts of network utilization behaviors on system planning
and operations. This section provides an overview of the relevant technical features of distribution
network design and cost drivers, and the impact of increasing penetration of DER on the planning
and operation of distribution systems.

While the distribution activity refers universally to the final distribution of electricity from the
transmission network to end users, the voltage levels that are considered distribution voltages vary
around the world. Table 1 lists the common ranges of distribution voltages in the U.S. and Europe
[18], [23].6

Table 1: Nominal distribution voltages in the U.S. and Europe

Each voltage level of the distribution network may be designed and operated in a meshed, loop, or
radial fashion. HV distribution networks are designed and operated in a meshed manner (except in
very sparse, rural areas). MV networks are designed in a meshed configuration in urban, high-load-
density areas and a radial configuration in low-load-density areas. In both cases, they are operated
in a radial manner. The LV network is nearly always designed and operated radially, though there
may be flexibility for network reconfiguration [16], [21]. Particularly high-load-density areas such
as downtown areas in cities may have meshed underground LV networks for enhanced reliability.
Figure 4 depicts the typical layout of a distribution network, from the primary transmission-to-
distribution substation, along a three phase primary feeder main (which typically ranges in length
from 1-30 miles) to the LV, single phase laterals and secondary feeders branching off the primary
feeder [23].

6Extra-high voltage (EHV) is sometimes used to refer to voltages in the 220 kV-380 kV range, but in this voltage
range, the delineation between distribution and transmission – and the vocabulary used – is blurred. For example,
according to IEC definitions, the EHV network in Germany performs the function of connecting bulk power generation
to distribution networks. This is labeled as transmission in the U.S., with U.S. transmission voltages ranging from
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Figure 4: Layout of a typical electricity distribution system. Image source: [23]

The critical new feature that DER integration introduces to distribution networks is the possibility
of bidirectional real and reactive power flows. These bidirectional power flows introduce a variety
of challenges for the planning and operation of existing distribution networks. One of the key
challenges of integrating DG is the impact of reverse real power flow on steady state voltage in
distribution feeders. Adding DG to a distribution feeder introduces the possibility of overvoltage,
or voltage rise at the site of embedded generation on the feeder beyond ANSI7 limits, when local
generation exceeds load [4], [40].

Under normal circumstances, the voltage for all end users along a distribution feeder should be
maintained within +/−5% of the ANSI limits. The voltage drop along the line increases with
increased distance and increased load, so ensuring compliance with voltage drop limits means
ensuring that the voltage drop at the point of common coupling (downstream of the MV/LV
transformer) of the end user farthest from the substation should be within the +/−5% threshold.
During peak load, the last user’s voltage should be above the lower ANSI limit, and during peak
generation or minimum load, the last user’s voltage should be below the upper ANSI limit. An
example of the voltage profile of a radial feeder is shown in Figure 5 [23].

When the output of embedded generation on a feeder is less than or equal to the load farther from
the substation along the feeder, then any injection by the DG serves ‘downstream’ load. When

230 kV-765 kV [9].
7American National Standards Institute
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Figure 5: The voltage profile typical of a radial feeder with residential distribution customers.
Image source: [23]

the DG output exceeds the load farther from the substation along the feeder, then the voltage
at the DG connection point rises higher than the substation (and thus higher than elsewhere on
the feeder). Some injected power serves downstream load, and some power flows towards the
MV/LV substation serving the feeder. If there is no downstream load, then all injected power
flows towards the substation, and the voltage rise at the DG connection point may be significant.
Figure 6 illustrates the magnitudes of overvoltage along a feeder with DG installed mid-feeder
under varying conditions of load and generation [40].

In order to maintain the voltage at each user’s connection point and point of common coupling
(PCC) to the network, a variety of voltage regulation approaches are used. In light of standards that
prohibit DER from actively regulating system voltage, voltage regulation is done by adjusting step
voltage regulator (SVR) settings and on-load tap changers at distribution substation transformers,
and by using switched and fixed capacitor banks [54]. Alternative overvoltage mitigation approaches
include installing larger conductors or curtailing generation during periods of low demand [40].
Bilateral agreements between the DSO and DER operators may also permit the adjustment of
inverter operating modes so that inverters can adjust their import and export of reactive power to
regulate voltage at the PCC [61], [7]. Investments made by the DSO to reinforce the distribution
network to address overvoltage problems are examples of costs that must be allocated amongst
the DER that drive the costs [11]. Additional technical considerations of the integration of DER
include impacts on feeder losses, power quality, and fault protection.8

Traditionally, distribution system planning has primarily needed to consider one worst case scenario
of demands on the network – namely, power flows resulting from peak load. The integration of

8For example, additional voltage concerns arise under abnormal operating conditions, such as ground fault over-
voltages and resonant overvoltages [4].
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Figure 6: The voltage profile typical of a radial feeder with residential distribution customers.
Image source: [62], adapted from [40]

DER, particularly distributed generation, creates the opportunity for two worst case scenarios: one
is still the occurrence of maximum load, but the other results from net injection, or the occurrence
of reverse power flows when generation exceeds consumption [36]. Thus, distribution capacity costs
include costs associated with accommodating peak load and costs associated with accommodating
injections when local generation exceeds load. Allocation of capacity costs to network users consid-
ers users’ contributions to load and injection. Users’ profiles indicate whether they are contributing
to load or injection during any hour. When users inject power, their contribution to load is negative
and their contribution to injection is positive. When users consume power, their contribution to
load is positive and their contribution to injection is negative. The value of each of those activities
to the network will vary according to the time of day and time of year: the net value that each
agent presents to the network is determined by the sum of their contribution to consumption-related
capacity costs and their contribution to injection-related capacity costs.

An estimation tool that will be used to determine the contribution of each network user to peak
power flows in the absence of full information about users’ hourly profiles is the simultaneity factor
(SF ). The SF of each network element indicates what portion of the peak power flow in those
elements should be considered to determine the peak of the upstream element. For example, the
SF of LV customers indicates what percent of the peak demand of each LV network user should be
aggregated to determine the peak load on the MV/LV transformer immediately upstream of those
LV users. Thus, the peak load on the MV/LV transformer is:∑

i
SF ∗ Peak LoadNetwork User i = SF ∗

∑
i
Peak LoadNetwork User i

As described in greater detail in Section 5, SF s are utilized in the numerical analysis only to
address the statistical limitations of the modeling technique applied. With real data for every
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network user’s profile – as opposed to an artificial set of profiles generated from a sample of real
profiles – SF s would not be required.

Reliability in distribution networks refers to continuity of supply, or the ability of the DSO to meet
demand on a continuous basis. Continuity of supply is measured with reliability indices that quan-
tify the frequency and duration of network service outages as an aggregate or per-customer average
value. In much of the world, SAIDI (system average interruption duration index) indicates the
average duration of interruptions per customer, and SAIFI (system average interruption frequency
index) indicates the annual average number of interruptions per customer. In Spain, continuity of
supply is measured with TIEPI (installed capacity equivalent interruption time) and NIEPI (in-
stalled capacity equivalent number of interruptions) [21]. In the numerical example, TIEPI and
NIEPI targets are the mechanism used to evaluate the role of reliability in driving distribution
costs.
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2.2 Regulatory Economics of DNUoS Charge Design

There are multiple objectives for well-designed distribution network charges, as described in [5] for
utility rates in general and in [46] for DNUoS charges in particular. They must provide sufficient
revenue for network companies to recover efficiently–incurred network capital and operating costs;
they should send economic signals to network users about how their behaviors impact network costs
and allocate costs according to cost causality — or allocate costs to those who cause them to be
incurred; they should be nondiscriminatory or equitable by applying the same method to determine
charges for all network users;9 they should be transparent in that the method used to compute the
tariffs should be made publicly known; they should be stable in that they minimize regulatory
uncertainty; and they should, to the extent possible, be simple and understood by network users
and network service providers. Tariff design and practical implementation often requires tradeoffs
between the aforementioned regulatory objectives [2].

In determining the allocation of distribution network costs amongst network users, key features of
electricity distribution economics play a critical role. Distribution companies exhibit the defining
characteristics of natural monopolies. They experience economies of scale, or a falling average cost of
service over the relevant range of service provision10. As such, they experience diminishing marginal
costs until the point at which marginal costs are equivalent to average costs. Because marginal
costs (or the incremental cost per additional unit of output) are consistently less than average costs,
marginal cost pricing does not ensure the full recovery of total distribution costs. Additionally, as
with transmission networks, the reality of distribution investments is that investments cannot be
made in a continuous manner; rather, there are discrete levels of feasible investment based on
standard equipment capacities [51]. The approach to network charge design proposed here relies
upon allocating the incremental costs associated with network cost drivers to network users based
on a weighted average computed through users’ contributions to cost drivers. This approach is a
blend of an incremental and average cost approach to ensure cost recovery, rather than a short-run
marginal cost approach.

While the cost-of-service standard, or the principle of cost causality, underlies the principles of sound
rate structure, there have conventionally been limitations on the extent to which electricity rates
are reflective of the cost of providing services to end users. These limitations arise from practical
and theoretical considerations. The complexity of the relationship between total and component
distribution system costs and the behaviors of system users has precluded the design of truly cost-
reflective rates in the distribution sector. Capturing differences in which network users utilize which
components of the distribution system, and capturing the costs of serving customers of different
types at different locations and times would yield an impracticably large number of customer
classes, subclasses, and rate schedules [5]. While the large number of users and components in
the distribution system does indeed give rise to high-dimensionality and complexity that prevents

9Equity does not by itself imply that all users pay the same rate for network utilization, as it has traditionally
meant in the computation of rates for utility customer classes deemed to have similar service characteristics. Rather,
it means that the same method is used to compute the rate charged for network utilization behaviors and therefore
for the network charge associated with a particular agent’s network utilization.

10The “relevant range of service provision” refers – somewhat circularly – to the spatial and demand-density range
over which economies of scale exist. That is, within a given distribution service area, economies of scale exist in that
it is lower cost for one DSO to serve end users than multiple DSOs. However, across a larger geographic scope, the
cost of distribution increases roughly linearly with area and load. The boundaries of the geographic area over which
economies of scale exist establish the sensible boundaries of the distribution territories within which to grant natural
monopoly status to a DSO.
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the exact translation of network cost allocation techniques utilized in the transmission system,
for example, it does not prevent in improvement in the granularity with which network costs are
attributed to network users. The utilization of profiles to characterize every user in the distribution
system relies upon the profile itself revealing the cost causation of each customer. This obviates the
need to group customers into classes, determine the cost causality of different classes and subclasses,
and design separate rate schedules for each customer class. The complexity of network use profiles
is bounded by their restriction to the primary cost drivers. It is assumed that the full cost of the
distribution network can be accounted for through the costs of each of the primary cost drivers.
Less significant cost drivers may indeed be overlooked, but the primary drivers reflect the largest,
most stable cost relations.

The volatility of high cost-reflectivity is another key consideration in the design of sound electricity
rates. In order for DNUoS charges to serve as effective price signals to network users, users must
have some ability to predict how their network utilization will impact their DNUoS charges so that
they may reshape their profiles to achieve some alteration in their charges [5]. While volatility is
a characteristic of energy charges, which in some power systems are computed as often as every
5 minutes, the economic signals that inform consumers how changes in their profiles may change
future network costs are far more stable, and do not raise concerns of DNUoS charges that are too
volatile for customer acceptance or reaction.

All components of DSO costs – that is, O&M expenses, depreciation expense, and return on the rate
base – change in response to changes in the rate base. If reinforcements are made to existing assets,
or new assets are added to the rate base, all three components of the DSO costs and recoverable
revenue will grow. If no new investments are made, the rate base may stay the same size or shrink as
existing assets reach the end of their lives and are depreciated fully. Figure 7 shows how the total
distribution cost to be allocated amongst network users may change with changes in the network
asset base.

Figure 7 reveals a critical feature of distribution network costs. Regardless of how network use
changes from some year ti to the next year ti+1, since the existing asset base does not change unless
assets are fully-depreciated, the costs that the distribution utility must recover are virtually fixed
in the short run, or the time frame within which some inputs – such as capital investments – are
taken as fixed. In contrast, in the long run, all costs can be varied [35].

Over the long run, as network use changes, the investment needed for network upgrades, repairs,
or reinforcements also change. As such, the fixed sum to be allocated across network users in the
long run will change. For example, if users lower their capacity requirements by reducing their
contributions to system peak power flows, the network capacity does not dynamically shrink in the
short run. What does change is the amount of reinforcements and network expansion that may
be necessary in the long run. The overall size and costs of the network decline in the long run,
which means that the DSO’s rate base will shrink, and each network user will pay a lower network
charge. Tension — in the form of “utility death spiral” adverse selection — may arise if the pace
at which network users change their utilization profiles does not match the rate at which existing
network assets are depreciated. The distribution utility may face the challenge of allocating the
costs of stranded assets if network utilization declines faster than current network assets are fully
depreciated.

The challenge of DNUoS charge design is determining how to allocate and recover costs that are
static in the short-run (and dynamic in the long-run) in the face of dynamic network profiles,
while simultaneously allocating costs as closely as possible according to cost causality. The aim of
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Figure 7: How the cost components to be collected through DNUoS charges can evolve over time

well-designed DNUoS charges is to send price signals to network users that a) encourage efficient
utilization of the existing network, and b) reflect how changes in network utilization impact network
costs so as to enable evolution towards a distribution system well-adapted to network user demands.
For example, ideally, DNUoS charges can provide price signals to guide the optimal installation
and operation of DER by appropriately rewarding and penalizing network users for the costs and
benefits offered to the distribution network. However, the primary price signals upon which network
users will make decisions to install DER or not will likely be the energy charges — i.e. generation-
related charges — that they can avoid through the use of DER such as solar PV and/or storage.
The rate at which network utilization patterns may lead to complete disconnection from the grid
is unlikely to significantly impact the recovery of costs of existing network assets, but will certainly
need to be considered in the long-term planning of distribution networks. Thus, the primary goal
of the method described here is allocating and recovering the costs of the existing distribution
network assets, with a keen awareness of the potential growth and impacts of DER integration in
long-term distribution planning. The DNUoS charge can serve as a price signal to shape decisions
about the operation of installed DER by reapportioning network users’ shares of distribution costs
according to changes in user profiles to indicate to customers how their impact on network cost
drivers impacts their share of effectively-fixed total network costs.

Because of the discrete nature, or lumpiness, of network investments and the nonlinear relationship
between network utilization and network costs, it is difficult to associate the marginal cost of future
network reinforcements with individual network user behaviors. For example, the marginal cost
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of serving an additional unit of utilization of the distribution network along a particular feeder
may be very small or even zero when the relevant distribution feeder and source substation and
transformers have excess capacity. However, when the thermal capacity of the line is reached, for
example, then the marginal cost of serving an additional unit of utilization amounts to the cost of
reconductoring existing lines or installing an additional line.

In [27], the authors design a long run marginal cost (LRMC) approach to allocate the costs of
network reinforcements and long run network developments by evaluating the impact of nodal
injections on: circuit power flow, the length of time until a reinforcement is needed, and the
present value of future reinforcements. This LRMC approach provides an accurate assessment
of the impact that small changes in network injection can have on network costs, although it
may result in revenue for the network company that differs significantly from the total network
cost. Rather than taking a marginal cost approach, the framework proposed here relies upon
identifying users’ contributions to the cost drivers underlying distribution network development
and thus their share of total distribution costs. The allocation of network costs to network zones
and to users according to their profiles avoids the drawbacks of flat, average cost allocation and
recognizes the varying impacts that additional units of a particular network cost driver can have on
network costs. The use of zonal instead of nodal price differentiation aims to achieve cost causality
while recognizing that differing incremental costs associated with network utilization may arise
from planning decisions not made by individual network users. Additional measures of distribution
network charge socialization may be employed by the regulator, as explained in subsequent sections.
The central goal of the approach to network charge design proposed here is ensuring total network
cost recovery in a manner that allocates costs according to cost causality. This approach relies
upon allocating the incremental costs associated with network cost drivers to network users based
on a weighted average computed through users’ contributions to drivers. As mentioned previously,
this approach is a blend of incremental and average cost approaches.
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3 An updated framework for network use-of-system charge de-
sign

In Pérez-Arriaga et al. [46], the authors outline a new framework for DNUoS charge design. The
framework proposes allocation of distribution network costs according to network users’ profiles.
A user, defined at a point of connection or point of common coupling to the LV, MV, or HV
distribution network, has a profile, or a collection of values, of cost driver variables, the key
factors that drive the total cost of the distribution network [50]. (See below for examples of
cost drivers). A profile encapsulates all the information necessary to determine each grid user’s
contribution to network costs. The values of the variables defining each user’s profile establish the
amount that each user pays in network charges. For example, a single network user’s profile may
be comprised of that user’s location in the distribution network; power injection and withdrawal
during periods of peak power flow in the local network and upstream and downstream networks,
or instead, if applicable, contracted capacity to consume or produce during peak periods; energy
use pattern throughout the considered time period; and possibly other characteristics that may
more completely define distribution network utilization and each user’s contribution to, or cause
of, network costs.

As grid users introduce DG, DR, load control and energy management systems, storage, and new
loads such as electric vehicles (EVs), it is no longer possible or meaningful to continue using existing
customer classifications. Moreover, network users’ activities behind the electricity meter often are —
and ought to remain as far as possible — a black box to distribution utilities (see Figure 8 below).
In order to ensure that tariffs are non-discriminatory, the method employed to compute DNUoS
charges should be agnostic to the particular activities for which the network is used. Building user
profiles based on cost drivers, and assigning charges for users according to those profiles avoids
the challenges associated with having to identify network users’ specific uses of electricity. Rather,
profiles permit a distribution utility to quantify grid users’ contributions to network costs without
requiring detailed knowledge of which network users in a distribution utility’s service area own
and charge EVs, operate battery storage units, or utilize solar panels, micro-cogeneration units, or
backup diesel generators.

Figure 8: All that the distribution utility sees of a network user’s behind-the-meter activity is a
user profile

As indicated before, the fundamental principle underlying the framework for DNUoS charge design
is the cost causality principle. In order to apply this principle to the computation of network charges
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in distribution networks with a high penetration of DER, there must be a clear understanding of
the drivers of network costs, and the impacts on network costs of the presence and activity of
network users — including traditional consumers and DER. Computing network users’ DNUoS
charges consists of the following four steps:

1. Identify the cost drivers, or primary variables that drive the total cost of the distribution
system. Once the drivers have been identified and understood, network users’ profiles can be
defined.

The cost drivers are a set of magnitudes of physical quantities D = {d1, d2, d3, . . . , dN} such
as capacity requirements, energy loss–reduction requirements at each voltage level, and quality
of service requirements at the aggregated network level, as well as the locations of network
user connection points [52].

Identification of the cost drivers is facilitated by the use of a network-planning tool — a
reference network model as mentioned above. Such a tool enables trials of changes in the
composition and/or behavior of networks users — such as adding rooftop solar PV generation
— and observing any resultant changes in network costs.

2. Determine the contribution of each cost driver to the total distribution network cost. The
analysis to allocate network costs to the cost drivers is conducted independently at each
network voltage level. Thus, the sum of the costs at each voltage level allocated to a given
cost driver should yield the total distribution system cost due to that driver. Costs that are
joint and common to multiple voltage levels are considered in the next step, in which costs
are allocated to network users.

If appropriate, the total cost associated with each cost driver at each voltage level is allo-
cated amongst homogeneous network zones (hereafter referred to simply as zones). A zone
is defined as a section of the distribution system such that every additional unit of each cost
driver has the same impact on total network costs. A secondary distribution feeder may be
the natural functional unit that qualifies as a zone, and is used as the definition of a zone
throughout the remainder of this thesis, since different feeders experience different peaks
(magnitude and timing) which are often measured and recorded by DSOs, they exhibit dif-
ferences in the magnitude of losses, they differ by length and therefore outage frequency, but
the location of users along a given feeder is often arbitrary. In current practice, distribution
utilities separately estimate primary and secondary distribution costs [47], and they assess
the hosting capacity of distributed generation at the secondary feeder level on the basis of
what percent of total secondary distribution network load the distributed generation makes
up [49]. Feeder circuits are often designed so that the load or utilization of each section of
the feeder sums to a specified utilization of the total feeder capacity; as such, for very long
feeders that extend multiple miles, it may make sense to further subdivide the feeder into
sections and carry out cost allocation to those sections [63].11 The motivation for defining
network zones and allocating costs to zones — rather than computing individual shares of
total network costs according to minute differences between all users’ profiles — lies in the

11A zone may be defined as any unit of the distribution system other than a feeder, as there are multiple con-
siderations in the characterization of a homogenous network zone. These may be technical, political, or economic
characteristics. Zones may be defined more narrowly in order to communicate locational signals for the operation of
DG along sections of a feeder. As previously indicated, network charges may have to be applied to new distributed
generation located in non-favorable sites in the network. For example, generation along a branch of a feeder may
require network reinforcements even without yielding a detectable injection peak in the feeder.
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recognition that there are certain components of the total distribution network cost that are
better allocated by grouping customers and then distributing the component cost amongst
members of that group. Again, the key network user groupings are: allocating costs to drivers
separately in the LV, MV, and HV networks, and allocating the costs at each voltage level to
network zones such as feeders.

The total distribution network cost is the sum of the costs contributed by all cost drivers at
all voltage levels. At the LV, MV, and HV levels, this step is comprised of two parts: a)
dividing each voltage level’s total network cost between the cost drivers, and b) dividing the
total cost associated with each cost driver at each voltage level amongst network zones. A
network–planning tool is central to identifying network zones and the share of network costs
allocated to each zone.

3. Compute each network user’s DNUoS charge. Determine each user’s share of the total cost
associated with each driver in the user’s network zone. The user’s share of the total cost
associated with each driver is determined by the user’s profile. The final DNUoS charge is
the sum of the charges assigned for each driver.

Each network user i will have a profile consisting of individual values of the N cost driver
variables Di = {d1i, d2i, d3i, . . . , dNi} = {dni}. Each network user’s share of czn, the total cost
associated with driver dn in network zone z, is sizn. The value of sizn is determined by the
user’s network utilization profile.

User i distribution network charge =
∑

CostDrivers dn∈D
czn ∗ sizn

where sizn = 0 for those cost drivers to which network user i has no contribution.

4. Choose an adequate format for presenting the final distribution network charge on network
users’ electricity bills.

Traditional formats such as $/kW or $/kWh rates would no longer provide efficient signals for
network users since each user’s charge is first based upon cost allocation to network zones and
then to individual users. Presenting a large range of time- and zone-specific rates could lead to
confusion amongst network users. Presentation of DNUoS charges as lump monthly charges,
perhaps listed by cost driver, provides a transparent and understandable billing format.

Figure 9 graphically outlines the cost allocation process. Each step is explained in greater detail
in the remainder of this section.
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Figure 9: Cost allocation involves first splitting the total network cost at each voltage level into the
costs associated with each driver, then splitting the cost associated with each driver across network
zones, and finally allocating the costs of each driver within each zone to network users based on
their profiles
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3.1 Identifying the cost drivers

Cost drivers are the key factors that determine the cost of the distribution network. In the course
of planning, operating, and controlling electricity distribution, the overwhelming majority of costs
are linked in some manner to the amount and scale of network infrastructure assets, or the size of
the DSO asset base (see Figure 2). More specifically, the distribution cost components described
in Section 1 comprise investments in distribution infrastructure to replace, build new, reinforce,
and expand network capacity, including lines, substations, control components, and monitoring
devices; O&M costs such as costs of dispatch centers and maintenance personnel; and metering
costs [21]. Cost drivers are the factors, or network user needs, that motivate the above investment
and operational costs. The fundamental purposes of the distribution costs that are incurred are to
connect all network users in a manner that meets utilization requirements under a range of operating
conditions, while reducing network losses to an economically efficient level: these purposes underlie
the definition of the cost drivers described below.12

Building upon prior work to identify distribution network cost drivers (such as [52] and [24]), the
following are the cost drivers of focus in this work:

1. Connection

The connection cost driver refers to the elements of distribution network design to provide
users with connectivity to a distribution network that considers only the geographic loca-
tions and minimal load and/or generation of users and the impact of geography on network
topology. The connection cost driver does not consider users’ network utilization profiles.
The magnitude of this cost driver depends on multiple factors, including feeder length and
the density of the network to which the user is connected (urban, suburban, or rural), and
reflects the costs incurred for digging trenches, installing poles, and laying lines to reach all
users that must be served within the distribution service area.13

The cost associated with connection should generally be the same for network users connected
at the same voltage level and within the same zone; namely, the connection cost for each user
along a feeder should be the average connection charge for the group of users along that feeder.
This is because small differences in distance from a reference point — such as the distance
from a substation to each home along a distribution feeder — are the result of design decisions
about what network topology reaches the most individual users within a given area. Since the
network layout is a result of decisions made without participation by the users, and multiple
configurations are possible, socializing network connection costs along distribution feeders is
justified. The integration of DER may present possible exceptions to this rule. For example,
connection charges may be applied directly to new distributed generation that connects at
sites where it is a priori known that substantial (higher–than–average) additional network
connection costs will be incurred. In such a case, direct cost causality can be attributed to

12Losses are not a distribution cost in that the cost of losses is incurred at the generation stage and not the
distribution stage. Transmission and distribution losses increase energy generation requirements, and the costs of
increased generation are passed on to end users through energy charges. Losses are certainly influenced by physical
properties of distribution infrastructure such as the cross-sectional area or length of lines or the type of conductor or
transformers used. But, unless regulation provides incentives for distribution utilities to make network investments
in a way that reduces estimated losses, the DSO does not incur any cost for higher-than-socially-optimal losses in the
distribution network (and passes on any loss penalty to network users).

13The level of demand selected as the “minimum” to be served by the minimal connection network is somewhat
arbitrary, but it is constrained by the need to obtain a feasible power flow for network users.
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a particular network user. Similarly, in sparse, rural networks with isolated users located on
long feeders, the full cost of the feeder can be attributed to that user and may be entirely
allocated to that user. Or, costs of serving rural customers may be socialized amongst a
broader swath of network users.

2. Capacity

A key driver of distribution network costs is the need to design the network to accommodate
peak power flows. Because of system planning requirements to ensure that distribution capac-
ity can meet peak load under a variety of load conditions, the impact of network users’ peak
demand is a central consideration in distribution system design.14 In addition to meeting
peak demand requirements, networks with DER must be designed to accommodate bidirec-
tional power flows. The integration of DER requires that contributions to reverse power flows
(when local generation exceeds local demand and power is exported from a feeder circuit)
be measured along with contributions to peak consumption as part of network users’ profiles
and used to compute network charges. As described in Section 2.1, critical voltage challenges
can arise from reverse power flows that are significantly smaller than the magnitude of power
flows associated with peak demand. Injection from DG impacts the voltage profile of the
feeder on which DG is located, and voltage rise at the site of DG installations increases the
risk of damage to distribution equipment [38]. Thus, capacity-related costs of the distribu-
tion system extend beyond planning for peak loads to considering the costs associated with
maintaining voltage limits while accommodating bidirectional power flows.

Additionally, benefits of DER such as alleviating peak demand can help defer network ca-
pacity expansion investments by reducing adverse impacts on the life of existing assets, and
remuneration for such potential benefits should also be included in the DNUoS charge. Abid-
ing by the principle of cost causality in using the coincidence of feeder-level power flows with
relevant upstream power flows to compute network charges requires considering the economic
value of the injection or withdrawal of power by a network user depending upon the timing
and location of the injection or withdrawal. Since users must be charged or remunerated for
their impacts on the power flows in the LV, MV, and HV networks, the occurrence of peak
load or reverse power flows at the HV/MV and MV/LV substations, and along primary and
secondary feeders must be considered. Capacity charges can be either positive or negative,
depending upon whether network users’ consumption or injection takes place during periods
of system or local peak demand or production. For example, the benefits and associated
remuneration of injection from DG during periods of peak consumption at the HV/MV sub-
station (system level) may offset local injection-related costs in a feeder with a large amount
of injection and lead to a negative capacity charge (typically in the form of a payment or
credit on a user’s bill). The sum of the credit and cost would reflect the net value of DG
in serving load. On the other hand, power injection during periods of system or local peak
injection (and even during off-peak periods) can lead to a positive capacity charge if the costs
of the injection are not offset by the benefits of meeting load.

Some of the investments made by the DSO to ensure that capacity requirements are met
contribute to enhanced system reliability. However, a significant portion of reliability costs
are – intentionally – neglected when determining capacity costs because the capacity costs
of interest are the costs incurred to meet peaks under system-intact conditions with zero

14Nevertheless, most network charges in the U.S. and elsewhere are volumetric — i.e. they are applied as a $/kWh
rate for energy sold to an end-user.
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probability of equipment failures. Consideration of the actual, non-zero probabilities of failure
of network equipment takes place in the realm of reliability cost determination, as described
next.

3. Reliability

In distribution network design, the system planner takes into account reliability criteria de-
fined by network user needs and by reliability standards specified in federal law, national
standards, or grid operation codes [18]. Unlike transmission reliability planning, distribu-
tion companies are often not mandated to abide by N-1 criterion. Internally, the DSO may
carry out reliability planning using a range of deterministic adequacy or probabilistic risk
assessment approaches or N-1 security criteria to ensure that distribution system load can be
met even with the failure of any single component [63]. Regardless of the planning approach
taken, what is mandated is the level of continuity and quality of service that must be achieved
according to target reliability indices (SAIDI and SAIFI or TIEPI and NIEPI) described in
Section 2 [30].

In practice, planning the distribution network to “meet peak load” entails designing the net-
work to ensure continuity and quality of supply during peak periods at well below 100%
utilization of network components. The DSO incorporates a security margin of system ca-
pacity over the capacity required to meet expected peak load (and expected injections), to
account for possible demand estimation errors, equipment failures, or faults and outages. This
security margin incorporated by the DSO to meet peak capacity requirements during system-
intact (N-0) and contingency (N-1) conditions may be considered the entirety of reliability
spending. However, ensuring that the distribution system can accommodate the peak(s) at
less than full network utilization during N-0 and N-1 conditions does not encapsulate the full
magnitude of reliability costs. Reliability is not only needed during peak periods, and relia-
bility costs are not only incurred with periods of peak network utilization in mind. Failures
in network components can occur at any time, and investments in redundancy, extra transfer
capacity, advanced automation, or network visibility, monitoring, and metering capabilities
may only be justified when considering the probability and impact of a contingency over the
course of an entire year, not only peak hours. This cost driver aims to isolate the costs of
ensuring continuity and quality of network service for load and generation during every hour
of the year, and is thus allocated amongst network users on the basis of their hourly energy
profiles: see Section 3.3 for further detail.

4. Losses

As stated above, losses directly impact generation costs, since higher losses require higher
generator output in order to meet load. The large number of components in the distribution
system can lead to significant aggregate losses in the network. Higher system losses lead
to higher loads on upstream system components, which marginally impacts network asset
lifetimes. Societally-optimal design of distribution networks should take into account the
magnitude of losses that occur in the distribution system and the network investments to
reduce them. The DSO — and thus the design of any regulatory mechanism to incentivize
loss reduction in the distribution system — must consider the tradeoff between making the
infrastructure investments to reduce losses in the distribution system, or operating with high
losses and paying any regulated penalty for network losses.

Losses at the distribution level are primarily transformer core losses and power line copper
losses (or I2R losses). The allocation of the costs associated with this driver to network
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users must reflect how a network user’s profile impacts transformer and line losses and any
investments made by the distribution utility to reduce those losses. Generally, transformer
core losses are independent of transformer loading, so reduction of such losses is not driven
by network user profiles to a significant degree [59]. Power line losses are driven by the
magnitude of current within a line and the line resistance. Line resistance is a function of line
length, cross sectional area, and material-dependent resistivity; line current varies with the
power transmitted and the line operating current; and line losses vary quadratically with line
current. As such, the most accurate allocation of the costs associated with recabling feeders,
installing capacitors, or employing other strategies to reduce losses is as a quadratic function
of network users’ contributions to line current, and also as a function of their locations. This
is revealed by their hourly profile of contributions to line real and reactive power loading –
and their resulting impacts on line power factor [56]. In addition to allocation of costs for
contributing to losses, users may also be remunerated for reducing losses. For example, by
serving load locally and regulating reactive power flow, distributed generation can contribute
to feeder loss mitigation. Demand response can reduce users’ contributions to losses during
periods of peak power flows. The hourly energy profiles and locations of the network users
reveal these user contributions. See Section 3.3 for further detail.

The network cost drivers of connection (C), capacity (P ), reliability (R), and losses (E) are the
primary drivers of distribution network costs considered here because of their key role in driving
investments in existing networks and networks with a growing penetration of DER. In order to
quantify the relative significance of each individual driver in total network cost, a reference network
model (RNM) can be used as described below. An RNM can reveal the temporal and geographic
granularity of the measurement of each of the drivers and the allocation of their associated costs
required for cost-reflective network charges. For example, the combination of the magnitude of
energy use and the time of day at which it is distributed may impact component lifetimes, limiting
the temporal simplifications made to the allocation of loss costs. That is, instead of allocating loss
costs according to volumetric energy consumption and injection in a small number of time blocks,
complete hourly network use profiles may be essential.

3.2 Allocating costs to drivers

The next step in computing DNUoS charges is determining the relative contribution of each of
the cost drivers to the total distribution system cost. Identifying the proportion of the total cost
contributed by each driver provides a set of cost driver shares that can be applied to the actual
DSO costs to divide the DSO allowed revenue amongst the drivers.

Using the variables C,P,E, and R to denote the key cost drivers, the total cost of the distribu-
tion network is the sum of the total cost of network connections, the total cost of capacity to
accommodate peak load and all reverse power flows – referred to as total capacity cost, the total
cost associated with ensuring reliability, and the total cost associated with reducing distribution
losses.

Total Distribution System Cost =

Total Network Connection Cost + Total Network Capacity Cost +
Total Network Reliability Cost + Total Network Losses Cost

Decomposing the total distribution system cost into these cost drivers to compute network charges
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assumes that: 1) these cost drivers account for the full distribution system cost, 2) the impacts of
these drivers on network costs can be isolated from one another, and 3) the impacts of these drivers
on network costs can be determined sequentially (using an RNM).

The cost allocation process should be carried out sequentially for the LV, MV, and HV networks
because the relative significances of the cost drivers may differ at each voltage level, and the network
users connected at any given voltage level utilize the three voltage levels of the distribution system
to varying extents. For example, serving LV load makes use of the LV, MV, and HV networks, but
the same HV and MV network infrastructure is utilized by HV and MV network users. Demand and
generation peaks are not necessarily coincident with one another nor are they coincident across the
three network voltage levels. These differences should be reflected in the DNUoS charges computed
for the users at each voltage level.

A reference network model (RNM) is the primary tool with which to determine the contribution of
each cost driver to total distribution system costs. An RNM is a network-planning tool developed
for regulatory purposes that designs a distribution network for a service area with specified network
user characteristics[12]. Rather than designing the greenfield network or network expansions to be
implemented by a DSO, the RNM provides a benchmark network design — or reference network —
to help regulators and DSOs improve current methods of assessing distribution costs, determining
revenue requirements, and allocating network costs. An RNM takes as input the characteristics of
network users, including users’ geographic locations and load and generation profiles, and yields
as output the least-cost distribution network that meets user needs. Utility regulators in countries
including Spain, Sweden, and Chile have used RNMs to evaluate the prudence of distribution utility
investments and determine the suitable remuneration for distribution companies [10]. It is assumed
here that the RNM utilized for DNUoS charge computation accurately embodies and reflects the
relationship between perturbations in network use behavior and network cost.

An RNM can be utilized in stages for network cost allocation by isolating the incremental network
cost attributable to each of the network cost drivers.The procedure is described in detail in Section
4. A brief outline of the method here will suffice to continue the present discussion of allocating
network costs to cost drivers.

First, a greenfield network can be constructed to connect all network users within a sample dis-
tribution area. The total cost associated with this base network is the cost associated with the
connection cost driver (C), or the Total Network Connection Cost. Total and component costs are
separately reported for the LV, MV, and HV networks, as well as the HV/MV substations and
MV/LV transformers. Thus, the total LV cost associated with the base network is the Total LV
Network Connection Cost. Next, for the same sample distribution area, profiles can be specified for
all of the network users; the distribution network designed in this second iteration of the RNM can
accommodate the peak power flows and system voltage requirements associated with user profiles.
The incremental cost associated with the now capacity-constrained network relative to the base
network is the Total Network Capacity Cost. In a third iteration of the RNM, the cost associ-
ated with the reliability driver can be obtained by specifying realistic targets for the frequency
and duration of outages (TIEPI and NIEPI) that were relaxed in all prior model iterations. The
incremental cost of the network designed in this step relative to the previous step is the Total
Network Reliability Cost. Finally, by specifying a cost for network losses, a network that finds the
optimal trade-off between loss penalties and network reinforcements to reduce losses is designed.
This yields the Total Network Energy Loss Cost, or the incremental cost associated with loss re-
duction. The share of the network cost at each voltage level attributable to each cost driver can
then be computed. For example, the share of the LV cost attributable to network capacity is simply:
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SLV,C = TotalLV NetworkCapacityCost
TotalLV NetworkCost

Table 2 lists the values derived from the RNM to compute the cost driver shares.

Table 2: The cost components derived from RNM output

The share of each cost driver d at each voltage level is:

SLV,d = LVd
TOTALLV

SMV,d = MVd
TOTALMV

SHV,d = HVd
TOTALHV

Each share Sv,d can be applied to the reported DSO costs at each voltage level to determine the
total cost attributable to each cost driver. Figure 10 illustrates the process of allocating DSO
costs to cost drivers, using the LV network costs as an example.

3.3 Allocating costs to network users

After identifying the relative contributions of each of the cost drivers to total DSO costs — or the
share of total system cost associated with each cost driver — at each voltage level, the costs of
each driver should be attributed to feeders and individual network users. The DNUoS charge can
be computed for each network user once the user’s profile, or contribution to each cost driver, is
known.

Recall that each network user i has a profile Di consisting of individual values of the cost driver
variables:

Di = {Ci, Pi, Ri, Ei}

The total cost associated with cost driver dn assigned to zone z is czn. Each network user’s share
of czn, is sizn. The values of sizn are determined according to users’ network utilization profiles
and the allocation method applicable to each particular cost driver.

Ideally, if all of the required information is available, the costs associated with connection are
socialized within network zones (i.e. along feeders) on a per-connection basis. The costs asso-
ciated with capacity requirements are assigned to network users based on their contributions to
peak consumption and their contributions to reverse power flows through injection in the LV, MV,
and HV networks. The reliability costs are allocated to users on the basis of their hourly energy
consumption, and the costs associated with loss reduction are also allocated to users volumetri-
cally according to hourly energy consumption or production. Note that only the energy losses and
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Figure 10: The DSO’s total recoverable costs at each voltage level are multiplied by the driver shares
computed with RNM output to determine how much of the total DSO recoverable costs should be
assigned to each driver.

the reliability components of the DNUoS charge are based on volumetric energy use,15 reflecting
the subset of distribution costs that are driven by volumetric energy use. User i’s DNUoS charge is:

User i DNUoS charge =
∑

CostDrivers dn∈D
czn ∗ sizn

A user may have a null value, sizn = 0, for those cost drivers to which the network user does
not contribute: for example, a user may not contribute to load during a particular peak demand
period.

Allocating the cost of connection

As previously mentioned, some differences in user profiles are the result of network design decisions
and not network user behaviors. Such network costs should be socialized across all of the network
users within a zone of the distribution network. For example, network users located at different
points along a secondary feeder are located at varying distances from the MV/LV substation that
serves their feeder circuit. As such, they have different values for the location component of their
profiles, but their location on the feeder is not a result of their behavioral choices. Costs associated
with the location of all users along a particular feeder should therefore be socialized amongst the
users on the feeder. In general, clustering network user nodes into zones defines the boundaries of

15Allocating the reliability component according to the complete load profile is a simplified but effective represen-
tation of network users’ impacts on reliability costs. An alternative approach is to measure network users’ benefit
from reliability investments as reflected by the reliability indices achieved within users’ zones, and to allocate costs
on the basis of average benefits. For more on a beneficiary-pays approach to the allocation of reliability costs, see
[24]
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portions of the network within which differences between network users’ contribution to distribution
costs are not directly attributable to differences in their network utilization profiles.

The use of network zones such as feeders accurately communicates to network users locational
signals about local distribution system conditions. As a result, users with otherwise-identical
network utilization patterns can have different final network charges if they are in different zones
of the distribution system. This fact reflects temporal and spatial differences in the impacts of load
and DER on network conditions and costs. Under some circumstances, DER can have a positive
impact on the network and reduce long-term network costs; for example, greater penetration of
DG along feeders heavily loaded with demand can serve local load, alleviate congestion, and enable
network investment deferral. On the other hand, increasing penetration of DG in areas with more
generation than consumption and significant reverse power flows can call for significant investment
in network upgrades. The coincidence of network use by multiple users — whether for consumption
or production of power — plays a central role in determining the value of DER to the grid. As
such, users’ profile values can be positive or negative depending on the impact of their activities
on system conditions and on surrounding users’ profiles.

In order to allocate connection costs to network feeders, total line costs at each voltage level should
be assigned to feeders according to some weight of the lengths of the feeders, and then the cost of
that feeder should be socialized amongst the network users connected to that feeder. This is not
a straightforward procedure, as the DNUoS charge must be designed to both allocate connection
costs in a way that does not charge network users for arbitrary differences in feeder length, yet
that does charge different connection costs when the cost causality of a particular feeder is clearly
identifiable and can fairly be assigned to a single user or small subset of users.16

Allocating the cost of capacity

Distribution networks are planned and designed to accommodate peak capacity requirements under
a range of plausible operating scenarios and anticipated system peaks (accounting for variations in
season, weather patterns, load growth, and other factors). The DSO’s annual capacity-related costs
can be assigned to spread over anticipated peak periods throughout the year or over the actual
peak periods at the end of the year.

If historical data is used to provide an indication of when peak periods are likely to occur in future
years,17 the DSO can spread the annual capacity-related network costs based on the probability
and magnitude of anticipated peak conditions. One approach taken by distribution utilities today
is through the computation of peak capacity allocation factors (PCAFs). PCAFs assign a fraction
of total annual capacity costs to each hour of a year according to the probable share of incremental
load attributable to that hour. The incremental load in an hour h is the difference between the
load in hour h and a peak threshold PThreshold which is typically defined as one standard deviation
below the historical mean hourly peak [28].

PCAFh = max[Loadh−PThreshold,0]∑8760
h=1 (max[Loadh−PThreshold,0])

The PCAF effectively weights the allocation of capacity-driven costs to each hour according to the

16For example, if the DSO is obligated to connect network users in rural areas, it may not be fair or desired by the
regulator to allocate the full cost of that line to the small number of users for whom the line is built. Connection
charges for DG present a similar challenge. See [3] for a more detailed exploration of designing DG connection charges.

17This may very well not be the case in distribution systems experiencing rapid changes in customer profiles and
network utilization, but this approach provides a starting point.
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probability of a system peak occurring within that hour on the basis of historical data. Periods
other than hours may be used in capacity cost allocation, and capacity costs may be allocated to
fewer time periods by setting the threshold higher to capture fewer likely peaks.

Note that the fixed sum that must be collected from users for network capacity investments in a
given time period is established a priori and does not depend on the actual behavior of the network
users during each period. However, the allocation of the capacity costs to be recovered from the
network users does depend on each user’s contribution to the actual peaks over the course of a year,
creating the right incentive for network utilization in the short run. The magnitude of total recov-
erable capacity costs allocated to each hour is based on the anticipated peaks used in distribution
network planning because the anticipated peaks guide network investments rather than the actual
occurrence of peaks. With a record of the historical occurrence of system peaks and regulatory
validation of projected peaks during the process of determining DSO revenue requirements, it is
likely that the anticipated system peaks will match the actual system peaks reasonably well and
thereby result in accurate allocation of total capacity-related network costs. Dividing the annual
capacity-related costs across the hours of the year according to probable system peaks provides
network users with rough signals to guide their network utilization behaviors and encourage them
to shift network use away from peak periods.

Alternatively, rather than pre-assigning a fraction of capacity costs to be recovered during antici-
pated peak periods, every time period may be equally weighted with allocation to users based on
the actual occurrence of peaks. For example, the TRIAD approach used in the UK to compute
transmission network use of system (TNUoS) charges measures a network user’s demand during
the three half-hour intervals of the largest system peaks each year, with a required minimum time
between the intervals. Users’ TNUoS charges, or their shares of transmission network costs, are
computed at the end of the year based on the average of their three peak-contribution measurements
[13]. Allocating capacity charges to a wide sample of time periods throughout the year ensures that
variability in network use patterns is accounted for and minimizes randomness in the computation
of network charges.

Within each hour to which some non-zero fraction of total capacity-related costs is allocated, the
capacity cost in that hour is allocated spatially according to the contribution of components at each
voltage level of the network to the system peak. That is, the capacity cost of a given peak-flagged
hour hp1 is assigned to each HV/MV substation according to the ratio of the load at the HV/MV
substation during hp1 to the total system peak load (considering the load at the primary distribution
substation to be the “system peak load”). Then, the cost attributed to each HV/MV substation is
divided amongst the MV network users and MV/LV substations served by that HV/MV substation
according to the load or injection of each MV user and MV/LV substation during hp1. Note that
the MV/LV substation may not necessarily be experiencing its peak load during the system peak
load, and allocation of the HV/MV substation capacity cost to each of the MV/LV substations
according to their hourly profiles captures that fact. The capacity cost assigned to each MV/LV
substation is then divided amongst the LV feeders served by the MV/LV substation according
to the ratio of each LV feeder’s load or injection during hp1 to the total load or injection at the
substation. Each feeder’s capacity cost is allocated to users according to the ratio of the kW of
consumption or injection by each user to the kW of load or injection in the feeder.

Allocating the cost of reliability

Reliability-related costs are allocated on the basis of hourly energy use because, as previously
described, the reliability cost driver is associated with all hours of network use, not just peak
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hours. Ensuring reliable service during system peaks does not automatically ensure continuity
of supply in all other hours of the year during which failures or contingencies may occur. The
approach taken in [24] to include reliability-related costs in network charges achieves a high level of
granularity, taking into account differences in reliability levels required by different network users
and different levels of benefit derived by users from network protection equipment and reliability-
related enhancements. In practice, the success with which reliability targets are met by the DSO
may be tracked by regulators down to the feeder level, so it is feasible to allocate reliability costs
to feeders on the basis of how well index targets are met [30]. While such granularity is important
for designing cost-reflective charges, the framework proposed here incorporates a much less detailed
approach as a starting point to sufficiently capture network users’ contributions to reliability-driven
costs. Further work can incorporate a more detailed method for reliability cost allocation.

It is worth noting that by assigning reliability-related costs to hourly energy use profiles, the risk
of network failure to supply demand is much more heavily weighted than the risk of curtailment of
local generation. This aligns with the fact that the economic impact is much larger in the former
case than the latter.

Allocating the cost of losses

Line losses vary quadratically with line current, so ideally, the costs associated with upgrading
equipment to reduce line losses ought to be allocated to network users as a quadratic function of
their profile of energy consumption and production, and as a function of a user’s location. To
calculate the loss component of DNUoS charges, a simplified definition of a user’s profile of power
consumption and injection can be used: rather than considering the complete hourly profile for 8760
hours of a year, hours can be grouped into time blocks according to demand levels in each feeder.
Users are charged for their contribution to losses during each block of time based on the ratio of
the kWh of consumption or injection to the net consumption or injection of the feeder during the
specified time block. Like capacity charges, the contribution of a user’s profile to network losses
can be positive or negative, depending upon whether the user is located in a mostly generation or
consumption area and whether the user’s profile is mostly that of a generator or a consumer.

Allocating costs across voltage levels

An important consideration in computing the DNUoS charges for any given user of the distribu-
tion network is how to allot common costs of the different voltage levels of the network to users.
An incremental approach to constructing a distribution network with an RNM can not only be
carried out for LV network users without MV or HV users, as demonstrated in this thesis, but can
subsequently be carried out for MV network users without LV or HV users, and for HV network
users without LV and MV users. This enables the identification of the costs that can be entirely
allocated to each voltage level or shared amongst the users at multiple voltage levels.

Information requirements for cost allocation

In order to implement the proposed approach, it is critical to have the ability to measure the
values of the cost driver variables in network use profiles. It may often be the case that detailed
measures of cost driver variables are not available for all users of a distribution network (and
it is in fact under such conditions that the numerical simulation is carried out). For example,
since capacity is a primary driver of network costs, the availability of hourly meters, contracted
capacity, or some accurate measure of contribution to peak power flows is essential. In the absence
of such capacity measures, however, implementation of the above framework requires an estimate
of network user contributions to peak capacity requirements. Poorly designed attempts to estimate
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network use profiles can create even greater inefficiencies. A variety of tariff formats have been
proposed or utilized to improve the efficiency of network charges under differing constraints of
information availability. Capacity charges are a favored approach to rectifying the shortcomings
of volumetric network tariffs because of their potential to meet multiple regulatory criteria [17].
However, there are significant drawbacks to using entirely capacity-based charges. Movement from
a volumetric tariff to a wholly capacity-based network charge ignores the contribution of energy use
to network losses and reliability, and therefore to total network costs. In the absence of detailed
information about network users’ capacity requirements, all network users of a particular “type”
— such as residential users — may be assumed to have a representative power profile or capacity
requirement. Then, since all users’ charges are computed with the same unit capacity rate, and no
consideration is given to the total quantity of energy consumed by network users, users who consume
less energy overall will have the same total kW-based network charge as users who contribute more
to energy loss-related network costs. Utilization factors, or the ratio of total energy consumption
in kWh to peak consumption or contracted capacity in kW, have also been used to approximate
network users’ peak coincident demand [50]. As profiles of network use become increasingly variable,
diverse, and bi-directional, utilization factors are no longer effective estimates of network use and
are not applicable in distribution systems increasingly departing from conventional networks of end
consumers.

3.4 Choosing the DNUoS charge format

After using the method described above to determine the total distribution network cost to be
allocated to and collected from each network user, the format to be employed for the collection of
the DNUoS charge must be chosen. That is, the regulator and DSO must select how the charge
information is presented to the network user. For example, the total amount to be charged to each
network user can appear on each user’s bill as a $/month sum, or it can be disaggregated into its
components and presented on the bill as a connection charge, capacity charge, reliability charge,
and loss charge. The format of the DNUoS charge defines how the network users will perceive
the price signal they receive, since it communicates how their use profiles impact network costs.
Choosing the format requires consideration of the regulatory goals and tradeoffs of DNUoS charge
design, such as simplicity and transparency. For example, it should be clear to network users how
the charge they see on their bill is derived from their network utilization if incentives for more
efficient network utilization are to be preserved.

Traditionally, charge “format” refers to the rates seen by end users on their electricity bills such
as $/kWh rates, $/kW rates, and/or $/customer or fixed charges. However, under the proposed
approach to DNUoS charge computation, rates would not provide efficient signals for network users
since each user’s charge is based upon cost allocation to network zones first and then to individual
users. Presenting network users with the capacity components of their DNUoS charges as $/kW
rates can lead to widely differing values for different peak periods and for different feeders.

Computing cost-reflective DNUoS charges relies upon having an unbundled retail bill that sepa-
rately lists a system user’s charges for generation, transmission network use, distribution network
use, and retail or marketing. The value of clearly identifying network cost drivers and allocating
the costs of the network amongst users according to those drivers and according to network utiliza-
tion profiles is only realized with an unbundled retail rate that clearly distinguishes between the
costs (and thus the price signals) for generation and network utilization. For instance, a single flat
volumetric rate effectively signals network users to reduce their total energy consumption. This is
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an inefficient signal of network costs, since analysis of the cost drivers reveals that the presence of
a connection to the distribution network and contributions to peak power flows are the dominant
drivers of distribution costs. Also, as explained in Section 6, the design of network charges should
not interfere with energy price signals.
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4 Using a Reference Network Model for DNUoS Charge Design

Distribution planning models such as RNMs have been utilized by utility regulators to aid in the
assessment of prudent DSO investments and the remuneration process. As demonstrated in this
thesis, RNMs can also be employed in the cost allocation process to isolate the effects of distribution
network use on distribution costs. Using an RNM to carry out sensitivity analysis to identify how
changes in network utilization impact network costs allows the regulator and DSO to link network
costs to cost drivers and network users. Identifying this linkage is a notoriously difficult challenge
because of the complications introduced by joint and common costs and the discrete nature of
distribution network investments [5], [32]. The use of simulation environments such as RNMs offers
an efficient method by which to estimate the effects on costs – or cost causality – of perturbations
in network utilization – or network use profiles. What follows is a more detailed description of
the procedure by which DNUoS charges can be computed with an RNM. A numerical example
illustrates the calculation of LV network user DNUoS charges in a sample distribution service
area.

4.1 Building a distribution network incrementally

The RNM used here is an adaptation of the PECO RNM originally developed and described in [25]
and [26]. The PECO model has undergone a series of modifications and updates since its initial
development, and the updated version used for this thesis is described in [12]. The greenfield RNM
designs a network from scratch in a distribution area with no existing network. The brownfield
RNM designs the reinforcement and expansion of an existing network required to accommodate
growth in the number of network users, user load, and the integration of DG.

In order to first determine the contribution of each of the cost drivers to the total distribution
system cost, the following sequence of greenfield RNM and brownfield, or incremental, RNM runs
is carried out:

1. Run00 – Initialization Run: Run a full greenfield and brownfield RNM to build an optimal
network for a set of network users, considering network users’ full peak load and genera-
tion, 48-hour profiles of energy consumption and production, full reliability objectives, and a
nonzero cost of losses.

This run serves as a calibration run that populates the distribution service area with the
locations of customers and samples and assigns profiles to those network users. By designing
the optimal network in this run, a benchmark cost is provided for the completed distribution
network against which the sum of the costs of all the incremental network build runs, Run01
through Run04, can be compared. Additionally, this run identifies the optimal locations of
the HV/MV and MV/LV distribution substations. These locations are fixed for all subsequent
runs to avoid building unrealistic networks in the incremental runs associated with each cost
driver. This mitigates the potential of generating artificially low or high incremental costs
between model runs.

2. Run01 – Minimal Network Run/Connection Run: Run a partial greenfield RNM. “Partial”
refers to the fact that the locations of the substations are fixed in the positions identified in
Run00. The key design input for this run is a minimum peak consumption and production
value identified for each network user. The minimum demand identified for each load point
is obtained as the minimum value of hourly energy consumption from each network user’s
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profile in Run00. Similarly, the minimum production is the minimum value of the hourly
production profile for each distributed generation point (typically 0 kWh)18. Reliability
indices are relaxed, and the cost of losses is set to a very small value (essentially a zero cost
of losses). The objective of this run is to identify the cost of connecting all of the users to
the distribution network assuming they consume or produce at their minimum demand and
generation values each hour.

By raising or lowering the value of minimum demand set for each network user, the amount of
the total distribution system cost associated with connection can be raised or lowered, thereby
increasing or decreasing the share of total distribution costs socialized amongst network users.

Output: Total Network Connection Cost (C) = Total Run01 Network Cost

3. Run02 – Capacity Run: Run a partial greenfield with network users’ real peak consumption
and generation values followed by a brownfield run with full profiles for consumption and
generation. Reliability indices are relaxed, and the cost of losses is set to a very small value
(essentially a zero cost of losses). The goal of this run is to determine the cost of designing
the network to meet the peak load for all network users and accommodate reverse power
flows. Running the greenfield and brownfield models yields similar but slightly lower costs
when compared to the results of carrying out only a brownfield run. This is because the initial
greenfield network built to seed the brownfield RNM is constructed with knowledge of the full
peak load and generation values, thus requiring fewer reinforcements in the brownfield model
to correct the design shortcomings of the greenfield network. The smaller number of corrects
reinforcements yields a more realistic incremental cost associated with accommodating peak
power flows in the overall network design.

The network design in this run accounts for both the connection and capacity requirements of
network users, and the incremental cost relative to Run01 is the cost associated with capacity.

Output: Total Network Capacity Cost (P) = Total Run02 Network Cost - Total Run01 Net-
work Cost = Total Run02 Network Cost - (Total Network Connection Cost (C))

4. Run03 – Reliability Run: Run a brownfield with full network user profiles and realistic reliabil-
ity objectives. For example, realistic TIEPI and NIEPI objectives for urban and concentrated
rural networks are listed in Table 3 below. The purpose of this run is to determine the cost
of meeting reliability objectives for network users. As can be seen in Table 3, zonal indices
and individual indices for LV and MV network users are defined. However, in the RNM ver-
sion utilized in this thesis, continuity of supply is only taken into consideration for the MV
network, and reliability investments are made only in response to MV reliability targets. The
LV reliability targets are not taken into account in the model’s network design. As such, the
reliability component is not computed in the LV DNUoS charge numerical example provided.

This step may be run for hours that experience system peaks and for all hours of the year in
order to separately identify the reliability-related costs resulting from peak capacity require-
ments and those arising from all other operating conditions.

Output: Total Network Reliability Cost (R) = Total Run03 Network Cost - Total Run02

18Even though the minimum hourly generation for each LV PV generator is 0 kW, the generators are still considered
in the spatial layout of the greenfield network, with feeders extended to each network user that requires it. See
Appendix D for an illustration of the network constructed during Run01 and Run00 in a portion of Network B
with LV load and generation points.

42



Network Cost = Total Run03 Network Cost - (Total Network Connection Cost (C) - Total
Network Capacity Cost (P))

Table 3: Sample reliability targets for an urban network and a concentrated rural network such as
the network built in the case study

5. Run04 – Losses Run: Run a brownfield with full network user profiles, realistic reliability
objectives, and a nonzero cost of losses set to a value that captures a realistic cost to generators
and a regulator-imposed penalty for distribution losses.19 This full set of constraints on cost
drivers reveals the cost of designing the distribution system to reduce network losses.

Output: Total Network Losses Cost (E) = Total Run04 Network Cost - Total Run03 Network
Cost = Total Run04 Network Cost - (Total Network Connection Cost (C) + Total Network
Capacity Cost (P) + Total Network Reliability Cost (R))

Table Table 4 summarizes the key features of the RNM runs, indicating the constraints that are
relaxed and reintroduced in each run.

4.2 Defining the network characteristics

Two sample networks were built in this sequential manner. The method for populating the distri-
bution service area with network users and assigning user characteristics and profiles is the method
developed and described in [58]. The networks simulated for the sample DNUoS charge calculation
represent realistic distribution networks in the concentrated rural area of Eaton, CO. A summary
of the features of the simulated Eaton distribution service area is provided in Table 5.

Users and PV are placed randomly within the defined geographic area, and each network user is
assigned a peak load and generation value according to a normal distribution with a mean and
standard deviation specific to each voltage level. This peak value is used in the greenfield RNM
design; the values are summarized in Table 6. Each network user is also assigned a 48-hour load or
generation profile according to the proportion of residential, commercial, and industrial customers
at each voltage level (see Table 6).

A network user of a particular type is assigned one of ten possible profiles of that type: a residential
profile, commercial profile, industrial profile, or PV generation profile (see Appendix A for the
profiles from which all network user profiles were sampled). The load profiles are drawn from

19The sample DNUoS charge utilized losses costs in the range of $0.10-$0.30/kWh.
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Table 4: The key parameters that are changed in each run to introduce cost driver constraints
sequentially

the EERE dataset of hourly load profiles for commercial buildings, and residential buildings [8].20

The PV generation profiles were derived using the NREL PVWatts Calculator [43]. The 48 hours
represented in the profiles correspond to a peak net load day and peak net injection day (load −
generation). As input for the RNM, the profiles are a representative 48 hours of a year. Distribution
equipment including conductors, transformers, and protective equipment such as sectionalizers and
reclosers are selected from a catalog of equipment with the technical specifications and costs of
equipment, and repair and maintenance time.

The first network (Network A) includes only LV load, omitting all MV and HV network users and
excluding DG. The second network (Network B) includes LV load and LV distributed generation
in the form of solar PV. Table 6 below summarizes the key characteristics of Networks A and B
pertinent to cost allocation. The spatial layout of the complete Network A is shown in Figure 11,
and the spatial layout of the complete Network B is shown in Figure 12. Since the Eaton distribu-
tion service area represents a concentrated rural network, parts of the network are notably sparse.
For example, in Figure 11 and Figure 12, some of the LV user connection points – particularly
those at the end of long MV feeders – are concealed by a MV/LV transformer in the same location.
Each of these transformers is dedicated to serving a single LV network user, and the cost of the
transformer and primary feeder section extending to the LV point may be allocated entirely to that
user21.

20The represented commercial buildings are from the Department of Energy commercial reference buildings, and
residential profiles are based on the Building American House Simulation Protocols.

21Or it may be socialized in a manner selected by the regulator to share the cost burden of electrifying a single
rural connection point.
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Table 5: Characteristics of the simulated concentrated rural network

There are differences in the topologies of Networks A and B; however, the objective of the numerical
example is to demonstrate the computation of DNUoS charges for the network users in each network
separately, not to assess the impact of the presence of distributed PV on the charge for particular
network users. The latter objective can be achieved in subsequent work with brownfield introduction
of distributed PV to an existing network.
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Table 6: Network A and B load and generation parameters
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Figure 11: The full Network A
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Figure 12: The full Network B
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5 Simulation Results: Computing a LV DNUoS Charge

The total network cost expressed as an NPV of investment costs and annual O&M for a 40-year asset
life are summarized for Networks A and B in Table 7, along with the cost driver shares obtained
through the incremental model runs. The results reveal that the primary drivers of the network
costs are connection and capacity. These results are highly dependent upon the parameters used
to define each model run. For example, the minimum size of network components in the equipment
catalog provide a lower bound for the total investments that can be made in Run01. Additionally,
the high share of the connection driver arises from the fact that all of the HV, MV, and LV network
costs are allocated amongst LV network users. With the addition of MV and HV network users,
spare capacity on network components can be utilized and many of the connection costs shared by
users at multiple voltage levels.

Table 7: The NPV of the total and incremental costs associated with each RNM run for Network
A and Network B, and the resulting cost driver shares

The cost outputs of the RNM are identified as investment costs and O&M costs for each of five
parts of the distribution network: the HV network, HV/MV substations, the MV network, MV/LV
substations, and the LV network. The key outputs of the RNM for Network A and Network B are
summarized in Table 8 and Table 9 respectively.
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Table 8: RNM cost outputs for Network A

Table 9: RNM cost outputs for Network B
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Before the investment and O&M costs output by the RNM can be allocated amongst feeders and
network users, post-processing of the outputs must be carried out to more accurately reflect how
total costs translate to the DSO’s collectible revenue in a given time period (taken here to be a
year).

To identify an annual recoverable cost for each year N of the asset base lifetime, an equivalent
uniform annual cash flow (EUAC) of the deprecation expenses and return on the rate base is
computed in current year dollars for each year N and added to the annual O&M costs (which are
also expressed in current year dollars). For example, as shown in Table 8, the total investment cost
of Network A is $6.36 million. Assuming a 40-year asset life, straight-line depreciation of the asset
over its lifetime would yield an annual present value depreciation expense of $158,940 in constant
dollars. When expressed in current year dollars (i.e. the future value of the annual payment in
year N), depreciation expenses at the end of each year range from $170,066 to $2.3 million. This
places a larger depreciation expense burden in the later years of the life of the asset relative to the
earlier years. The EUAC is commonly used to equalize payments in constant net present value
dollars over the life of an asset. It is best applied to annual cash flows that are either constant or
normalized to a base year: in this case, the annual depreciation expenses and the annual return on
the rate base are expressed as Year 0 present values [42].

To express the investment cost output by the RNM as a constant annual depreciation expense for
every year N of the assets’ lifetime, the RNM overnight capital cost of each simulated network is
translated to current year N dollars using the EUAC formula:

EUAC = PV ∗r
1− 1

(1+r)N

,

where EUAC is the equivalent uniform annual cash flow of depreciation expense in year N (i.e.
in current year N dollars); PV is the overnight capital cost, or present value of the total capital
investment (this is the capital cost output by the RNM); N indicates the number of years over
which the asset is depreciated; and r is the discount rate.

Similarly, an EUAC of the annual return on the rate base is computed using the overnight capital
cost of the network as an estimate of the beginning value of the rate base. Estimating the value
of the current asset base in any Year N requires knowing not only the starting asset base in Year
0, but also the vintages of all assets, keeping track of accumulated depreciation of existing assets,
asset end-of-life and replacement, and additions to the asset base. In the sample DNUoS charge
calculation, this process is carried out for the static, distribution network built “overnight” at the
end of Year 0/beginning of Year 1 without consideration of changes to the asset base each year.
Thus, the beginning rate base as estimated by the overnight cost output by the RNM is reduced
each year by annual depreciation.

The rate base at the end of Year N is:

RateBase Y ear N End = RateBase Y ear N Beginning − Y ear N DepreciationExpense

The annual return on the rate base in Year N is:

Return onRateBase Y ear N = RateBase Y ear N Beginning ∗WeightedAverageCost of Capital

Annual preventative and corrective maintenance costs are used directly as expressed by the RNM
as the O&M expenditures for each year N. The sum of the annual O&M costs, EUAC of the
depreciation expense, and EUAC of the return on the rate base yields the total DSO cost to be
recovered each year.
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Again, annual additions and reinforcements to the starting network are not considered. Figure 13
illustrates how the procedure demonstrated in the numerical example for the initial rate base can
be repeated for additions to the asset base each year in order to compute the DSO cost to be
allocated each year when considering network additions.22

Figure 13: The process demonstrated here for allocating the initial, Year 0 asset base should be
repeated for each asset vintage. The sum of the annual DSO costs associated with each vintage yield
the total DSO cost to be recovered each year.

The total DSO cost to be recovered annually is then multiplied by the cost driver shares to determine
the annual cost of each driver to be allocated to network users. Table 10 summarizes the total
cost and driver-specific costs for Network A and Network B. The driver costs obtained by applying
the driver shares to the total annual DSO cost were verified by separately carrying out the above
procedure of determining annual capital costs and adding them to O&M costs for each of the
incremental networks constructed in Run01 through Run04.

Table 10: Total DSO costs and allocation of DSO costs to drivers for Network A (only LV load)
and Network B (LV load and PV generation)

In order to calculate the LV network user DNUoS charges in the simulated Networks A and B with
the available information, simplifications to the process described in Section 4 have been made. The
reasons for and implications of these simplifying measures are described alongside the simulation

22The brownfield RNM is designed to estimate network expansion in response to vertical and horizontal load growth
and increased penetration of DG, and subsequent work will explore the allocation of the costs of network expansion.
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results.

As explained in Section 3.3, the connection cost of the network would first be allocated to feeders
on the basis of the length of lines to reach clusters of network users. For example, in Network
A, the costs of the MV network needed to meet the minimum load and injection requirements
of LV network users could be allocated to the two distinct clusters of LV users labeled Cluster
1 and Cluster 2 in Figure 14. The length of the MV lines to reach each cluster can be used
as a weighting factor with which to divide the total MV network cost. However, the regulator
may choose to socialize the costs of reaching far-flung rural network users amongst all distribution
system users. The challenge of determining how to cluster customers in distribution networks
with more-concentrated and less-concentrated areas of the network parallels the discussion of the
drawbacks of straight fixed/variable rates [37].

Figure 14: Allocating connection costs to distinct clusters of network users in Network A.

For the sample calculation, the connection cost is socialized amongst all LV network users by
dividing the annual connection cost of $1.11 million by 533, the number of LV connections. This
yields an annual per-user connection charge of $2085.26, or a monthly connection charge of $173.77.
As a point of comparison, this amount is much greater than the fixed charges that have been
proposed by distribution utilities in multiple jurisdictions today. For example, in 2013 Georgia
Power proposed a $22 per month charge, and Idaho Power proposed a monthly charge of $20.92
per residential customer to recover fixed distribution costs. (Both requests were denied by the state
utility commissions) [33]. By simulating a third network, Network C, with both LV and MV load,
one reason for this significant difference was revealed. In the sample Network A, the costs of the
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HV and MV networks built in order to meet the needs of the LV customers have been allocated
entirely to the LV customers. In reality, since the HV and MV networks are also utilized by the
HV and MV network users, the costs of the HV and MV networks would be shared by HV, MV,
and LV network users. Because of economies of scale and investment lumpiness, the minimal HV
and MV networks built to serve only LV load have a significant amount of excess capacity that can
be utilized by added MV and HV customers. The features of Network C are identical to Network
A except for Network C’s inclusion of MV customers as well. The annual connection cost to be
allocated in the MV network for the same 533 LV customers as in network A plus 11 MV customers
is nearly identical to the annual connection cost in Network C as seen in Table 11. The topology
of Network C is illustrated in Appendix B.

Table 11: Total DSO costs and allocation of DSO costs to drivers for Network C (LV and MV
load)

To allocate the total capacity cost of each network, simultaneity factors (SFs) were used to estimate
the contribution of the peak load of components at each level of the distribution network to the
system, or primary substation, peak load. With full profiles of hourly energy consumption and
injection for every network user, SFs would not be necessary, since the actual load or injection
of each network user and each network component would be known every hour. However, since
the 48-hour profiles of all users in the simulated networks are drawn from a sample of 30 possible
profiles, a realistic level of diversity of network user profiles is not captured. Thus, the profiles
alone do not accurately reflect the time or magnitude of the peak hour. The simultaneity factors
used in the brownfield RNM runs are listed in Table 12.

Table 12: The simultaneity factors used in the greenfield and brownfield RNM

In the sample calculation, all of the capacity costs are allocated to a single peak. PCAFs can be used
as described in Section 3.3 to divide the total capacity cost amongst multiple peak periods.

Since the SF = 1 for the contribution of each HV/MV substation to the total system load at
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the primary substation, the total capacity cost for the peak period is allocated to each HV/MV
substation according to the ratio of each substation’s peak power flow to the sum of the peak
power flows at all HV/MV substations. In both Networks A and B, there is only have one HV/MV
substation, so the entire capacity cost for the peak period goes to that single substation. Next, the
MV/LV substations served by each HV/MV substation are identified, and, since the SF = 1 for the
contribution of each MV/LV substation to the peak load at the HV/MV substation, the capacity
cost attributed to the HV/MV substation is split amongst the downstream MV/LV substations
according to the ratio of the peak at the MV/LV substation to the peak at the HV/MV substation.
That is, capacity cost for each MV/LV substation is:

Capacity cost at MV/LV substation MLi =
Capacity cost at HV/MV substation HMi ∗ PeakMLi

PeakHMi
∗ SFML

The MV/LV substations served by the HV/MV substation in Network A and Network B are listed
in Appendix C. In both cases, the peak loads at the MV/LV substations sum to the peak load
at the HV/MV substation.

The capacity cost allocated to each MV/LV substation is then allocated to the feeders served by
that substation and then to users along each feeder, as shown in Figure 15.

Figure 15: The LV feeders and end users served by MV/LV substation CCTT10
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Allocating costs to feeders rather than directly to end users captures the possibility that all of the
load along a particular feeder is served by generation along that feeder during the peak hour. In
such a case, none of the capacity cost at the MV/LV substation level is allocated to that feeder. In
the simulated Network A, since the hourly power flow in each feeder is unknown and all network
users are strictly consumers, the contribution of each feeder to the peak load is computed as the
sum of the peaks of each network user along that feeder adjusted by the SF for LV customers. With
this approach, allocating to feeders amounts to directly allocating to end users based on the ratio
of each users’ peak to the MV/LV substation peak. A sample calculation of the capacity costs of
all network users served by a particular MV/LV substation is summarized in Table 13.

Table 13: The contribution of network users served by MV/LV substation CCTT10 to the peak
load at HV/MV substation

In Network B, one of the MV/LV substations experiences a negative power flow, or injection, during
the peak load at the HV/MV substation (CCTT5 shown in Figure 16). Again, here it is assumed
that this negative peak at the MV/LV substation is coincident with the peak load at the HV/MV
substation.

The negative value of peak load contribution indicates that none of the users served by the injecting
feeder are contributing to the peak load at the HV/MV substation because all of load in the
injecting feeder is met by DG. Additionally, the injection at the MV/LV substation offsets load at
the HV/MV substation and MV lines. The injecting DG is remunerated for this offset as a negative
contribution to the peak. This amounts to a credit of $364.84 for the injecting MV/LV substation
in Network B, as summarized in Table 14. By examining the profiles of all of the network users on
the feeder circuit associated with the injecting substation, the distributed generators contributing
to the injection can be remunerated for their negative contribution to the peak load. Credits
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Figure 16: The LV feeders and end users served by the injecting MV/LV substation CCTT5

are distributed amongst the network users with negative contributions to the peak according the
relative magnitudes of their negative contributions. It should be noted, that the remuneration
for the DG through the DNUoS charge only reflects network users’ contributions to distribution
costs. DG installations also receives remuneration for energy provision in the energy-portion of their
electricity bills. In addition to remuneration for negative contributions to peak load and load-related
capacity costs, the capacity component of DNUoS charges should also reflect the contribution of
DG to injection-related capacity costs. By carrying out the incremental RNM runs for load and
generation separately, the costs associated with withdrawal and injection can be isolated. Then,
injection-related capacity costs can be allocated to injection in the same manner that load-related
capacity costs are allocated to load. The balance of a particular network user’s load- and injection-
related capacity costs determines the overall value of that DER to the distribution network. In
the absence of the network users’ actual profiles in the sample Network B, the known fact that
LV network user LVC549 is a distributed PV installation indicates that all of the DNUoS capacity
charge credits should be assigned to user LVC549. In practice, this information would be provided
by the full profiles and would not require identifying which network users are generators and loads
of any particular type.

Loss-related costs are assigned to users volumetrically based on their annual energy consumption or
injection. The annual energy use of all network users is estimated from the users’ 48-hour profiles,
taken as representative of each 48-hour window for a year. The annual losses cost to allocate divided
by the annual energy use yields a losses cost per-kWh. This is multiplied by each individual’s energy
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Table 14: The contribution of network users served by injecting MV/LV substation CCTT5 to the
peak load at HV/MV substation

use to yield that individual’s losses cost. Losses comprise a small fraction of the total network costs
to allocate (only 0.68% of total DSO costs in Network A, and effectively 0% in Network B), though
this value is heavily dependent upon the input losses cost and the number of profile hours used to
extrapolate losses for the full year.

The allocation of reliability costs is omitted from the numerical example because the version of
the RNM utilized for this thesis considers reliability targets only at the level of the MV network.
Changes in LV reliability indices do not induce changes in distribution costs, and while LV customers
may benefit from enhancements to reliability in the MV network, insufficient information is available
to relate LV network user reliability directly to costs. Future analysis will consider in a more detailed
manner the impact of LV reliability on distribution costs and the allocation of those costs amongst
users.

The annual and monthly DNUoS charge components for a sample LV network user, user LVC388
served by MV/LV substation CCTT10 in Network A, are summarized in Table 15. The charge
for LV network user LVC549, a PV generator served by the injecting MV/LV substation CCTT5
in Network B, is summarized in Table 16.
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Table 15: DNUoS charge for sample LV network user in Network A

Table 16: DNUoS charge for sample LV network user in Network B
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6 Implementation & policy considerations

6.1 Energy prices and network charges

Communicating time and location-based price signals to network users to encourage economically
efficient network utilization should, ideally, take place with two instruments: nodal energy prices
and network use-of-system charges.

Efficient operational signals should be sent via nodal energy prices such as distribution locational
marginal prices (DLMPs). As described in Heydt et al. (2012), these would be energy prices
analogous to transmission-level LMPs that reflect the marginal value of energy as well as the costs
of losses and congestion in the distribution system. DLMPs would communicate to network users
the economic value of injection or withdrawal of real or reactive power on a short time scale. More
sophisticated DLMPs may indicate the value of provision of ancillary services to the distribution
system operator. DLMPs would enable the recovery of some fraction of the distribution network
costs. With no currently-known implementation of DLMPs, the most advanced pricing schemes
communicate hourly or quarter-hourly wholesale energy prices to end consumers, but they do not
have locational differentiation at the distribution level.

There are, however, key differences between LMPs and DLMPs. Transmission network use-of-
system (TNUoS) charges provide locational signals for new generation and play a critical role
in generation investment decisions, therefore they must be determined ex-ante and applied for a
relatively long time period of time — for instance, 10 years [51]. Unlike the location of generation
facilities in the transmission system, DER are typically installed at existing network user locations,
and often, network users do not take network charges into account when making DER siting
decisions. DNUoS charges may have some impact on the decision to install DER such as a rooftop
PV panel, a micro turbine, or local storage at an existing residence, or a commercial or industrial
facility, but once a DER installation decision has been, DNUoS charges should incentivize network
users to maintain network utilization patterns that do not drive additional distribution network
costs.

In power systems with LMPs, the complete short run economic signals are sent through the LMP,
and TNUoS charges should not include any component that interferes with the LMP signal. In
contrast, because of the absence of DLMPs in distribution, DNUoS charges should convey locational
signals both in the short and long runs, reshaping DER network utilization patterns. This requires
DNUoS charges to be more dynamic than TNUoS charges and to provide price signals that are
closer to real time. They must be adjusted more frequently (every year for example) in response
to changes in network users’ profiles, incentivizing network users to adopt utilization profiles that
do not create the need for additional network costs.

6.2 The “Utility Death Spiral” and DNUoS charge dynamics

The primary goal of the DNUoS charge is to collect, in the short-term, the fixed sum that the DSO
must recover for its capital and operating expenditures in the billing period.

Figure 17 below illustrates the costs to be recovered through DNUoS charges, including recovery
of costs for existing network infrastructure, costs for new reinforcements, and O&M costs. The
reallocation of costs for existing network infrastructure in a given year signals to users how their
network utilization can impact future reinforcement investments. Figure 18 illustrates how the
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cost components to be collected through DNUoS charges and the resultant price signals sent to
network users may evolve over time under several potential future development scenarios.

The costs that the distribution utility must recover for its network capital are fixed in the short run.
Over the long run, however, as network use changes, the investment needed for network upgrades,
repairs, or reinforcements also change. As such, the fixed sum to be allocated across network users
in the long run will change. For example, if users lower their capacity requirements by reducing
their contributions to system peak power flows, the network capacity does not dynamically shrink
in the short run. What does change is the amount of reinforcements and network expansion that
may be necessary in the long run. The overall costs of the network decline in the long run, which
means that the distribution utility will have lower costs to recover, and each network user will pay
a lower network charge. In the short run however, network costs are simply reallocated amongst
network users according to the new set of network use profiles. Network users who have reduced
their contributions to peak periods pay less towards the total system capacity costs, while network
users who have not reduced their network utilization during peak periods face higher capacity
charges, at least transitorily.

This form of cost reallocation differs from the issues of cross subsidization, adverse selection, and
the “death spiral” arising from net energy metering and discussed in Section 2. Since the proposed
network charge design method abides by the principle of cost causality, a decrease in an individual
network user’s DNUoS charge — or a decrease in their share of the total system cost — genuinely
arises from diminished network utilization. If network users with captive generation produce excess
electricity, their network charges will reflect their use of the network for selling electricity back to
the distribution utility. However, if their DG production and consumption exactly coincide, wholly
eliminating their use for the network, then they do in fact avoid any network charge. In this case,
avoiding a network charge is a result of not using the distribution network; it is not the lucky
consequence of equal volumetric energy production and consumption.

In distribution networks with growing load and network utilization, there is no tension between
lower network utilization and lower charges for some network users, reallocation of costs to new
network users, and cost recovery for the distribution utility. The DNUoS charge design developed
throughout this thesis relies upon the assumption of some increased network utilization (resulting
either from load growth or DER-related network expansion). However, in networks experiencing low
or no load growth and falling network use, incentivizing lower network utilization while achieving
complete cost recovery without accelerating adverse selection amongst network users may prove
challenging. In this situation, cost allocation amongst network users will more closely approach
socialization, or people who have been more responsible for network costs in the past will continue
to contribute more in the future until utility investments are recovered. In such a scenario of surplus
distribution capacity, the particular weight and relevance of cost drivers may change. For example,
increasing the size of the minimum connection network and thereby increasing the importance
assigned to the connection cost driver can increase the level of cost socialization.

While it is possible that widespread adoption of microgrids or islandable load, generation, and
storage may eventually significantly reduce utilization of the distribution network, the time scale
for such a transformation of distribution systems is much greater than the timescale over which the
proposed tariff framework can be adopted. Implementation of more cost reflective DNUoS charges
within the next decade can ensure that distribution utilities recover the costs of investments that
they have already made in the very infrastructure essential to ensuring a successful transition to
the power system of the future.
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Figure 17: The cost components to be collected through DNUoS charges (only the LV network cost
is used as an example here; the same components make up the total MV and HV network costs)
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Figure 18: How the cost components to be collected through DNUoS charges and the resultant
price signals sent to network users may evolve over time
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6.3 Practical Limitations

The framework presented above is a “first-best” approach to efficient, cost reflective DNUoS charge
design. However, the implementation of cost reflective DNUoS charges requires consideration of a
range of practical limitations and potential “next-best” solutions.

• The level of differentiation between network users’ DNUoS charges achieved with the proposed
charge design may find opposition in the face of existing widespread policies of socialization
of electricity costs or established guidelines for nondiscriminatory rate design.

In most countries, retail rates are exactly the same for all consumers connected at the same
voltage level, or retail rates are the same for all consumers within the same distribution
service area, regardless of the location of the consumer’s connection point. This practice has
been extended to “prosumers” under different implementation schemes. While each network
user pays a different total amount on the final retail bill, depending on the user’s level of
energy consumption and capacity contribution, the unit rates are the same for all: every
kWh of energy consumption or production, or every kW of capacity utilization is valued
equally (sometimes with differentiation based on the user’s time of consumption). The tariff
design proposed here uses a common method to compute the network charges for all network
users, but values network utilization differently depending on the location and time of use.
Although this is what efficiency requires, regulators will have to consider how to carry out
DNUoS charge design in a way that aligns with their specific regulatory and policy goals.
This may require either rethinking and re-articulating guidelines for nondiscriminatory rates
and network socialization, or, as described next, utilizing the levers available in the proposed
framework to better suit a particular jurisdiction’s needs.

• The regulator retains the flexibility to alter the amount of cost socialization or differentiation
achieved through the DNUoS charge by adjusting the proportion of network costs allocated
to each of the cost drivers.

It is currently a common regulatory practice to apply the same network rates to all consumers
connected at the same voltage level, regardless of whether they are located in an urban or rural
area and incur very different network costs. But with increasingly diversified distribution
network utilization patterns, it is essential that DNUoS charges embody the differences in
distribution costs caused by network users. In order to reconcile these two seemingly opposite
views, one approach is to make the connection component (which most directly relates to
the cost differences between urban and rural networks) more significant by strengthening
the minimum connection grid and then socializing the cost to the entire system (effectively
creating a single zone in the LV network for this cost component). The remaining cost
components depend upon the specific utilization pattern of each network user and are best
allocated according to profiles.

• Detailed measurements of cost driver variables may not be readily available if hourly metering
is unavailable. Under such circumstances, estimates of driver values must be utilized to
construct network-use profiles. Additionally, access to a reference network model and trained
personnel must be available to carry out the computation of DNUoS charges proposed here.

• The context created by the specific objectives and tradeoffs most salient in varying jurisdic-
tions may impose a range of additional regulatory and political constraints on the design of
network charges.
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7 Conclusions, Summary, & Future work

As the penetration of DER increases, balancing the needs of multiple stakeholders to ensure efficient
and cost-effective operation of the distribution system, while enabling a transition to a low carbon
power sector requires rethinking multiple aspects of distribution regulation. DNUoS charges must
reflect the costs and benefits of DER integration to the distribution system and communicate those
signals to network users. The structure of DNUoS charges developed in this thesis rests on two
fundamental ideas: 1) allocating network costs according to network use profiles, and 2) utilizing
a reference network model to isolate cost drivers and determine cost causality. This framework
is neutral to the particular technologies employed behind a network user’s meter and the level of
aggregation of multiple DER at a point of network connection.

DNUoS charge design for the electricity sector of the future is a topic of considerable concern to
numerous utility regulators throughout the U.S. and world today. For example, rate redesign is a
central component of the New York PSC’s vision for reforming the regulation of distribution utilities
[44]. The Massachusetts DPU, while electing to exclude distribution rates from its anticipated
framework for time-varying rates, recognizes the critical role of rate redesign in grid modernization
efforts [39]. AB327 opens the door for more sophisticated residential rate design in California [22].
The design of network tariff structures has been a central regulatory question for the integration
of renewable and distributed resources throughout the EU [17], [46]. This thesis has developed a
framework for the design of cost reflective DNUoS charges under growing penetration of distributed
energy resources and has provided an initial demonstration of the use of an RNM and customer
profiles to allocate distribution costs.

Subsequent work will build upon the use of the RNM demonstrated here to compute DNUoS charges
for network users at the MV and HV levels in order to allocate costs that are shared amongst users at
multiple voltage levels. Additionally, an expanded range of network-use scenarios will be explored,
considering the integration of a wider array of DER. Future work will explore the impacts of network
utilization on the distribution cost drivers in more detail, including: identifying the contribution
of LV reliability on LV DNUoS charges, developing a means by which to cluster network users to
allocate connection charges, and demonstrating separate allocation of load-related and injection-
related capacity costs. Additionally, feedback between network user reaction to DNUoS charges
(i.e. changes in user profiles) and distribution costs can be captured by integrating the RNM with
an operational model such as a power flow model to further inform DNUoS charge design.
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[31] Jesse D Jenkins and Ignacio Pérez-Arriaga. The Remuneration Challenge: New Solutions for
the Regulation of Electricity Distribution Utilities Under High Penetrations of Distributed
Energy Resources and Smart Grid Technologies. 2014.

[32] Alfred Kahn. The Economics of Regulation. John Wiley & Sons Inc., New York, 1988.

[33] Jim Kennerly, Kathryn Wright, Chad Laurent, Wilson Rickerson, and Autumn Proudlove.
Rethinking Standby and Fixed Cost Charges: Regulatory and Rate Design Pathways to Deeper
Solar PV Cost Reductions. Technical Report August, NC Clean Energy Technology Center,
NC State University, 2014.

[34] Peter Kind. Disruptive Challenges: Financial Implications and Strategic Responses to a Chang-
ing Retail Electric Business. Technical Report January, Edison Electric Institute, Washington,
DC, 2013.

[35] Paul Krugman and Robin Wells. Microeconomics. Worth Publishers, 2005.

67



[36] Bianca Lehde and Markus Zdrallek. New Load and Infeed Approaches for Cost-Efficient Low-
Voltage Grid Design. In 22nd International Conference on Electricity Distribution, number
Paper 0868, Stockholm, 2013.

[37] Carl Linvill, John Shenot, and Jim Lazar. Designing Distributed Generation Tariffs Well.
Technical report, 2013.

[38] J.A.P. Lopes, N. Hatziargyriou, J. Mutale, P. Djapic, and N. Jenkins. Integrating distributed
generation into electric power systems: A review of drivers, challenges and opportunities.
Electric Power Systems Research, 77(9):1189 – 1203, 2007.

[39] Massachusetts Department of Public Utilities. Investigation by the Department of Public
Utilities upon its own Motion into Time Varying Rates. Technical report, 2014.

[40] C.L. Masters. Voltage rise: the big issue when connected embedded generation to long 11 kV
overhead lines. Power Engineering Journal, (February):5–12, 2002.

[41] P. Mitra, G.T. Heydt, and V. Vittal. The impact of distributed photovoltaic generation on
residential distribution systems. Arizona State University, Department of Electrical, Computer
and Energy Engineering, Tempe, AZ, 85287, USA, 7864, 2012.

[42] Daniel C. Mussatti and William M. Vatavuk. EPA Air Pollution Control Cost Manual. Tech-
nical report, U.S. Environmental Protection Agency, Office of Air Quality Planning and Stan-
dards, 2002.

[43] National Renewable Energy Laboratory. National Solar Radiation Data Base [Data file], 2014.

[44] New York Department of Public Service. Reforming the Energy Vision: NYS Department of
Public Service Staff Report and Proposal. Technical report, 2014.

[45] Brandon Owens. The Rise of Distributed Power. Technical report, General Electric, 2014.
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Appendices

A 48-hour load and PV generation profiles

The residential, commercial, and industrial load profiles, and PV injection profiles from which all
network user profiles were sampled.

Figure 19: Sample residential profiles
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Figure 20: Sample commercial profiles
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Figure 21: Sample industrial profiles
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B Network C (LV and MV load)

Figure 22: The full Network C (LV and MV load)
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C MV/LV substations

Table 17: The MV/LV substations in Network A
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Table 18: The MV/LV substations in Network B
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D Network B Run 01 and Run 00

Figure 23: A magnified section of Network B Run01 (connection network) with load and PV
generation points
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Figure 24: A magnified section of Network B Run00 (full network) with load and PV generation
points
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