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Hybrid gas/chemical Enhanced Oil Recovery (EOR) methods are such novel
techniques to increase oil production and oil recovery efficiency. Gas flooding using
carbon dioxide, nitrogen, flue gas, and enriched natural gas produce more oil from the
reservoirs by channeling gas into previously by-passed areas. Surfactant flooding can
recover trapped oil by reducing the interfacial tension between oil and water phases.
Hybrid gas/chemical EOR methods benefit from using both chemical and gas flooding. In
hybrid gas/chemical EOR processes, surfactant solution is injected with gas during low-
tension-gas or foam flooding. Polymer solution can also be injected alternatively with gas
to improve the gas volumetric sweep efficiency.

Most fundamentally, wide applications of hybrid gas/chemical processes are
limited due to uncertainties in reservoir characterization and heterogeneity, due to the
lack of understanding of the process and consequently lack of a predictive reservoir
simulator to mechanistically model the process. Without a reliable simulator, built on
mechanisms determined in the laboratory, promising field candidates cannot be identified

in advance nor can process performance be optimized.
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In this research, UTCHEM was modified to model four-phase water, oil,
microemulsion, and gas phases to simulate and interpret chemical EOR processes
including free and/or solution gas. We coupled the black-oil model for water/oil/gas
equilibrium with microemulsion phase behavior model through a new approach. Four-
phase fluid properties, relative permeability, and capillary pressure were developed and
implemented. The mass conservation equation was solved for total volumetric
concentration of each component at standard conditions and pressure equation was
derived for both saturated and undersaturated PVT conditions.

To model foam flow in porous media, comprehensive research was performed
comparing capabilities and limitations of implicit texture (IT) and population-balance
(PB) foam models. Dimensionless foam bubble density was defined in IT models to
derive explicitly the foam-coalescence-rate function in these models. Results showed that
each of the IT models examined was equivalent to the LE formulation of a population-
balance model with a lamella-destruction function that increased abruptly in the vicinity
of the limiting capillary pressure, as in current population-balance models. Foam models
were incorporated in UTCHEM to model low-tension-gas and foam flow processes in
laboratory and field scales.

The modified UTCEM reservoir simulator was used to history match published
low-tension-gas and foam coreflood experiments. The simulations were also extended to
model and evaluate hybrid gas/chemical EOR methods in field scales. Simulation results
indicated a well-designed low-tension-gas flooding has the potential to recover the
trapped oil where foam provides mobility control during surfactant and surfactant-

alkaline flooding in reservoirs with very low permeability.
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Chapter 1: Introduction

This chapter presents the problem statement and describes the main objectives of

the research. The dissertation chapters are also briefly summarized.

1.1 PROBLEM STATEMENT

1.1.1 Four-Phase Flow Simulation

The need for improved models to simulate chemical enhanced oil recovery
(CEOR) methods involving either free gas or solution gas has increased in recent years as
it has become more common to inject surfactants to recover live oils using surfactant-
polymer or alkaline-surfactant-polymer flooding, or to inject gas with the surfactant
solution (low-tension gas flooding or foam). A four-phase flow and transport formulation
is needed to accurately model these EOR methods. New experimental data are now
available to help in the development and validation of such models. In particular, the
effect of pressure and solution gas on microemulsion phase behavior is now much better
understood because of new and much more systematic experimental data. New low-
tension gas or alkali surfactant foam experiments have also recently been published.

The UTCHEM simulator was used in this research. UTCHEM is a three-
dimensional chemical flooding reservoir simulator developed at The University of Texas
at Austin to model chemical EOR processes such as polymer flooding, polymer/gel,
surfactant-polymer flooding, alkaline-surfactant-polymer flooding and low-tension-gas
flooding. The solution scheme is analogous to IMPES, where pressure is solved for
implicitly and concentrations (rather than saturations) are solved for explicitly. Phase

saturations and species concentrations in each phase are then solved in chemical phase
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behavior routines. An energy balance equation is solved explicitly for reservoir
temperature. The energy balance equation includes heat flow between the reservoir and
over- and under-burden rocks.

Gas is modeled as a single component. All components are assumed to be
slightly compressible. The previous implementation of gas in UTCHEM was often the
source of numerical instability problems. Srivastava (2010) reported large computational
time and numerical instability in UTCHEM during the simulation of gas and surfactant in
Winsor Type I11. Appendix A presents an example case in which UTCHEM-2011-9 fails
to simulate simultaneous injection of gas and surfactant.

As part of this research, UTCHEM was modified to include capillary pressure and

relative permeability models for four-phase flow and to add a black-oil model.

1.1.2 Foam Modeling in Porous Media

Enhanced oil recovery (EOR) techniques such as miscible-gas, thermal, and
chemical methods have the potential to increase oil production and oil recovery
efficiency (Lake et al., 2014). The development, optimization, and implementation of
EOR methods require accurate and robust reservoir simulators. Gas EOR projects often
suffer from low volumetric sweep efficiency due to low gas density and viscosity. As
shown in Figure 1.1, the use of foam in gas EOR applications has the potential to
improve oil recovery by reducing gas mobility (Schramm, 1994; Kovscek and Radke

1994; Rossen, 1996; Farajzadeh et al., 2011; Andrianov et al. 2012, Lashgari et al. 2014).
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Figure 1.1: Schematic illustrating the increased vertical sweep using foam (right image)
compared to gas (left image)

Design of foam EOR processes for field applications requires accurate simulation
models. A reliable simulator can be used to help identify promising reservoirs for EOR
and to optimize performance of the EOR process among other beneficial uses.

Two types of foam models have been developed. Population-balance (PB)
models attempt to represent all the dynamic processes of lamella creation and destruction
as well as the effect of bubble size on gas mobility. These models can be set to assume
local equilibrium (LE) between the processes of lamella creation and destruction. The
second type of foam model reflects the effects of foam texture implicitly through a gas
mobility-reduction factor that depends on saturations, superficial velocities and other
factors. These models all assume LE. To avoid confusion with the LE version of PB
models we refer to the second group here as implicit-texture (IT) models. PB models are
often assumed to be better because they are based on "first principles,” and the dynamic

version of the models are sometimes called "full physics" models (Chen et al., 2010; Ma



et al., 2014b). The IT models are often referred to as "empirical” or "semi-empirical” and
lacking in essential physics (Kovscek et al., 1995; Rossen et al., 1999; Chen et al., 2010;
Skoreyko et al., 2012; Ma et al., 2014b). However, the ultimate test of a model is its

ability to represent and explain a variety of data using different model parameters.

1.2 RESEARCH OBJECTIVES

The objective of this research was to develop a four-phase flow model to simulate
hybrid chemical/gas EOR processes including low-tension-gas flooding, foam, and
polymer alternating gas. A black-oil model for water/oil/gas was coupled with the
surfactant/oil/water phase behavior through a new formulation implemented in the
UTCHEM reservoir simulator. The resulting flow equations are discretized and solved
using a block-centered finite-difference method.

A comprehensive evaluation of available foam models was performed to study the
capabilities and limitations of each model. UT (P.), and local-equilibrium Chen’s
population balance model were implemented and coupled with the new four-phase
simulator to study foam flow in porous media. The new version of the UTCHEM
simulator was used to evaluate chemical EOR methods involving solution gas and/or free

gas.



1.3 REVIEW OF CHAPTERS

This dissertation describes the development and application of four-phase flow
model coupled with existing foam models. This research has been organized in seven
chapters.

Chapter 2 contains a review on the related topics to this research. This chapter
provides a background on black-oil and compositional simulators, foam flow behavior in
porous media, and existing foam models. It includes a literature review on the hybrid
chemical/gas laboratory experiments.

Chapter 3 includes assumptions, equations and initial framework for black-oil
formulation in UTCHEM. The pressure dependence of fluid properties, and available
three-phase relative permeability and capillary pressure models will be discussed.

Chapter 4 presents four-phase flow formulation and its implementation method in
chemical simulator UTCHEM. The discretized form of mass and pressure equations are
discussed in details. Fluid properties, relative permeabilities, and capillary pressures are
defined for the four-phase flow.

Chapter 5 compares population-balance and implicit-texture (IT) models in two
ways. First, it shows the equivalence of the two approaches by deriving explicitly the
foam-coalescence-rate function implicit in the IT models, and showing its similarity to
that in population-balance models. Second, the models are compared based on their
ability to represent a set of N, and CO, steady-state foam experiments. It also discusses
the corresponding parameters of the different methods.

Chapter 6 presents simulation results with new developed four-phase flow
simulator UTCHEM. This chapter starts with verification of black-oil model with IMEX.
The new formulation is checked for convergence with grid refinement tests. The model is
also compared with original UTCHEM in absence of gas phase. After verification tests,
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the simulator is used to history match a low-tension-gas coreflood experiment and model
low-tension-gas flooding with different injection schemes in field scales. The impact of
Water Alternating Gas (WAG), Polymer Alternating Gas (PAG), and foam on gas
mobility control are also investigated.

Chapter 7 provides the key findings and conclusions remarks of this research.

Finally recommendations are made for further studies and developments.



Chapter 2: Background and Literature Review

This chapter provides a literature review of black-oil and compositional reservoir
simulators including UTCHEM, hybrid chemical/gas EOR processes including low-
tension-gas flooding (surfactant/gas, or alkali/surfactant/gas), foam flow in porous media,

and foam models that will be used later in Chapter 5.

2.1 BACKGROUND

Reservoir simulation is a software tool for predicting hydrocarbon reservoir
performance based on relevant physics, chemistry, geology, reservoir engineering and
numerical and computational sciences. The need for reservoir simulation stems from the
requirement for petroleum engineers to obtain accurate performance predictions for a
hydrocarbon reservoir under different operating conditions. This need arises from the fact
that in a hydrocarbon recovery project (which may involve a capital investment of
hundreds of millions of dollars), the risk associated with the selected development plan
must be assessed and minimized. Factors contributing to this risk include the complexity
of the reservoir because of heterogeneous and anisotropic rock properties, regional
variations of fluid properties and relative permeability characteristics, the complexity of
the hydrocarbon-recovery mechanisms, and the limitations of the predictive methods that
may make them inappropriate among other factors. The first three factors are beyond the
engineer’s control, and they are taken into consideration in reservoir simulation through
the generality of input data built into reservoir-simulation models and the availability of
simulators for various enhanced oil recovery (EOR) techniques. The fourth factor can be
controlled through proper use of sound engineering practices and judicious use of

reservoir simulation.



Reservoir simulators can be classified in several ways (Ertekin et al. 2001). The
most common criteria for classifying reservoir simulators are the type of reservoir and
reservoir fluids to be simulated and the recovery processes occurring in the subject
reservoir. Reservoir simulators can also be classified according to the coordinate system
used in the model, the number of dimensions in space, and the number of phases.

Reservoir simulators based on reservoir and fluid descriptions fall into two
categories: black-oil and compositional simulators. Black oil simulators are used in
situations where recovery processes are insensitive to compositional changes in the
reservoir fluids. In black-oil simulators, mass transfer is assumed to be strictly pressure
dependent and the fluid properties are modeled using B,, By, and Rs.

Compositional simulators are used when recovery processes are sensitive to
compositional changes. These situations include primary depletion of volatile-oil and
gas-condensate reservoirs, pressure-maintenance operations in these reservoirs among
other processes. Also, multiple-contact-miscible processes are generally modeled with
compositional simulators. In compositional simulators, an equation of state is used to

model the hydrocarbon phase behavior.

2.2 BLACK-OIL MODEL HISTORY

Some part of this literature review on black-oil model history is from the work by
Lu (2008).

Early computing technology in the 1960’s facilitated both the development of the
black oil model and mathematical research into solvers for large systems of equation.
Numerous workers contributed to the pioneering work on reservoir simulation (Douglas

and Peaceman, 1955; Peaceman, 1977; Aziz and Settari, 1979; Coats, 1982; Peaceman



and Rachford, 1995). The three-phase black oil fluid treatment has remained the standard
for reservoir simulators (Coats, 1982).

The 1970’s, the conventional formulation of the black oil model was derived and
was used in the simulation field (Aziz and Settari, 1979; Breit et al., 1973; Kazemi et al.,
1978; Peaceman, 1977; Wong et al., 1987). The main attraction of the black oil model at
that time was that it accounted for the four basic oil recovery mechanisms: (1) fluid
expansion, (2) displacement, (3) gravity drainage, and (4) capillary imbibition (Coats,
1982). Cook et al. (1974) proposed a method for extending the black oil model to include
gas injection with non-equilibrium gases for represent into more complex compositional
effects, including when three or more components are required; Spivak and Dixon (1973)
then made modifications to the black oil formulation to account for volatile oil and gas
condensate fluids, where the oil component may exist in the gas phase.

In the 1980s, the black oil model was applied to more complicated geological
conditions. Dimitrie et al. (1985) described an approach for simulating three-phase flow
in a fractured reservoir that was based on the dual porosity concept with certain
modifications to the 3D black oil model. Whitson et al. (1988) modified the black oil
model with simplified compositional PVT formulations to solve the full-field simulation
problems of several North Sea reservoirs that contained near-critical fluids with
compositions that varied areally and with depth. The modified black oil model included
four components: non-volatile surface oil, volatile surface oil, surface hydrocarbon gas,
and injection gas. Simulation of a heavy oil reservoir with the black oil model had been
addressed by Huan (1985, 1986), in which he proposed the flash approach. Several
papers treated black oil simulation as a special case of compositional simulation (Gjerde
et al., 1988; Norvik , 1985; Watts, 1985, Young and a Stephenson, 1983) and the

behavior of the gas phase was investigated specifically (Fanchi, 1987, Forsythe and
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Sammon, 1984). In particular, Trangenstein and Bell (1989) provided a detailed
mathematical structure of the black oil model, including thermodynamic equilibrium, an
equation of state (EOS) and component conservation equations. It should be noted that
the black oil models developed during this decade were beginning to realize their
potential to simulate full-field reservoir problems.

Since the 1990s, most research has focused on the various black oil model
solution methodologies (Buchwalter and Miller, 1993; Coats, 1999; Collins et al. 1992)
Several general purpose black oil models have been developed to handle comprehensive
reservoir problems (Ganzer and Heinemann, 1997; Coats, 1998; Tan and Kaiogerakis,
1991). Tan and Kaiogerakis described a reservoir simulator with an automatic history
matching capability. Ganzer and Heinemann (1997) developed a multipurpose reservoir
simulator to solve a wide range of reservoir problems, including three-phase black oil
depletion, miscible displacement of multi-component fluids. The black oil model has also
been used together with other models, such as the compositional model, to deal with
particular reservoir conditions. Fevang et al. (2000) discussed the guidelines for choosing
different models for volatile oil and gas-condensate reservoirs. They discovered that the
black oil model can be used for most depletion cases with proper PVT data; however, it is
not suitable in most cases of gas injection. In recent decades, much effort has also been
expended in solving the black oil problem using powerful parallel computation
technologies (Agarwal et al., 2001; Kendall et al., 1983; Ma et al., 1995)

The black oil model with thermal functionality is another developing topic in
reservoir simulation. It is becoming more and more important together with the
enhancement of oil recovery, especially with regard to steam injection (Behie et al.,

1987; Chen et al., 2000).
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2.3 INTRODUCTION TO UTCHEM

UTCHEM is a 3-D, multicomponent, multiphase, compositional model of
chemical flooding processes which accounts for microemulsion phase behavior, chemical
and physical transformations and heterogeneous porous media properties. It uses
advanced concepts in high-order numerical accuracy and dispersion control and vector
and parallel processing. A one-dimensional version of the simulator was originally
developed by Pope and Nelson (1978) to simulate enhanced recovery oil using surfactant
and polymer processes. Thus, the microemulsion phase behavior as a function of
surfactant, alcohol, oil, and aqueous components was developed early and has been
extensively verified against experiments. Generalizations by Bhuyan et al. (1990) have
extended the model to include other chemical processes and a variety of geochemical
reactions between the aqueous and solid phases. The non-equilibrium dissolution of
organic components from a non-aqueous phase liquid into a flowing aqueous or
microemulsion phase is modeled using a linear mass-transfer model. In this simulator, the
flow and mass-transport equations are solved for any number of user-specified chemical
components (water, organic contaminants, surfactant, alcohols, polymer, chloride,
calcium, other electrolytes, microbiological species, electron acceptors, etc.). These
components can form up to four fluid phases (water, oil, microemulsion, and gas) and
any number of solid minerals depending on the overall composition. The microemulsion
forms only above the critical micelle concentration of the surfactant and is a
thermodynamically stable mixture of water, surfactant and one or more organic
components. All of these features taken together, but especially the transport and flow of
multiple-phases with multiple-species and multiple-chemical and biological reactions

make UTCHEM unique. A multiphase and multicomponent dual porosity model has also
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been implemented in UTCHEM to evaluate the use of chemical methods in naturally
fractured oil reservoirs.

UTCHEM can be used to simulate a wide range of displacement processes at both
the field and laboratory scales. The number of components is variable depending on the
application. When electrolytes, tracers, co-solvents, polymer, and other commonly
needed components are included, the number of components may be on the order of
twenty or more. When the geochemical option is used, a large number of additional
aqueous components and solid phases may be used.

Surfactant phase behavior modeling is based in part on the Hand representation of
the ternary phase diagram (Hand, 1939). A pseudo-phase theory (Prouvost et al., 1984,
1985) reduces the water, oil, surfactant, and co-surfactant fluid mixtures to a pseudo-
ternary composition space. The major physical phenomena modeled are microemulsion
phase behavior, density, viscosity, velocity-dependent dispersion, molecular diffusion,
adsorption, interfacial tension, relative permeability, capillary pressure, capillary trapping
of residual phases, cation-exchange, and polymer, microemulsion and foam rheology, gel
reactions and properties such as permeability reduction, polymer inaccessible pore
volume, various geochemical and microbial reactions and heat losses (Hirasaki and Pope,
1974; Bear, 1979; Satoh, 1984; Datta Gupta et al. 1986; Delshad et al., 1986; Pope et al.,
1987; Saad, 1989; Jin, 1995; Delshad et al., 2008, Mohammadi, 2008).

The reaction chemistry includes aqueous electrolyte chemistry, precipitation and
dissolution of minerals, ion exchange reactions with the matrix (the geochemical option),
reactions of acidic components of oil with the bases in the aqueous solution (Bhuyan,
1989; Bhuyan et al., 1990 and 1991) and polymer reactions with crosslinking agents to
form gel (Garver et al., 1989; Kim, 1995).
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The balance equations are the mass conservation equations, an overall balance that
determines the pressure for up to four fluid phases, and an energy balance equation to
determine the temperature. Flow equations are solved using a block-centered finite-
difference scheme. The solution scheme is IMPEC, analogous to IMPES, where pressure
is solved for implicitly and concentrations are solved for explicitly. One- and two-point
upstream weighting and a third-order spatial discretization are available as options in the
code. To increase the stability and robustness of the third-order method, a flux limiter that
is total-variation-diminishing (TVD) has been added (Liu, 1993; Liu et al., 1994). The

third-order TVD method gives the most accurate solution.

2.4 CHEMICAL EOR WITH GAS

Recently chemical enhanced oil recovery has increased due to significant
advances in the technology, a better understanding of the processes and additional field
projects, especially commercial polymer flooding projects. A very large number of
candidate oil reservoirs for CEOR contain live oil. Therefore, the gas phase may
disappear or reappear under certain conditions. When the reservoir is depressurized
(below bubble point pressure) and oil contains gas, the dissolved gas is liberated from the
oil. However, the gas phase may re-dissolve if the pressure increases.

The gas can be also injected along with an agueous surfactant solution to create
foam, now sometimes called in low-tension gas flooding (Kamal and Marsden, 1973;
Lawson and Reisberg, 1980; Wang, 2006; Srivastava et al., 2009; Li et al., 2010,
Szlendak et al. 2013; Farajzadeh et al. 2013). Kamal and Marsden (1973) conducted
alkaline/surfactant/gas (ASG) experiments using high permeability sandpacks in both

secondary and tertiary recovery modes. In their experiments, the injected chemical slug
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was displaced with a foam drive. Lawson and Reisberg (1980) studied the alternate
injection of gas and aqueous surfactant solution in both sandstone and tight carbonate
rocks. In their experiments, the chemical slug was displaced by alternating slugs of gas
and surfactant solution to provide mobility control behind the chemical slug.

Wang (2006) conducted ASG experiments using both micro-models and
sandpacks. Micro-model experiments helped to provide visual observation of the process.
He observed that the co-injection of chemical slug and gas is more efficient for lower
saturation of oil, which is due to lower stability of foam in presence of oil. He also found
that the foam was more effective when alkali was added in the slug.

Srivastava et al. (2009) conducted ASG floods using low to medium permeability
sandstone and dolomite cores. In their experiments, foam was effective in providing
mobility control in presence of low IFT. They concluded the presence of alkali assists in
increasing the efficiency of the process by reducing surfactant adsorption and in-situ soap
generation. They also showed the negative salinity gradient employed in their chemical
floods improves foam stability by mobilizing trapped surfactant. Trapped surfactant is
mobilized as salinity changes from Winsor Type Il to Type Il to Type I. Foam strength
is increased in Type | environment due to surfactant mobilization. Thus, they concluded,
the design of ASG process should be such that the drive salinity stays in Type | region.

Li et al. (2010) carried out alternating injection of surfactant solution and gas in
1-D homogeneous and 2-D layered sandpacks with 19:1 permeability contrast. They
showed a foam drive with surfactant alternating gas (SAG) can be used as an alternative
for polymer drive in ASP EOR. In their experiments, a viscous oil (226 cp) was displaced
successfully with ASP slug and SAG drive. In 2-D experiments the vertical sweep was

greatly enhanced with SAG compared to waterflood or WAG.

14



Szlendak et al. (2013) studied the impact of low-tension-gas flooding in tight
formations. In their experiments the low tension chemical solution was co-injected with
nitrogen gas at 50% gas fraction as a slug and then followed with a drive of surfactant
and nitrogen designed to foam at the same rate and gas quality. They showed a low
quality, low rate co-injection of gas and surfactant was effective in mobilizing and
displacing residual oil in 10 md carbonate cores.

Farajzadeh et al. (2013) investigate the impact of the presence of gas on recovery
efficiency of surfactant flooding process. They designed several experiments to represent
different situations in the reservoir, where gas can be continuous, trapped, or flowing.

In terms of modeling, there have been very limited attempts to model chemical
EOR in the presence of gas. Moncorgé et al. (2012) presented a framework aimed at
integration of new physics for improved recovery process with black-oil and K-value
models. Trouillaud et al. (2014) simulated the effect of pressure and oil composition on
microemulsion phase behavior by coupling a gas/oil/water phase behavior model with a

microemulsion phase behavior model.

2.5 EFFECT OF SOLUTION GAS AND PRESSURE ON SURFACTANT PHASE BEHAVIOR

The effect of solution gas and pressure on microemulsion phase behavior is
important to develop a successful chemical formulation for enhanced oil recovery. The
effect of solution gas and pressure on microemulsion phase behavior has been reported
by different authors. Puerto and Reed (1983), Roshanfekr et al. (2009), Southwick et al.
(2012), Sagi et al. (2013), and Jang et al. (2014) all reported a reduction in the optimum
salinity when methane is added to crude oil. Southwick et al. (2012) also discussed that

pressurizing of oil with nitrogen rather than methane did not show enhanced relative
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surfactant solubility in the oil phase. Salager et al. (1979a, 1979b) proposed equivalent
alkane carbon number (EACN) as a physical characteristic relating to surfactant
solubility and optimum salinity. Roshanfekr et al. (2009) used the EACN concept to
account for the methane content of live oil. In their experiments for the surrogate oil, the
logarithm of optimum salinity shows a linear increase with increasing EACN. Later, Jang
et al. (2014) used sapphire cells to measure the microemulsion phase behavior for
different live oil samples over a wide range of pressure, temperature and solution gas.
They found that the optimum salinity is closer to the dead oil than expected and higher

than the value for surrogate oils made based on EACN, as shown in Figure 2.1.
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Figure 2.1: Optimum salinity of live-oil, dead-oil, and surrogate-oil for different oil
samples (Jang et al. 2014)
Roshanfekr et al. (2009), Southwick et al. (2012) and Jang et al. (2014) all
reported an increase in solubilization ratio for the live oils compared to dead oil. Jang
also observed that the solubilization ratio for live oil samples are similar to the surrogate

oil samples with one exception. More importantly, he observed for all the live-oil
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samples, the solubilization ratios were above 10, which corresponds to the ultra-low
interfacial tension, as shown in Figure 2.2. Roshanfekr et al. (2009) showed for the
surrogate oil samples, the solubilization ratio at optimum salinity decreases with

increasing EACN.
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Figure 2.2: Solubilization ratios of live-oil, dead-oil, and surrogate-oil for different oil
samples (Jang et al. 2014)
Kim et al. (1985, 1988), Austad et al. (1990), Austad and Strand (1996), Austad
et al. (1996), Skauge and Fortland (1990), Sanderson et al. (2012), and Jang et al. (2014)
consistently report that for both pure hydrocarbons and crude oils the optimum salinity
increases as the pressure increases. However, the shift in optimum salinity with pressure
up to several thousand psi is small. Figure 2.3 shows the effect of pressure on

microemulsion phase behavior in Jang’s experiment was negligible.
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Figure 2.3: Effect of pressure on microemulsion phase behavior at 980 and 2000 psi
(Jang et al. 2014)

2.6 FoAaM FLOW IN POROUS MEDIA

Foam in porous media can be defined as a dispersion of gas in liquid such that the
liquid is connected and at least some gas paths are blocked by thin liquid films, called
lamellae (Falls et al., 1988). In reservoir rock, an individual bubble occupies one or
several pore bodies (Ettinger and Radke, 1992). This means foam cannot be treated as a
homogeneous phase in porous media (Dong, 2001). Foam can be classified as
continuous-gas foam and discontinuous-gas foam depending on whether there are free
pathways for gas to flow. Continuous-gas foam is obtained when there is at least one free
path for gas to flow. In discontinuous-gas foam, on the other hand, all the pathways are
blocked by lamellae (Falls, 1988). A strong and stable foam is thought to be a
discontinuous foam while weak foam is associated with continuous-gas foam (Friedmann

etal., 1991).
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Foam flow and stability in a porous medium is very complex and depends not
only on the foam itself, but also on the petrophysical properties of the rock to some extent
(Dong, 2001). Foam stability and behavior is closely related to the number of gas bubbles
in a unit bulk volume, which is called bubble density or foam texture. The higher the
bubble density, the finer the foam texture and the stronger the foam is.

It has been experimentally observed that when gas/water capillary pressure in a
porous medium approaches a certain value, the foam coarsens abruptly; this value
referred to as the “limiting capillary pressure”, and the corresponding saturation is called
“limiting water saturation”, (Khatib et al., 1988; Zhou and Rossen, 1995). The limiting-
capillary-pressure concept is illustrated in Figure 2.4. The P, concept is analogous to the
concept of the critical disjoining pressure in bulk foam, above which a single foam
lamella breaks (Aronson et al., 1994; Exerowa and Kruglyakov, 1998; Farajzadeh et al.,
2008).

In the absence of oil, foam exhibits two steady-state flow regimes (Osterloh and
Jante, 1992; Alvarez et al., 2001). If foam collapse is abrupt the transition between
regimes occurs at a single water saturation S,, (the water saturation corresponding to P,
see Figure 2.4). In the “low quality” (i.e., low gas fractional flow) or “wet” regime, the
foam bubble size remains near the average pore size and pressure gradient is nearly
independent of liquid velocity. In the “high quality”, “dryout” or “coalescence” regime,
bubble size increases and foam becomes coarser over a narrow range of water saturation.
In the high-quality regime, pressure gradient is nearly independent of gas superficial
velocity (Figure 2.5a). However, if foam collapse is not abrupt, there is a range of water
saturations over which foam becomes coarser in texture. In this case, the contour plot of
pressure gradient shows a rounded transition between regimes rather than a sharp corner

(Figure 2.5b). For a constant total superficial velocity, the high-quality regime is the
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range of foam quality where the pressure gradient decreases with increasing foam quality,
whereas in the low-quality regime the pressure gradient increases with increasing foam
quality.

The limiting capillary pressure is thought to regulate foam behavior in the high-
quality regime as follows. Suppose foam is at local equilibrium in the high-quality
regime. Capillary pressure is close to Pc*. Then suppose gas velocity increases by a
factor X. As a result, water saturation falls slightly. Capillary pressure P approaches P*.
The approach to P.* causes a large increase in coalescence rate, coarsening foam and
raising gas mobility by the same factor X. The decrease in water saturation is slight, so
water saturation is nearly unchanged. Therefore LE is restored with the same pressure
gradient as before the increase in gas superficial velocity.

The limiting capillary pressure is a function of surfactant formulation and
concentration, electrolyte concentration, formation properties such as permeability, and

other factors (Khatib et al., 1988; Farajzadeh et al., 2015).
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Figure 2.4: Limiting capillary pressure concept: In a porous medium capillary pressure is
a function of water saturation and the gas fractional-flow function depends
on bubble size. At the limiting capillary pressure P, foam breaks. At this
fixed water saturation SW*ZSW(PC*) foam becomes coarser, mean bubble size
increases, and gas fractional flow increases (Adapted from Khatib et al.,
1988.) The LE behavior of foam would follow the red curve at small S,
then the dotted line, and then the green curve at large S,, on the right plot.
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Figure 2.5: Pressure-gradient contours as a function of superficial velocities of gas and
liquid calculated from the foam model presented (a) abrupt transition
between regimes (b) less abrupt transition. Dotted line is a hypothetical scan
of foam quality at a fixed superficial velocity of 15 ft/day (Farajzadeh et al.,
2015)
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2.7 FOAM GENERATION MECHANISM INS POROUS MEDIA

Foam generation is caused by lamella creation in a porous medium. Capillary
snap-off, lamella division, and leave-behind are the three main mechanisms for foam
formation (Ransohoff and Radke, 1988).

Capillary snap-off is the most common mechanism for foam generation and is
shown in Figure 2.6. At low capillary pressure, capillary forces drive water to accumulate
in swollen film around each pore throat. If the capillary pressure is low enough, the film
swells to bridge the throat and form a lens, which spans and block the throat. If capillary
pressure rises again, the lens thins into a lamella. This mechanism can occur repeatedly at
the same site, and can affect a relatively large portion of the flow field.

Lamella division occurs when a preformed lamella approaches a branch point so
that the lamella is divided into two or more lamellae, as shown in Figure 2.7. Lamellae
division is an effective foam generation mechanism if lamellae already exist and are
stable enough to endure movement through pore bodies, and the pressure gradient is high
enough for the lamellae to be displaced out of their static positions in the pore throat.
Lamella division also occurs numerous times at one site. Snap-off and lamella division
mechanisms are in effect at high flow velocities.

When two gas menisci enter a porous medium initially saturated with wetting
phase from different directions, as shown in Figure 2.8, a lens is left behind as the two
menisci converge downstream. This process is called leave-behind. This mechanism is
non-repetitive process which is important at low velocities, and generates relatively weak

foam.
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Figure 2.6: Snap-off mechanism showing (A) gas enters to constriction (B) new bubble is
formed (adopted from: Ransohoff and Radke, 1988)

Figure 2.7: Lamella division mechanism (A) lamellae is approaching the branch point (B)
divided gas bubbles formed (adopted from: Ransohoff and Radke, 1988)
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Figure 2.8: Leave behind mechanism (A) gas invasion (B) forming lens (adopted from:
Ransohoff and Radke, 1988)
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2.8 FOAM INFLUENCES ON PHASE MOBILITY

In a water-wet porous medium, the liquid-phase relative permeability does not
depend on whether the gas exists in a foam. Most of the liquid resides either in smaller
pores, which do not contain gas, or next to the solid in pores that are occupied by both
phases. As long as the amount of liquid carried in lamellae is small compared with the
total flux of liquid, the mobility of the liquid can be taken as the usual function of its
saturation (Fall et al., 1988)

The gas trapped by stationary lamella is immobilized, resulting in the reduction of
mobile gas saturation. Stationary lamella blocks gas flow and alters gas flow paths, thus
affecting the gas relative permeability. On the other hand, moving lamellae experience a
drag force when they slide along the pore walls. The flowing fraction of gas experiences
increased resistance to flow. This effect is similar to increasing gas viscosity, since it
increases the resistance to flow of the flowing portion of the gas phase. Since the actual
viscosity of gas is not increased by foam, the effect of increased resistance to gas flow
due to the presence of lamellae is termed ‘increase in apparent gas viscosity’. Thus foam
modifies gas mobility by reducing gas relative permeability and increasing apparent gas

Viscosity.
2.9 FoAM MODELS

Foam models should reflect the most relevant physics for foam flow in porous
media (e.g. the effects of permeability, surfactant concentration, oil saturation and
composition, wettability, etc.). Several models have been proposed for modeling foam
flow in porous media (Farajzadeh et al., 2012; Ma et al., 2014; Lotfollahi et al., 2015).
These models can be divided into two main categories. Population-balance (PB) models
(e.g. Falls et al.; 1988; Friedmann et al.; 1991; Kovscek et al., 1995; Bertin et al., 1998,

Li et al., 2006; Kam et al., 2007; Chen et al., 2010) attempt to describe the processes that
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create and destroy the lamellae that separate gas bubbles, as well as the effect of bubble
size on gas mobility. Implicit-texture (IT) models attempt to represent the effect of
bubble size implicitly, through a mobility-reduction factor that depends on saturations,
superficial velocities and other factors (e.g. Patzek et al.; 1989; Mohammadi et al., 1993;
Cheng et al.; 2000). PB models can be restructured to assume local equilibrium (LE)
between the dynamics of lamella creation and destruction; all current IT models assume
LE. These models contain adjustable parameters that are estimated by fitting the model to
experiments (Cheng et al., 2000; Boeije and Rossen, 2013; Rossen and Boeije, 2013; Ma
et al., 2013, 2014). Several different foam models can fit the steady-state mobility of
strong foam in a given porous medium to a satisfactory degree. In this section we explain

the foam models which later will be used in this research.

2.9.1 Implicit-Texture (IT) Models

In this section, the Rossen et al. (1999), STARS (Computer Modeling Group,
2012) and Vassenden-Holt (1998) IT models are described.

2.9.1.1 UT Foam Model

The UT foam model is based on a model developed by (Rossen et al., 1999). This
model gives a steep increase in gas mobility as water saturation decreases in the
immediate vicinity of limiting water saturation (S ) and a constant reduction in gas

mobility for larger value of (S,,).
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where C; is the surfactant concentration, Cs is threshold surfactant concentration for
foam formation, S, is the water saturation at which foam collapses, S, is the maximum
oil saturation at which foam remains stable, krq and k' are gas relative permeability in
absence and presence of foam, respectively, & determines the range of water saturation
for high quality regime and finally R is foam resistance factor. The foam parameter R is
modified according to gas flow rate to allow for shear thinning behavior of foam in low-

quality regime as follows:

R=R Yy "
— T ref u (2_2)

g,ref

where u, is gas velocity, R, is reference foam resistance factor at reference gas velocity

(ug]ref), and o is the power-law exponent. For Newtonian foam behavior (o =1) and

for shear thinning behavior (o <1).

We use this model for four-phase flow simulations in Chapter 6. Most of the
surfactant is in the microemulsion phase when it is present. Therefore, water saturation
needs to be replaced with microemulsion saturation in Equation (2-1). The foam also
does not form in Winsor Type Il, or when the oil concentration in the microemulsion

phase is higher than foam tolerance.

2.9.1.2 STARS Model

STARS model was developed by Computer Modeling Group (CMG). In this model
gas relative permeability is scaled by a function, FM, when foam is present:
Krg
n
1+ fmmob] [ F, (2-3)
=1
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Parameter fmmob is the maximum (or reference) mobility reduction factor that could be
achieved by foam when all conditions are favorable. The “F;” functions reflect the effects
of different physical parameters such as surfactant concentration, water saturation, oil
saturation (and composition), capillary number, etc., on foam behavior in porous media.
In this dissertation we focus on the dry-out and shear-thinning functions. The dry-out

function is defined in STARS as
1
F,= 0.5+;arctan (epdry(SW — fmdry)) (2-4)

Parameter fmdry is the water saturation at which foam experiences significant
coalescence and consequently in the limit of large epdry it is equivalent to S,,". Parameter
epdry controls the sharpness of transition from the high-quality regime to the low-quality
regime: when epdry is very large the transition is sharp and foam collapses within a very
narrow range of water saturation. When epdry approaches infinity foam coalescence
occurs at a single water saturation (S,’). In the most recent version of STARS, the
parameter fmdry is renamed sfdry, and epdry is renamed sfbet. In that model sfdry can be
represented as a function of surfactant concentration, oil saturation, salt concentration,
and capillary number. If one disables these other functionalities sfdry is a constant and
plays the same role as fmdry does.

The shear-thinning function is defined as

kVP
1 Nea (: 7) < fmcap
F5 = epcap
fmcap kVP
=2 2-5
[ N, ] Nea| == ]> fmcap (2-5)
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where, VP is the magnitude of pressure gradient, k is permeability, and o is the surface
tension. Parameter fmcap should be set to the smallest capillary number expected to be
encountered by foam in the simulation (Cheng et al., 2000; Boeije and Rossen, 2013),
and epcap represents the extent of shear-thinning behavior. Newtonian behavior

corresponds to epcap = 0 and positive epcap to shear-thinning behavior.

2.9.1.3 Vassenden and Holt Model

Vassenden and Holt presented a foam flow model based on their lab experiments,
field trial, and theoretical analysis (Vassenden and Holt, 2000; Martinsen and Vassenden,
1999; Blaker et al., 1999; and Vassenden et al. 1999). In their model, they combined the
limiting capillary pressure (P;) model for the high-quality regime and the limiting
pressure gradient model for low quality regime. Figure 2.9 shows how the resulting
relative permeability curves for gas and water are expected to look like for foam, if foam
transport is governed by the effects of a limiting capillary pressure and limiting pressure
gradient. The water relative permeability curve is expected to be unchanged by the
presence of foam. At limiting capillary pressure, the gas mobility varies dramatically with
saturation. For higher water saturations, gas mobility is controlled by the limiting
pressure gradient, which yields a rate-dependent gas mobility that does not vary with
water saturation.

In this foam model, gas relative permeability is calculated by multiplication of the
no-foam relative permeability function by a mobility factor F. This factor is given as a

sum of two exponential functions, as
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The terms in this equation are illustrated in Figure 2.10. For water saturations
below S; (which is equivalent to S,,"), there is no foam effect. For higher saturations, the
gas mobility is reduced exponentially with the slope s; through the limiting capillary
pressure region, until it reaches the limiting pressure gradient region, where the gas
mobility is a factor (Fu,/ug,)lower than the gas mobility without foam. F, is the
reference mobility factor at the reference gas velocity ug. Within the limiting pressure
gradient region, the mobility factor may vary with a slope s,, which is presumably much
smaller than the slope s;. Within each foam regime, the model gives nearly linear kg

curves on semi-log plots, with a rounded transition region.
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Figure 2.9: Relative permeability expected from Vassenden-Holt foam model
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Figure 2.10: Characteristics of foam relative permeability equation
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2.9.2  Population Balance (PB) Models

Foam mobility is influenced by its texture (Falls et al., 1988). Foam texture is
quantified as the number of lamellae per unit volume of gas. Foam with fine texture has
more lamellae in a given volume of gas and therefore induces more resistance to gas
flow. Population-balance models incorporate foam texture explicitly to predict flow
properties. A balance equation for lamellae allows the simulator to track foam texture
dynamically, i.e. without the local equilibrium assumption. The rates of accumulation,
convection, generation, and coalescence of foam bubbles are incorporated into the bubble
balance, and, if desired, rates of trapping and mobilization as well, as they are for other
molecular species in a reservoir simulator.

The transient population balance for the average flowing and trapped bubble sizes

is written as (Chen et al., 2010):

0
a[¢(sfnf +Stnt):|+v'(ufnf)ZQf +Q, (2-7)
where S, and S, are flowing and trapped gas saturations, and n.and n, are number

density of flowing and trapped foam lamellae, respectively. Q,is a source/sink term, and

g, is the net rate of generation of lamellae and can be defined as

gy =1, — I (2-8)

where, r and 1, represent generation and coalescence rates, respectively. The population
balance model can be simplified by assuming local equilibrium if desired (Ettinger and
Radke, 1992; Myers and Radke, 2000; Kam and Rossen, 2003; Chen et al., 2010). In the
LE version of the PB models, the rates of foam generation and coalescence are set equal
to each other, which defines the LE value of foam texture n; at each location. Equation

(2-7) is eliminated from the set of governing equations.
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In this section, the Chen et al. (2010), Kam et al. (2007), and Kam (2008) models
are described. The population-balance models examined here use the shear-thinning

expression for effective viscosity (Hirasaki and Lawson, 1985),

an,

He = Hy +W (2-9)

where , and ., are the gas viscosity in the absence and presence of foam, n is the

foam bubble density, v, is local gas velocity and « is proportionality constant, which
depends on the surfactant formulation and permeability.

2.9.2.1 Kovscek et al. (1994) Model

Kovscek et al. (1994) considered Roof snap-off as the mechanism of lamella
creation. In this model, foam generation is taken as a power-law expression that is
proportional to the magnitude of the flux of surfactant solution multiplied the 1/3 power
of magnitude of interstitial velocity. The liquid-velocity dependence originates from the
net imposed liquid flow through pores occupied by both gas and liquid, while the gas-
velocity dependence arises from the time for newly formed lens to exit a pore. Therefore,

the foam generation rate is defined as,

‘1/3

ry =k Ve (2-10)

where the proportionality constant k; reflects the number of foam generation sites. Later,
Chen et al (2010) discussed that foam generation rate reduces when the foam generation

sites are occupied by pre-existing gas bubbles. They proposed

=k |1=(n, /)’ (2-11)
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where @ is a constant determining the shape of inverse proportionality of foam
generation sites to pre-existing bubbles and n"is an upper limit for the concentration of
foam bubble, that is related to pore-size distribution. This model employs a capillary-
pressure-dependent kinetic expression for lamella coalescence to reflect the limiting

capillary pressure.

L=k, \Vf \nf (2-12)
where

P 2
o kol[P:—CPJ 19

where k° is a constant and P, is limiting capillary pressure for foam coalescence. It is

experimentally observed that highly concentrated foamer solutions and robust surfactants

lead to larger P, . Aronson et al. (1994) suggested the following functional form for P~

versus surfactant concentration
* * C

Pc = Pc,max tanh(C_Z)

(2-14)

S

where P/ is a limiting value for P, and C. is a reference surfactant concentration for

strong net foam generation.
The LE version of this model based on equalizing the rates of foam generation

and coalescence is written as (Chen et al., 2010)
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> 2/3
. ok, |vf |

'+————n,-n =0 (2-15)

n
kv, |

The model also represents the trapped fraction of foam as

fn
X, =X -
t tvmax[u pn, (2-16)
where X, ..is the maximum fraction of trapped foam and g is trapping parameter.

Therefore the gas relative permeability needs to be adjusted for the flowing fraction of

the gas as
kg =Ky ((1_ Xt)SgD ) (2-17)
where S, k:g, and n, are normalized gas saturation, gas endpoint relative permeability

and gas Corey exponent, respectively.

2.9.2.2 Kametal (2007) and Kam (2008) Models

In a homogeneous porous medium, foam is created by mobilization of lamellae
and subsequent division rather than primarily by Roof snap-off (Rossen and Gauglitz
1990; Tanzil et al. 2002; Gauglitz et al. 2002). The theory of Rossen and Gauglitz (1990)
for foam generation implies that lamella creation depends on pressure gradient, but also
on water saturation or capillary pressure, which governs the presence of lenses or
lamellae available to be mobilized. Specifically, foam generation is easier at higher water
saturation, because there are more liquid lenses on the pore network, and these lenses can
be mobilized at lower pressure gradient because of their arrangement on the network.
However, it is not clear from the theory how the rate of lamellae creation in porous media
depends on pressure gradient and other factors. Kam et al. (2007) proposed the follow the

following simple relationship for rate of lamellae creation:
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Iy =Cq SW(Vp)m (2-18)
where VP is pressure gradient and cq and m are model parameters. For m>1 the rate of
generation increases steeply with increasing pressure gradient.

The foam coalescence is governed by limiting water saturation S, (equivalent to

limiting capillary pressure, P.) according to following expression

1 n
r-c _Ccnf (SW_S\I,J (2-19)

where ¢ and n are model parameters. (S, —S. ) in the denominator reflects the physical

discontinuity of foam mechanism, and holds S, near S, with feedback mechanism
(Kibodeaux, 1997).

The LE version of this model can be written as

: (2-20)

where n__ is the maximum (limiting) bubble density.

Kam (2008) states that the division of foam films no longer increases once foams
are already finely textured and individual bubbles becomes as small as the average pore
size. Therefore, at high pressure gradients, the rate of lamella generation should reach a

plateau. Then, he suggested the new lamella-creation function as follows:

r =S e[ VP VR | o[ VR
97 9 ﬁ \/E (2-21)
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VP, is model parameter. The value of VP, is related to the minimum pressure gradient,
VP,.i,, for lamella mobilization and division. Figure 2.11 compares the new lamella-
creation function with old model by Kam et al. (2007).

Kam also defined the rate of breakage with a minor change to previous model by

Kam et al (2007).

s, )
I’c _Ccnf (S _S*J (2-22)

g Kam et al. (2007) e

Figure 2.11: Comparison of generation function [Kam ef al. (2007) and Kam (2008)]

The LE version of Kam (2008) model can be written as

C—g[sw_sc“]n[erf(VP_VP‘Jj—erf(_VP"D n, <n
no={2.| S, 2 ) (2-23)

Miax ne2n

- max
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NOMENCLATURE

Cc

Cy

Cs

ok
CSO
epcap
epdry

FM
fmcap
fmdry

fmmob

= coalescence rate constant

= generation rate constant

= surfactant concentration

= threshold surfactant concentration in UT model

= reference surfactant concentration in Chen et al. model

= exponent in factor (Fs) representing shear-thinning in STARS model

= factor governing abruptness of dry-out calculation (F2) in STARS model
= foam mobility multiplier in Vassenden- Holt model

= reference mobility multiplier at reference gas velocity ug, in Vassenden- Holt
model
= dry-out function in STARS model

= shear-thinning function in STARS model

= mobility reduction factor in STARS model

= reference capillary number in STARS model

= reference water saturation in dry-out calculation (F,) in STARS model
= maximum resistance factor in STARS model

= foam mobility constant in Vassenden-Holt model

= permeability

= generation rate coefficient in Chen et al. model

= coalescence coefficient in Chen et al. model

= model parameter in Chen et al. model

= model parameter in Chen et al. model

= gas relative permeability in absence of foam

= gas relative permeability in presence of foam

= gas endpoint relative permeability

= model parameter Kam et al. Model

= coalescence exponent in Kam et al. Model

= limiting (maximum) lamella density in Chen et al. model
= capillary number

= number density of flowing lamellae (lamellae/volume gas)
= gas exponent relative permeability

= Maximum foam lamella density in Kam model
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Nt = number density of trapped foam bubbles

P = capillary pressure

P = limiting capillary pressure

Panax = limiting value of P; " in Chen et al. model

Qb = source/sink term for foam bubbles

of = net rate of generation of foam bubbles

R = foam resistance factor in UT model

re = foam coalescence rate

Iy = foam generation rate

Rref = reference foam resistance factor at reference gas velocity in UT model

Sy = slope of the gas relative permeability at high quality regime in VVassenden-
Holt model

S = slope of the gas relative permeability at low quality regime in VVassenden-
Holt model

St = flowing gas saturation or lowest water saturation for foam effect in
Vassenden-Holt model

S = dimensionless gas saturation in the presence of foam

Syp = dimensionless gas saturation

So = oil saturation

So = maximum oil saturation for foam stability

St = trapped gas saturation

Sw = water saturation

Sw = limiting water saturation

Swe = connate water saturation

Swp = dimensionless water saturation

Us = Darcy velocity of gas in foam

Ug = gas Darcy velocity

Ug,ref = reference gas Darcy velocity

Uw = water Darcy velocity

Vs = local gas velocity

Vi = local water velocity

Xt = trapping foam fraction Chen et al. model

Xt max = maximum trapping fraction in Chen et al. model

a = proportionality constant
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y2;
Hg

VP
VI:)min
VP,

= trapping parameter Chen et al. model

= width of high-quality regime in UT model (in terms of S,,)

= gas viscosity in the presence of foam

= gas viscosity in the absence of foam

= power-low exponent in UT model or surface tension

= constant exponent in Chen et al. Model

= pressure gradient

= minimum pressure gradient for lamella mobilization and division

= model parameters related to minimum pressure gradient for lamella
mobilization and division in Kam model
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Chapter 3: Black Oil Model in UTCHEM

This chapter includes the assumptions and equations for the three-dimensional,
three-phase black-oil model implemented in UTCHEM. The pressure dependence of fluid
densities, viscosities, formation volume factors (FVF’s), and solution-gas are presented.

Three-phase relative permeability and capillary pressure options are discussed.

3.1 ASSUMPTIONS

The black-oil model includes three phases: water, oil and gas. The water and oil
phases are assumed to be immiscible with no mass exchange. The reservoir oil is
modeled with two pseudo components called stock tank oil and solution gas at standard
conditions. The conventional standard condition in the oil field is 14.7 psi and 60° F. The
solution gas can dissolved in both the oil phase and the water phase.

The following additional assumptions have been made in developing the
mathematical model:
e Temperature is assumed to be constant (isothermal process).
e Local thermodynamic equilibrium
¢ No-flow Neumann boundary conditions apply on the external boundary
e The permeability tensor is diagonal and aligned with the coordinate system.
e Fluid flow is characterized by Darcy’s law for multi-phase flow.
e No chemical reactions, precipitation or adsorption.
e Injection and production of fluids are treated as source and sink terms using wells.

e The rock formation is slightly compressible.
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3.2 BUBBLE POINT

Reservoir oils often contain volatile components such as methane that are called
solution gas. The pressure at which the first bubble of gas comes out of solution is called
the bubble point pressure (P). The reservoir is called undersaturated when its pressure is
greater than the bubble point pressure. For the pressures below the bubble point, the

reservoir is called saturated.

3.3 FLUID PROPERTIES

In the isothermal black-oil model, formation volume factors, the gas solubility in
oil and water, and viscosities are all functions of pressure. In this section the fluid

properties for saturated and undersaturated conditions are discussed.

3.3.1 Solution Gas Ratio

Figure 3.1 shows an example of solution gas ratio as a function of pressure. For
the primary depletion, when the reservoir is undersaturated, no gas evolves from the
solution and R, remains constant until the pressure reaches the bubble point pressure.
When the pressure goes below bubble point, free gas saturation will form. When the gas
saturation exceeds the residual gas saturation it becomes mobile.

In some cases the bubble point is not constant. For example, in thick formations,
the bubble point varies vertically. Pressure maintenance schemes (water or gas injection)
can also cause a change in the bubble point pressure. Considering an undersaturated
reservoir, represented by point A in Figure 3.2, during the primary depletion, the
reservoir declined below the original bubble point (point B) to point C. Due to vertical
gas migration, the lower portion of the reservoir will have less free gas compared to
upper portion. If the water is injected at point C, the reservoir pressure increases and gas

goes into solution, giving new bubble points D and F for the lower and upper part of the
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reservoir. Further pressurization may lead to the conditions indicated by points E and G
for the lower and upper portion of the reservoir. Therefore, the variable bubble point
formulation is the most standard formulation in commercial reservoir simulators.

UTCHEM has both constant and variable bubble point options.

A Saturated Oil Undersaturated Oil

o Region l Region '
T 1
1 ! |
= | |
o I i
B | i
3 | |
Q . .
c ! 1
2 | |
5 i I
g | |
7)) 1 !
1 1
1 1
1 1
Py | Pi]

i -

Pressure

Figure 3.1: Solution gas/oil ratio versus pressure for constant bubble point pressure.
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Figure 3.2: Solution gas/oil ratio versus pressure for variable bubble point pressure.

3.3.2  Formation Volume Factor (FVF)

A fixed mass of reservoir fluid occupies a different volume at different reservoir
pressure. Formation volume factors are used to convert volumes at reservoir pressure and
temperature to its equivalent volumes at standard conditions. Formation volume factors
consider the volume changes due to fluid compressibility for the oil, water and gas phases

and also changes due to mass transfer of solution gas for the oil phase. The formation

volume factor B, is defined as

(3-1)

B =— (I=0,w,0Q)

For slightly compressible fluids, such as water and dead-oil, FVF at constant

temperature can be written as
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B =1-¢ (P=P,) (j=w,deadoil) (3-2)
where C; is fluid compressibility and Py is standard condition pressure. For gas at

reservoir condition, the FVF can be written as

P T
B =—%—_7 ]
T, P )

SC

«

where Z is gas compressibility factor. Figure 3.3 and Figure 3.4 give the typical curves

for water and gas phase FVF.

A

Pressure

Figure 3.3: Water formation volume factor versus pressure.
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Pressure

Figure 3.4: Gas formation volume factor versus pressure.

The formation volume factor of crude oil is different from gas and water because
of the mass transfer between the gas and oil phase (Figure 3.5). The oil formation volume
factor increases as pressure decreases in the undersaturated region (P>P;) as a result of
the expansion of the oil. The formation volume factor of undersaturated oil above the

bubble point pressure can be calculated from

Bo = Bob I:l_co(P_Pb)J (3-4)
where B, is the FVF at the bubble point pressure.

As the pressure decreases in the saturated region (P<P;), the oil phase shrinks
because of gas evolution and formation volume factor decreases. In this region, the oil
shrinkage as a result of gas evolution dominates oil expansion due to pressure drop.

For the variable bubble point pressure formulation, the oil formation volume
factor follows the saturated curve (solid line) in Figure 3.6 when the oil pressure is below

its bubble point pressure. For pressures greater than the bubble point pressure, the
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formation volume factor follows the undersaturated dashed curve above the bubble point

pressure.

Pressure

Figure 3.5: Oil formation volume factor versus pressure for constant bubble point.

Pressure

Figure 3.6: Oil formation volume factor versus pressure for variable bubble point.
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3.3.3  Fluid Viscosity

Fluid viscosity is a function of pressure and temperature; however, we are only
interested in the pressure dependency of viscosity for isothermal reservoir conditions.
Water viscosity increases slightly with pressure (see Figure 3.7). Gas viscosity increases

as pressure increases but the change is less at high pressure (see Figure 3.8).

Water

Viscosity

Pressure

Figure 3.7: Water viscosity versus pressure.
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Figure 3.8: Gas viscosity versus pressure.

In the undersaturated region, solution gas ratio is constant and the oil viscosity
increases with pressure as shown in Figure 3.9. As pressure decreases below the bubble
point, the effect of gas liberation on oil viscosity dominates the effect of oil expansion

and the oil phase becomes more viscous as the reservoir pressure drops.
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Figure 3.9: Oil viscosity versus pressure in saturated and undersaturated regions.

Figure 3.10 shows oil viscosity for variable bubble point formulation. Oil
viscosity follows the solid line in the saturated region and dashed line in the

undersaturated region.

Oil Viscosi
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Pressure

Figure 3.10: Oil viscosity versus pressure for variable bubble point.
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34 THREE PHASE RELATIVE PERMEABILITY

This section includes a description of three-phase relative permeability models
available in UTCHEM: Brooks and Corey (1966), Parker et al. (1987), and Stone’s
model I (1973).

3.4.1  Corey-Type Model

The Corey model (Brooks and Corey, 1966; Delshad and Pope, 1989) used in
UTCHEM assumes the relative permeability of each phase / can be modeled as a function

of the normalized saturation of the same phase /:

0 n 3-5
krI = krI (Snl) (I = W’ 0! g) ( )
where the normalized saturations are defined as
S, -S
T (I=w,0,9) (3-6)

SnI =
1- SWr - Sor - Sgr

where ki, n,, and S, are the relative permeability endpoint, exponent, and residual

rl»

saturation for phase /. The residual oil saturation for three-phase flow (S, ) is calculated

based on a function by Fayers and Matthews (1982), which uses the two-phase residual

saturations:

S, =S, |1 —Sg S —Sg 3-7
= - + -
or orw 1_ Swr _ Sorg org 1_ Swr _ Sorg ( )

where S, and S, are residual oil saturations to water and gas, respectively.
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34.2 Parker et al. Model

Parker et al. (1987) derived three-phase water/oil/gas relative permeability as

follows:

Ky =S, [1—(1— She )”’T (3-8)
— — \1/2 — m = m 2

ko =(S,-S,,) [(1—sw”m) ~(1-§") } (3-9)

e =(5,)" (1-57)" (3-10)

where S, is total liquid saturation and S, is the effective saturation defined as

= S-S
S ="t—2w (I=w,o, _
=15 (I=wo0) (3-11)

Wi
343 Stone’s II Model
The normalized Stone’s Model 11 is described as

o I(row kfo
k“’:k“’WKk" +k””j[kog +krgJ_(km+krg)} (3-12)

row row

Equation (3-12) can potentially give negative values for k _, which is physically

ro?’

meaningless. Therefore, negative values of k, are set to zero.

3.5 THREE PHASE CAPILLARY PRESSURE

The Parker et al. (1987) generalization of the van Genuchten (1980)) and the
Brooks and Corey (1966) models are the two models used to calculate the capillary
pressure in UTCHEM. A new table look up option for water/oil and oil/gas capillary

pressure vs. saturation is implemented as part of black oil model option.
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3.5.1  Brooks-Corey Model

This model assumes direction of descending wettability is water, oil and gas and
that the water phase is always present. The capillary pressure between water and gas (no

oil present) or between water and oil phase is calculated as

" o,
W

P, =Ch ﬂ\/%(l—snw)e“ (I=0,9) (3-13)

In the presence of oil phase, the capillary pressure between gas and oil phase is

calculated as

S
P, =Cp, :"9 \/%£1—n§ ) (3-14)

3.5.2 van Genuchten Model

The three-phase capillary pressure-saturation function determined using the
generalization of Parker et al. (1987) to the two-phase flow model of van Genuchten

(1980) is represented by

§ =[1+(ah)"]" h" >0
5 [t (any] (3-15)
S, =1 h <0
where h” is scaled capillary pressure.
h"=4,P, (3-16)
B, 1s the scaling coefficient, & and n are the model parameters, and m =l—1 .
n

3.6 MASS CONSERVATION EQUATIONS

A mass balance for component k can be written as follows:
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- oC
V3, g = (3-17)

where J, is mass flux, ¢, is sink/source term and C, is total mass concentration of

pseudo-component k. The mass flux of each pseudo-component is

J, = /T_:V,VSC , (3-18)
J = 'Dé’“ a, (3-19)
= P = RoPge - Ry -
J =L g oy Tsofese po swlgse (3_20)
g g ¢} w
B, B, B,

where R and Ry, are solution gas ratio in oil and water, respectively and B, B, and B,

are formation volume factors and the Darcy velocities and they can be written as below:

G, =—k-1,V®, (I=0,w,Q) (3-21)
where @, and A, are phase potential and phase relative mobility, respectively.
VO, =VB -pVz (3-22)
k
Ay =-1 3-23
| Hy ( )
The phase densities are calculated as below:
1
Pw =B_[pwsc +st pgsc] (3'24)
1
Po = B_[posc + Rso pgsc} (3-25)
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pSC
P, = BL (3-26)

9

Total mass concentration of the water, oil and gas pseudo-components in each

gridblock is given by,

Cow = PuseSu 1 B, (3-27)
Co = ¢poscso / Bo (3'28)
S, R,S, R,S
C = _9 4 —30%0 | swTw 2
g = Pusc [ B, B, 3 } (3-29)

Combining Equations (3-17) through (3-20) and (3-27) through (3-29) and

dividing by the density at standard conditions, the mass conservation equations can be

written as
o (u o (uy) &fu q, &
S N e 20 PN e [ PR e 28 | R, VR A ;
{éx(BWj éy(BW] o”z(BWﬂ Lo a"t(¢w v (3-30)
J(u O [ Uy J(u q o
S e O 0 R e | P RS 3-31
{ﬁx(BJ é’y[Boj 52[BOH Dose ﬁt(¢° o) (3-31)

J ng Rso st o Uyg Rso SW
- —+ uxo+_uxw - — —Uo+ u
ox| B, B, B, oy\B, B " B, ™
. (3-32)
u
_i A+&uzo+&uzw _q_gzi ¢ _g+RLS°+RLSW
01| B, B, B, P Ot|'\B, B, B,

Equations (3-30) to (3-32) can be written in an abbreviated but simpler form as
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vl e _ 945 1) (3-33)

u, ¢ 0
V.2 —— (4S /B -
B (¢#S,/8,) (3-34)
U S
_v( o R R]Q_QM_ﬁQH 539
g [o] BW pgsc ﬂt Bg BO BW
where
_ 0 0 V74
Vii=—u,+—u,+—Uu (3-36)

OX oy’ o1’

Replacing velocities from Equation (3-21) in Equations (3-33) to (3-35) gives

B B B

g 0 w

B B

g 0 w

VKAV, q, O (45, (3-37)
BW pWSC ﬁt BW
V-K-AVO, g (s, (3-38)
BO pOSC ﬁt BO
= | A VO S
V. k |: rg g n Rso/lrovq)o n st/q«rqu)w:|_ qg _ﬁl:¢[8_9+ Rsoso + stSw J:l (3_39)

Pgc Ot

The presence of oil, water and gas phase pressures in flow equations complicates

solving the problem. Capillary pressure is used to solve the equations,

I:)cow = Po - Pw (3'40)
P, =P P, (3-41)
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Rewriting Equations (3-37), (3-38), and (3-39) using capillary pressure gives

vk 2w |ve sog, - T 43u (3-42)
BW pWSC at BW

v-ﬁ-(ﬁ]va 1cG,— % _ ﬁ((,zsi] (3-43)
BO pOSC BO

= (A S
V-k- ﬁ+R5°ﬂr0+R5Wﬂr‘N VPW+C g_q_gzﬁ ¢ _9+%+m (3_44)
B, B B P 2t°\B, B, B,

g (o w

where CG,,, CG, and CGj are capillary-gravity contribution terms.

CG, =-V-k '[’é—fWJv( ) (3-45)
= ()

CG,=-V-k -[?JV(,DOZ—PCOW) (3-46)
= /Ir RSO/ITO I:QSW/?"I’W

CG, =-V-k -HB—Z]V(IOQZ chw)+B—ov(p0z— PCOW)+B—WV(sz) (3-47)

From now on, the subscript w is not used for the aqueous phase pressure. P is the

aqueous phase pressure unless it is otherwise stated.

3.7  PRESSURE EQUATION
To get the pressure equation, mass conservation equations require to be combined

such that subsequent equation remains with just one unknown of P.
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For pressures less than bubble point pressure (saturated reservoirs), P, S, and
S, are unknowns, while S, is calculated from volume -constraint equation
(S, =1-S5,—3,). Therefore, the mass conservation equations need to be combined to
cancel saturation derivatives with respect to time (88| /ot 1=w,0, g) )

For pressures greater than bubble point pressure, P, is independent of oil
pressure. P, B, and S, are unknowns and S, is calculated from volume constraint
equation (S, =1-S,). Then, the mass conservation equations combine to cancel the

saturation derivatives (asl /ot |=W,O) and bubble point pressure derivative with

respect to time (R, /ct).

3.7.1  Pressure Equation for Saturated Reservoirs
Equations (3-42), (3-43), and (3-44) can be written in short form wherel,, L,

and L, are the left hand sides of these equations.

0 S,
L, = E(¢B_Wj (3-48)
0 S
L =2 | g2 .
o ﬁt(¢ BO] (3-49)
o RS RS
L =2 _9+ s0%0 | _‘swSw 3-50
9 é’t{gbLBg B, B, H ( )
where
=) q
L,=V-k:| % |VP+CG, ——* (3-51)
BW pWSC
L =V-k:| = |VP+CG, —— (3-52)
BO IOOSC
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= (A
L, =V-|k- Yoy Roteo | Ratow || yp CG, - Ho (3-53)
Bg Bo Bw pgsw

Formation volume factor, solution gas ratio and porosity are functions of pressure

Chain rule is used to expand the accumulation terms of Equations (3-48), (3-49), and (3-
50).

_ ¢ 95, ,[S. 3 S4B, |oP
b= B, /P B, JP

3-54
B, ot e (3-34)

L6735 [S. @ _sg08]op
B, /P B2 oP

3-55
"B ~ (3-55)

L8 5% |50 A 3508, |oP
°""B, ot | B, 0P B 0P |t

L PRy, 95, {

Ro A 45, R, _¢S,R, B, | P
£ - (3-56)

B, ot | B, oP B, op B2 JP |t

(IR S, SRy Op ¢S, OR, ¢S.R,, B, | P

B, &t | B, oP B, P B OP | ot

Then the saturation volume constraint equation is used to remove 0S / ot from

Equation (3-56), where

S,  2s, 25,

— 0

ot ot ot

(3-57)
Substituting 0S, /ot in Equation (3-56) and rearranging gives
g
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B B, ) ot B B, ) ot

0 g w g9

S_gﬁ_ Sg¢ 889 + SoRso @-l- ¢So é’Rso _¢SoRso é)Bo
B,oP B?JP B, oP B, oP B 0P

L SuRu P ¢S, Ry _#S,R 5BWJ@

B, /P B, 6P B} OJP ot

w w

(3-58)

Equations (3-54), (3-55), and (3-58) are multiplied by (B,-R,B,),

(Bo -R._B ) and B, respectively and then are added together to remove all the terms

so g

containing saturation derivatives with time. The remaining results are

(B, —R,B, )L, +(B, —R,B, )L, +B,L, =

0 —g

OB B B
X _gs L0y |20 1B o [ B9 IRy 1 OB, 1P
oP "°B, P B, /P B, 6P )| ot

B, /P B, AP

The water, oil, gas and rock compressibilities are introduced as follow:

1 0B, B, JR,
C, =—— +—
B, 7P B, JP
1 0B, B, JR,
= —— + —
° B, JP B, JP
— 1 é)Bg
“ B, 0P
¢ -1Y
¢ OP

The total compressibility can be written as

C, =C, +S,C, +S,C, +S,C,
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(3-60)

(3-61)

(3-62)

(3-63)

(3-64)



Combining Equations (3-51) through (3-53) and (3-59) through (3-64) the final

form of pressure equation for saturated gridblocks can be written as

(B,~R.B )[V-iﬁvae Q_o}

©e BO 0_pOSC
Z A Qu
(BW—RSWBQ) V. -B—VP+CGW—— + (3-65)
w IDWSC
= (A
Bg V-k- £+M+M vp+cgg_q_9 :¢Ct@
B, B, B, Pse ot

3.7.2  Pressure Equation for Undersaturated Reservoirs

For pressures greater than bubble point pressure, porosity, water and gas
formation volume factor, and water solution gas ratio are functions of pressure. Oil
formation volume factor is both function of pressure and bubble point pressure (see

Equation (3-4)) and oil solution gas ratio is a function of bubble point pressure (see

Figure 3.2).
B, =B,(P.R) (3-66)
Ro =Ry (R) (3-67)

Then, the chain rule was used to expand the accumulation terms of Equations (3-

48), (3-49), and (3-50) for above bubble point pressure.

¢ S, |S, ap S, B, |OP
=t W Tw O Swh w2 3-68
~ B, ¢t |B,JP B} JP |ot (3-68)
7S, |S, ap S,¢ B, |JP S, B, P
LO=£_0+ _0_¢_L?_0 __L?_O_b (3-69)
B, &t |B, 6P B? AP |t B? AR ot
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For pressures above bubble point pressure S, =0, then

L ¢R,, IS, N SRe A ¢S,R,, B, £+ #S, IR, ¢S,R, B, | IR,
¢ B, ot B, 6P B, OJP |t B, JP, B> OJP, | ot (3-70)
+¢st é,sw + SWRSW @+¢SW é)st _¢SWRSW é)BW @
B, ot B, /P B, JP B, OJP |t
Coefficients C, and C, are defined as
d(l] 1 0B,
dR, \ B, B> AP,
L d Rso - i é’Rso _& é,Bo (3-71)
dTDb ?0 B, /R, B, AP,
C1><¢ S0 +£—Cl><¢RSW
BO BO BW
C,= X3 (3-72)
B

Equations (3-68), (3-69) and (3-70) are multiplied by C,, one, and C,,
respectively and then added together to remove all terms containing saturation derivative

and bubble point pressure derivative with respect to time.
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C2><Lw+LO+C1><Lg:
CofRo b BRL] IS, o [S, % S.608,|0P
B B ot ot

+£@J{SO ap  S,p 580}% S,$ OB, OP,

B, &t |B,oP BZ 6P |dt B2 AP, ot

MRo 7S, o, { R, 9 ¢S,R, IB, }ap ¢S, OB, OP,
5 A 1

+C, x > a
B, oJP B~ JP|ot B, IR é’t

xR B { uRow O, 45, IR #SuRus OB, }ap

0

, Ot Bwo”PBﬁP B, OJP | ot
where
8., B, _g
ot ot
The remaining results are
C,xL,+L+CxL, =

ss.|[CeyCRu|1 @ (€ CRL)1L 4B, C R, [P
B, B, J¢oP \B, B, )B, P B, JP |t

w w w

gs|[ L, CR 1B (1 CR,)1B |oP
°llB, "B, JgoP |B, B JB 0P |t

0o 0]

From equation (3-72),

Assuming JR,/JP, ~0, equation (3-75) can be written as

1 CR oP
C,xL, +L, +C,xL, =(B s S°]¢ct5

0o 0o
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(3-74)

(3-75)

(3-76)

(3-77)



where the total compressibility for pressures greater than bubble point pressure is defined

as
¢, =c +S,c,+S,.C, (3-78)

Combining Equations (3-51) through (3-53) and (3-75) and (3-78) the final form

of pressure equation for undersaturated reservoir can be written as

C,|vk-Zuypice, — |4 v.k-Fevpice, - O |4
L BW pWSC BO pOSC
- ) (3-79)
Cl VR ﬁ—i— Rsoﬂfro + stﬂ’rw VP +C ; _q_g - i+% ¢Ct @
Bg BO BW pgSC BD BO at

3.8 TRANSMISSIBILITY

The fluid flow of phase / between two gridblocks iand i+1 in x-direction can be

written as

Q =T (B —F.) (3-80)

where T .., is Darcy phase transmissibility between two gridblocks iand i+1 in x-

direction and can be defined as below:

— krl Z(kAi)i(kA\?)iJrl =W.0 _
T.,m—[ﬂl u](upweam){AXi(kﬂ)mAXm(k/%)iJ (1=w,0,9) (3-81)

where k,, 1 and B, are relative permeability, viscosity, and formation volume factor of

phase /, respectively. k is absolute permeability, AX is the gridblock length in x-direction

and A, is flow cross sectional area.
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For a rectangular gridblock system, cross-sectional area remains constant from

block to block. Then the Darcy phase transmissibility can be simplified as below:

Kk 2k k., A
T ) — rl i+1 | — W, 0' _
e (:ul B| J(upstream (AX k +AX k J ( g) (3 82)

i+ i+1

The first term of mass equation for each component can be expanded as below:

vkZaypo Ol M P Oy AP, Tfy Ay P (3-83)
B, ox\ "B ox) oJy\ "B dy) Jz\ "B Iz

Expanding the first part in terms of phase transmissibilities gives,

Tl,i—1/2

I i+1/2
) _P)-— P-P
i ﬂ_ AyIAZ ( i+1 |) AyiAZi ( i |—l) _
ox B Xisw2 = X a2 -
(3-84)
B i+1/2 Bl w2 \ K X
|+1/2 X—l/2
Multiplying Equation (3-84) by the volume of gridblock i (V, ) gives,
o A, OP
Bia(k B é’X} TI|+1/2(P1_Pi) TI|1/2(P|_Pi—1) (3-85)

Similarly transmissibility can be written for other directions. Using
transmissibility definition, the left hand sides of mass and pressure equations can be
written in the finite difference form. These equations need to be multiplied by the bulk
volume of the gridblock (Vg). The following linear difference operators is introduced for
writing in simpler from,
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ATAP =AT,AP +A T AP, +A,TAP, (3-86)

where

ATAP =T, (P.—-PR)+T,_ (R.-PR) (3-87)

AX= X" —X" (3-88)
The mass balance and pressure equations in terms of transmissibility can be

written as

Mass conservation for water

AT "AP™ 1 CG, — InVe \%At (¢%} (3-89)
pWSC w

Mass conservation for oil

AT AP 4 CG, — B¥e Ve 5 [¢i} (3-90)
pOSC At BO

Mass conservation for gas

\Y/
AT,"AP™ + ARIT,"AP™ + AR[,T,"AP™ +CG, — 9%
pgsc
Vv S, RS RS (3-91)
:_BAt¢_g+soo+sww
At B, B, B,
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Pressure equation for saturated gridblocks (P <R,))

(B,"-B,"R,") (ATO”AP”“ +CG, —%}r
pOSC

(B, -B,'R.") [ATW“AP“” +cg, ~IVe ] +
pWSC (3_92)

\Y
(B, )LAT "AP™ + AR[T"AP™ + AR!,T,"AP™* +CG, — % B]
pgsc

V¢C n+1 n
()

Pressure equation for undersaturated gridblocks (P >R,)

(AT AP 4 CG, — Ve J+C (ATW“AP“*1+CGW——qWVB]+
pOSC pWSC

\Y
C, [AT "AP"™ + ARLT,"AP™ + AR}, T,"AP™ + CG, — % BJ (3-93)

pgsc
_ i S0 ¢C n+1_ n
_[B 1B j A (P™-P")

0 0]

where C, and C, are calculated from Equations (3-71) and (3-72), respectively. Total

compressibility C, is calculated form Equation (3-64) and Equation (3-78) for saturated

and undersaturated gridblocks, respectively. Capillary pressure and gravity effects in

terms of transmissibility are defined as
CG, =—AT,"A(p,z)' (3-94)

CG, =—AT,"A(p,z—P,,)" (3-95)

cow
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CGQ = _A|:TQHA(109 Z— chw )n + RsnoTonA(poZ - Pcow)n + RanTwnA(pWZ)n:| (3-96)

3.8.1  Finite Difference Equation for Saturation

Once the pressure equation is solved for a new time step, it is used to calculate the
new saturation at time n+1. For saturated gridblocks the mass equation is solved for water
and oil phase, then gas saturation is obtained from volume constraint equation

(S, =1-S,,—S,) . For undersaturated gridblocks, the free gas saturation is zero (S, =0),

then mass equation is only solved for water phase, and then the oil phase saturation is
obtained from volume constraint equation (S, =1-S)) .

Equations (3-89) and (3-90) can be written in short form where L, and L are the

left hand sides of these equations.

VB SW

L, = EAt (¢—Bwj (3-97)
Vo [ 43

L, = EAt (415 Bo] (3-98)

Formation volume factor and porosity at the right hand side of Equations (3-97)
and (3-98) are functions of pressure. Chain rule is used to expand the right hand side of

mass equations. Chain rule in general form can be written as

A (Xy) = XA Y + Y A X (3-99)

Using the chain rule, Equation (3-97) can be expanded as below:

o Vel( 8 )" (4
L, At[(BWj AtSW+SWAt[BW]] (3-100)
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n+l_\i i " ntl_ gn ni o n+l i i ” -
L, A{(Bwj (sn sw)+sw[¢ A‘[BW}{BW) MH (3-101)

g n+l _ l " n+l _ gn n n+li i i nd_¢
VBLW _(BJ (so sw)+swl¢ dP[BWjJr(BW] dP]AtP (3-102)

w

All the variables are known, so water saturation in the new time step is computed

as
n+l n+1
At n+l n ¢ dB l d n+1 n ¢ n
S| =% w_| = | SEN(P™—P")+| | S
s ] le ) e o
Smi_ : (3-103)
KA
Bw
or
n+ At n+ n+ n BWHJr1 1 d 1 dBW n-+ n
SW:L:V ¢n+l BW 1LW l+SW|:1_( B n ¢n+ld_z_B n+l dP J(P l_P ):| (3_104)
B w w

For saturated gridblocks, mass equation also needs to be solved for the oil phase.

Using the same solution approach oil saturation in the new time step is computed as

n+l
SrH_]_ — At B n+1L n+l+Sn 1_ BO 1 %_ l dBo (Pn+l—Pn) (3-105)
o} VB¢n+l (o] 0 o Bon ¢n+1 dP Bon+1 dP

3.8.2  Finite Difference Form of Pressure Equation for Saturated Gridblocks
It is useful to combine capillary, gravity and source/sink terms to simplify the

notation in the pressure equation.
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Quos :(Bon - BgnRSO”)[CGO —M] +(Bwn _ Bgnstn)(CGW _M]
pOSC pWSC

. (3-106)
+(B," )(CGQ i J
Pysc
Therefore, Equation (3-92) can be written in short form as
(B,"~B,"R,")AT,"AP™" +(B," —B,"R,," ) AT,"AP"" +
M (3-107)

B," (ATg” +A(R, “To")+A(RSW”TW”))AP”+1 + Qoo =

n+l n
At (P -P")

The pressure equation for gridblock i is

AT P

k "k

71n+1+ANJ— |:’j71n+1+AVVi P n+l+AC.n+1P.n+l+AE

i-1 i i i

PHanrl'i'ASj P n+1+AB P n+l — B (3-108)

j+l k " k+1 i

where AT, ,AN;, AW,, AC,, AE;, AS,, AB, and B, are all known values.

Writing for all the gridblocks, pressure equation can be stated using matrix format

as follows:

AP™ =B (3-109)
where 4 is the matrix of coefficient, P is pressure vector at time n+1, and B is a known
given vector. All the coefficients of the pressure equation at time n+1 are all known and
Equation (3-109) can be solved for the pressure at new time step. The pressure

coefficients and given vector B for saturated gridblocks are defined as below:
AEi - |:B°i + Bgi (Rsoimz B Rsoi ) :|T0i+]/2 + |:BW. + Bgi (RSWiwz B RSWi ) j|TWi+112 + BgiTinz (3-1 10)
AW, =[ B, +B, (Ro,, “Rq ) T, [ By + By (Ruys R ) [T +By o, G-111)
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AS;=| B, +B; (Ro,, -Ro, ) [To #| By +By, (Ruy -Rey ) [Ty #Bo Ty G112)
0jy Wiy D05 g

AN, :[BOJ +B, (R, -Rsoj)}T 2+[BWJ +By (R, -stj)JT +B, T,  (3-113)

AB, = [Bok +8B,, (R, “Ra ) }T + [Bwk +B,, (Ry,. ~Ruy ) ]TWW +B, T, (3-114)

AT, = [Bok +8B,, (R, “Re, ) ]T + [Bwk +B,, (Ryy . ~Ruy ) ]TWMZ +B, T, . (3-115)

AC, :{ATk +AS, + AE, + AW, + AN, + AB, +VB‘Z—tC‘} (3-116)
V nCnPn
B :_{Qowe + B¢Att _} (3-117)

3.8.3  Finite Difference Form of Pressure Equation for Undersaturated
Gridblocks

Pressure equation for undersaturated gridblocks (Equation (3-93)) in terms of

transmissibility can be written as

AT."AP™ 4+C, AT,"AP™! +.C, (ATg” +AR,"T"+AR_T," )AP"+l +Qlos

:\M(pm_ ) (3-118)
At
where
n n V n
Qloc =(CGo —M] +C, [CGW—M] +C, CGg - M (3-119)
IOOSC pwsc pgsc
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The general form of pressure equation in matrix format is the same as saturated

gridblocks

AIPI’H-l — B/ (3‘120)
The pressure coefficients and given vector B' for undersaturated gridblocks are

defined as below (all the coefficients are calculated at time step n):

AE/ =(C,+C xR, T, +(1+C,xR, T,  +C/xT, (3-121)
AW/=(C, +C, xR, T, +(1+C, xR, T, +C/xT, (3-122)
AS/ =(C,+C xRy, T, +(1+CxR, T, +CxT, (3-123)
AN/ =(C, +C,xR,, T, . +(1+C xR, T,  +C/xT, (3-124)
AB/=(C,+C xR, T, +(1+C/xR, T, +C/xT, (3-125)
AT, =(C,+C xRy, T, +(1+C xR, T, +C/xT, (3-126)

At

0] 0o

AC/ = —[ATk' +AS, +AE + AW, + AN, + AB,’ +(Bi + ClBRS° ] Vel & ] (3-127)

B At

o] o]

' 1 C/R, |V.¢"c"P"
B, :_|:Qé)we+£8_+ - SOJ of & } (3-128)
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3.9 BUBBLE POINT TRACKING

In multiphase flow, the gas phase may disappear or reappear under certain
conditions. The gas phase may not exist initially in an undersaturated oil reservoir but
appears under primary depletion as the reservoir pressure drops below the bubble point
pressure. Also the gas phase may disappear in saturated oil reservoir undergoing
repressurizing by i.e. water injection. Likewise, it may appear if gas is injected into an
undersaturated reservoir. Also, gas may appear locally because of the pressure drawdown
near a well. This section will discuss two most common methods for handling gas-phase
change: variable substitution method and the pseudo-solution GOR method. The bubble

point tracking in UTCHEM is also discussed.

3.9.1 Variable-Substitution Method

In this method the main idea is to identify the prevailing conditions in a given
gridblock and then determine the appropriate unknowns and the constraint equation to be
used. The variable-substitution method uses the (P-S,-Sg) and the (P-S,,-R,) formulations.

A gridblock in a reservoir exhibits one of these two cases.

e Casel: for P<PR implies the saturated gridblock, R.is known. P, S, and S are
unknowns, and volume constraint equation isS; =1-S5, -5, .
e Case2: for P> P, implies the undersaturated gridblock, where R, is independent of

oil pressure. P, S,, and R, are unknowns and the volume constraint equation is

w!

S, =1-8,.

39.2 Pseudo-solution Method

In this method, the appearance and reappearance of the gas phase is handled
without resorting to the variable-substitution logic in the numerical-solution procedure of

a black-oil simulator. In this method, the saturated condition of the gridblock is
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determined at the beginning of the iteration step by comparing oil phase pressure and
bubble point pressure. At the end of the iteration step, saturated gridblocks are tested for
a change of state. If gas saturation is positive in the saturated gridblock, bubble point
pressure is set equal to gridblock pressure. If gas saturation is negative, gas saturation is
set to zero and bubble point pressure is set slightly below the oil phase pressure. This
makes the gridblock slightly undersaturated as it enters the next iteration. Undersaturated

gridblocks do not require any special treatment. The next iteration is then performed.

3.9.3  Bubble Point Tracking in UTCHEM

UTCHEM has both options for classical constant bubble point and variable
bubble point pressure approach. The variable bubble point pressure approach for

saturated and undersaturated gridblocks is discussed in the next two sections.
3.9.3.1 Bubble Point Tracking for Saturated Gridblocks
For saturated gridblocks(P <R,), R, is known. Therefore, the new gridblock

bubble point pressure is the pressure at which all the gas dissolves into the oil phase. The
new solubility of gas in oil is estimated as the sum of the dissolved gas and the free gas in

the gridblock divided by the stock tank oil in the gridblock,

n+l _ (RSHOSOVB¢/BO + SgVB¢/ Bg)

so T (3-129)
SoVB¢/Bo

RI = RY 480 3-130

0~ ' 'so SoBg (' )

The saturation pressure corresponding to R is the new bubble point pressure

(an+1) )
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3.9.3.2  Bubble Point Tracking for Undersaturated Gridblocks
For undersaturated gridblocks (P>R)), R, is unknown and independent of oil

pressure. Therefore, R, needs to be computed through the mass balance equations.

Equation (3-91) can be written in short form where L, is the left hand side of the

equation.
V Sy RS, RS

Lg :_BAt ¢ _g+ s0%0 4 _sww (3_131)
At B, B, B,

For undersaturated conditions, there is no free gas. The solution gas ratio in water

is also negligible compared to oil. Therefore, Equation (3-131) can be simplified as

V.,  [4R.S
L =-8A | T -132
gAtt[Bj (3-132)

0

Using the chain rule, Equation (3-132) can be expanded as

n+l
o (2] an a2 o139

0

Combining Equations (3-98) and (3-133) gives

L "At n+l n+l
o N _[#Se] AR sp b A (3-134)
VB BO VB
Then
At

n+1 n n+1
n+l n B( Lg - Rso Lo )
Ro =Ry + o (3-135)
95,
B

0
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n+l

« 1s the new bubble point pressure

The saturation pressure corresponding to R

(R™).
NOMENCLATURE
Ac = flow cross sectional area (L?)
AA = matrix of pressure coefficients (M™L*t)
B,B' = known vectors for pressure equation (L%t™)
B = formation volume factor (L*/L%)
Ck = compressibility (ML™t%)*
Cx = total mass concentration (ML)
Coci = capillary pressure model parameter (Mt-2)
€pc = capillary pressure model parameter
g = gravitational force (Lt™)
he = scaled capillary pressure (Van Genuchten model) (ML™t?)
Je = mass flux of component k (ML3t™)
= absolute permeability (L?)
Kr = relative permeability
kn° = endpoint relative permeability
m = relative permeability/capillary pressure model parameter (Parker et al.)
n = capillary pressure model parameter (Van Genuchten model)
n = Corey relative permeability exponent
P = pressure (ML™t?)
Po = bubble point pressure (ML™t?)
= = capillary pressure between phase | and | (ML™t?)
Ok = source/sink term (ML3t™)
Rl = solution gas ratio in phase | (L/L®)
S, = saturation of phase | (L*/L3PV)
S, = effective saturation of phase |
Sir = residual saturation of phase | (L3/L*PV)
Siy = residual saturation of phase | respect to phase 7’ (L*/LPV)
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= normalized saturation of phase |

=time (t)

= temperature (T)

= phase transmissibility (M™*L*t)

= grid volume (L®)

= phase volume (L)

= Darcy phase velocity of phase | (Lt™)

= depth (L)

= gas compressibility factor

= capillary pressure model parameter (Van Genuchten model)

= Capillary pressure scaling coefficient (Van Genuchten model)
= phase relative mobility (M™Lt)

= phase viscosity (ML™t?)

= density (ML)

= interfacial tension between phase | and /* (Mt?)

= porosity

= phase potential (ML™t?)
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Chapter 4: Four-Phase Flow Model to Simulate Chemical EOR with
Gas

In this chapter, the four-phase flow formulation implemented in UTCHEM is
described. The black-oil model described in Chapter 3 was coupled with the
surfactant/oil/water (microemulsion) phase behavior model through a new formulation to
model chemical EOR with gas. The new formulation includes water, oil, gas, surfactant,
polymer and electrolytes components in the aqueous, oleic, microemulsion and gas
phases. The PVT properties are calculated for each phase. The impact of pressure and

solution gas on the optimum salinity and interfacial tension will also be discussed.

4.1 MODEL DESCRIPTION

The new four-phase formulation includes aqueous, oleic, and microemulsion
liquid phases. The single pseudo-component gas can be either free gas or gas dissolved
in one of the three liquid phases corresponding to PVT data. Table 4.1 summarizes
possible components that may exist in each phase. An important and valid assumption is
the solubilized oil and water components in the microemulsion phase have the same
properties as the excess oil and water phases (Lotfollahi et al. 2014). We ignore co-
solvent in this new formulation. However, the model can be easily extended to include
co-solvent.

The assumptions imposed when developing the flow and transport equations are
local thermodynamic equilibrium, ideal mixing, and Darcy’s law. The mass balance
equation is solved for each pseudo component. The aqueous pressure equation is obtained
by an overall mass balance on volume-occupying components of water, oil, gas and
surfactant. The other phase pressures are computed by adding the capillary pressure

between phases. The microemulsion phase behavior depends on the effective salinity.
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The resulting flow equations are solved using a block-centered finite-difference

method. The solution scheme is IMPEC - analogous to IMPES - where pressure is solved

for implicitly, but concentrations are solved for explicitly. To increase the stability and

robustness of the higher order finite-difference methods, a flux limiter that is total-

variation-diminishing (TVD) has been added (Liu, 1993; Liu et al., 1994). The third-

order TVD method gives the most accurate solution by reducing the numerical

dispersion.

In this chapter, all the necessary equations are separately written for the gas phase

to show how to couple the black-oil formulation with the microemulsion phase behavior.

Table 4.1: Possible phases and their constituent components in new model

Component
Water Stock  Surfactant Polymer Anion Divalent  Gas
Phase tank Oil cation
Water (Aqueous) v v v v v
Oil (Oleic) v v
Microemulsion v v v v v v v
Gas v

4.2 GAS PHASE PROPERTIES

The gas phase consists of a single pseudo component, existing as either free gas

or solution gas in liquid phases. The gas phase properties, including solution gas ratio,

formation volume factor and viscosity can be either read from the input PVT table or

calculated from correlations.
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4.3 LI1QUID PHASE PROPERTIES

Liquid phase properties are computed based on pure component properties and
the composition of each phase including water, oil, gas, surfactant, polymer and

electrolyte components (Lotfollahi ez al. 2014).

4.3.1  Viscosity

Liquid phase viscosities are modeled in terms of pure water and oil component

viscosities and the phase concentrations of the oil, water, and surfactant in each phase.

g =Coyp1, 8400 4 C gy e(O7%) L € gre@CuteSn) (] =w,0,me) (4-1)

wi /JW

where C,, is the volumetric concentration of component k in phase / at “reservoir

conditions”. Then,C and C, are water, oil and surfactant concentrations in phase

wl > ol »
| at reservoir conditions. u, and u, are water and oil viscosities at reservoir conditions,
respectively. The effect of solution gas on microemulsion phase viscosity is reflected in
water and oil viscosities. When polymer is present, u,, is replaced by polymer viscosity
(#p). The a parameters are determined by matching laboratory viscosity data at several
compositions. In the absence of surfactant and polymer, water and oil viscosities reduce

to pure water and pure oil viscosities.

432 Formation Volume Factor

The formation volume factor ( B, ), which is the fluid volume at reservoir pressure

and temperature divided by its volume at standard conditions, in terms of constituent

volume-occupying components is computed as

B =C,B,+C,B,+C,B, (I=w,0,me) (4-2)

sl s
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where C,, is volumetric concentration of componentk in phase [ at “standard

conditions”. Then,C,, C, and C_ are water, oil and surfactant concentrations in phase

wl 2 ol »

[ at standard conditions. Note that, the solubilized oil and water components have the

same formation volume factor as the pure oil and water phases.

433 Solution Gas Ratio

The solution gas ratio in each liquid phase (R ) is written as

RsI = CWl st + C0| RSO (I =W,0, me) (4-3)

where R,, and R, are the values of the solution gas ratios at reservoir pressure and

temperature. The solubilized water and oil components have the same solution gas ratios

as the pure oil and water phases.

434  Density

Liquid density at standard conditions (plsc) in terms of its components is written

as

p, = kz_;Ck, p.  (I=w,0,me) (4-4)

where p_ is component density at standard conditions, and n,_ is the total number of

components. Then, the phase density at reservoir conditions is computed as

1
P = El(plSc + RslpgSc ) (I =W,0, me) (4'5)

where o is gas density at standard conditions.
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4.3.5  Compressibility

The liquid phase compressibility at reservoir conditions is written as a linear

combination of constituent components,

¢=>Cqc (I=w,0,me k=w,0,5) (4-6)

where c, is the compressibility of each component & at reservoir conditions. C, is later
defined in Equations (4-51) through (4-54).
For the surfactant phase behavior with plait points located at the corners of

ternary diagram, the excess aqueous and oleic phases are essentially pure water and pure

oil (C,, =C,,=0,C,, =C,, =1). Then, the aqueous and oleic phase properties reduce to

water and oil properties.

4.4 RELATIVE PERMEABILITY

Four-phase relative permeabilities are modeled using Corey-type functions. The
relative permeabilities are assumed to be unique functions of their respective saturations

only.

k, =ki(Sy)"  (I=w,0,me,qg) (4-7)

where normalized saturations are defined as

S-S
Sm:_ |n Ir (I:W,O,me’g)
1->'s, (4-8)
1=1
and k7, n,, and S, are the end-point relative permeability, Corey exponent, and residual

saturation for phase /, which are a function of the trapping number, and n_is the number
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of phases. The derivation of trapping number for three-dimensional heterogeneous,
anisotropic porous media is given by Jin (1995) and Pope et al. (2000).The trapping

number of phase | is defined as

N, = . (I=w,0,me,g) (4-9)

where / and /” subscripts stand for the displaced and displacing phases. I? is permeability
tensor, g is gravitational force, pis fluid density, o is interfacial tension, VO and VD
are the gradients of potential and depth, respectively.

The residual saturations, end-points and exponents are computed as a function of

trapping number as (Delshad et al., 1986)

S ) S Shigh Sllow _ Slhigh I
=min| S,, P =W,0,me,
Ir ot 1+ Too Ny ( 9) (4-10)
o oluw SI.OrW —_ S " ohigh Olow
ke =k +W(k” -k ) (I=w,0,me,g) (4-11)
ow SI'(;W -3 r i ow
N =0+ g g (N0 ) (1=womeg) (4-12)

where /ow and high superscripts stand for the values at low and high trapping numbers,
respectively. Tpc 1s a positive input parameter based on the experimental observation of

the relationship between residual saturations and trapping number.
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4.5 CAPILLARY PRESSURE

When four phases exist, Corey-type function can be extended to account for
presence of microemulsion phase. The direction of descending wettability is assumed to
be water, microemulsion, oil, and gas for strongly water-wet conditions. For both three-
phase oil/microemulsion/gas (Winsor Type 1) or water/microemulsion/ gas (Winsor Type

1) the imbibition capillary pressure using Corey-function is
Ome ¢ €pc
Cne/l = Cpci s E (1_ Snl')

O-w/o

(4-13)
where C . and e, are model parameters, ¢ is porosity, k is permeability, and o is

interfacial tension. For | =0, I'=me (Winsor Type I) while | =w, I'=w (Winsor Type
ID). If free gas exists, the capillary pressure between gas and non-wet liquid is calculated

as

P, =C, 2 \/E( i j (4-14)
¢ ‘o, VK 1-S,,

For =0, I'=me (Winsor Type I) while | =me, |'=w (Winsor Type II). For

four-phase water/microemulsion/oil/gas (Winsor Type III), the capillary pressure

between the oil and microemulsion is calculated as

P =C,, Znelo \/E Sw | (4-15)
e I Owio k 1_Snw

The capillary pressure between water and microemulsion phase is calculated from
Equation (4-13) for I=w and I'=w. If gas is present, then the capillary pressure

between oil and gas is calculated from Equation (4-14) for I =0 and |I'=w. However, for
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ultra-low IFT the capillary pressure between microemulsion phase and excess phases of

water and oil is typically small and negligible.

4.6 MASS CONSERVATION EQUATION

The general mass conservation equation for component & can be written as

o(#Cep,.)
ot

J, is mass flux of component k, and g, is the sink/source term.C, is overall

—V.jk +0Q, = (4-16)

volume of componentk at “standard conditions” per unit pore volume and is the

summation over all phases including the adsorbed phases. For components except gas

=(1- Zc )ZSCH +C, (k#09) (4-17)

C, is volumetric concentration of component k in phase | at standard conditions,

(fk is the adsorbed concentration of species k (surfactant or polymer) , and n,, is the total

number of volume-occupying components. These components are water, oil, surfactant,
and gas.

UTCHEM uses a Langmuir-type isotherm to describe the adsorption of surfactant
and polymer which takes into account the salinity, surfactant concentration, and rock
permeability (Hirasaki and Pope, 1974). The adsorption is irreversible with concentration
and reversible with salinity. The adsorbed concentrations of surfactant and polymer is

given by
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C, =min| C, ——
k S b, (C. _Ck) (4-18)
where
k 0.5
8 = (ak1 +8, Coe )(%J (4-19)

a, , &,,and b, are model input parameters, Cg is the effective salinity, and K is the

permeability at which the input adsorption parameters are specified. The ratio of a, /b,

represents the maximum level of adsorption.

The effective salinity for surfactant increases with divalent cations bound to

micelles (Camilleri et al., 1987a,b,c), and is a function of temperature.

Coe = Caroun (LB T ) [1+A(T-T)]" (4-20)

where C_,,, 1S total anion concentration in aqueous phase, f, is a positive constant,

S .
fcation# is the fraction of total divalent cations bound to surfactant micelles and g, is the

temperature coefficient.

The effective salinity for polymer adsorption (Cg ) is defined as

Cuop = CaniO”/W + (ﬂp _1)Ccation**/w
sp = c (4-21)

ww

C and C, are the total anion, divalent cations, and water

where Canionf w? cation™ /w

concentrations in the aqueous phase and f, is measured in the laboratory and is an input
parameter to the model.
The overall concentration of gas at standard conditions can be written as the

summation of free gas and solution gas.
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2t R 2 S & S,.C & S,.C
C.,=C/+C R, +CR =—24 Yy w g 4| )12 IR

g9 w' sw o' ‘so Bg (g B| J Sw {g B| J S0 (4_22)
where (fgf is free gas concentration at the standard conditions.

The mass flux of component k in each direction is written as

° B

1=1 |

- wCup b
J=)—"— (k
and for the gas component
- Pusc - Mp Co_' Np Cw—»
‘] = = ug + Z ! l“II Rsopgsc + Z_Iul stpgsc (4_24)
B = B

g

where V, is phase Darcy velocity.
Combining Equations (4-16) through (4-31) and canceling the densities at

standard condition mass conservation equation for each component can be written as

0 [ Ckluxl 0 [ c:kluyl GRS Ckluzl O« _a(¢ék)
{5(2 B J+é’_y£; B }LZ[; B ﬂ_pksc_ a **9 @

1=1
and for the gas component,

O | Uy & C, & Cy, O | Uy & C, & Cy,
X 4 E Ay, IR + 2 u, (R, |——| =+ *u, R+ —u, |R
{ ( B XlJ SO [; B| XlJ sw} ﬂy[ Bg ; B| yl SO ; B| yl SW

X B@j

(4-26)

1=1 |

u n, n, 0 é
_i “ + Z&uzl Rso + Zﬁuzl st _q_g = (¢ k)
o7\ B, \&B < B, p. @

Equations (4-25) and (4-26) can be written in a shorter but simpler form as
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& Cyl, O _ a(¢ék)
—V-(IZ_IZ g J_Pksc = (k=) (4-27)

and for the gas component,

1 1 g Col 1 & CW| o qg a ¢C
—V-(B— 0, J{ZEUI]RSO J{ZEUIJRSW]___% (4-28)

g 1=1 | 1=1

The Darcy velocity is defined as

b, = k.1, VO, (4-29)

where @, and A, are phase potential and phase relative mobility, respectively.

V@, =VR - pVz (4-30)
A, =
T (4-31)

Replacing Darcy velocity from Equation (4-29) in Equations (4-27) and (4-28)

gives

- (%c, AV, ) g O(4C)
V-k- k74 L Mk k

and for the gas component

vt A% (3 Caha | [ CuhaVO g | G ()
B, = B B C= ) op, @t (4-33)
Using the capillary pressure, the final from of the mass conservation equation is
written as
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s (o o(4C
V.k'(Z%JVPW_FCGk_i:% (k #g) (4-34)
1=1 | k

'sC

and for the gas pseudo component

= (4, (&C A v.C, A q, 0(¢C
V'k’[B—g+(Z#JR50+LZ#]RWJVPW+C = (atg)

g 1 b -1 | Pq,, (4-35)
where CG, is gravity-capillary contribution term and is defined as
- S Ckl /1”
CO, =-V-k-| X =5 \V(pz=Ry,) (k#0) 4-36)
1=1 |
= | [ 4 & CoydaV(pz—Py)
CG =-V-k-||l 1|V 7—P + ol 74l I cw) R
g K By J (PP [lz-l: B, K
(4-37)

Aqueous phase pressure (PW) is reference pressure and capillary pressure is

defined as

I:)clw = I:)I - PW (4'38)
From now on, for simplicity we do not use subscript w for aqueous phase

pressure. P is the aqueous phase pressure unless otherwise stated.

4.7 PRESSURE EQUATION

The pressure equation is obtained by summing up the mass balance equations for

all volume-occupying components (water, oil, surfactant, and gas). Mass conservation
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equations are combined so that the pressure will be the only unknown. The pressure
equation is written separately for saturated and undersaturated conditions. For saturated
gridblocks where pressure is below the bubble point pressure, free gas is in equilibrium

with liquid phases. Then, bubble point pressure is known, P and ék are unknowns.

Therefore, the mass conservation equations need to be combined to cancel total
concentration derivatives with respect to time. (Gék /ot, k=w,0,0,9)

For undersaturated gridblocks, where the pressure is above the bubble point
pressure and free gas does not exist, bubble point pressure is independent of oil pressure
and is unknown. Then, the mass conservation equations combine in a way to cancel both
total concentration derivatives and bubble point pressure derivative respect to time (

8ék / otk =w,0,0,sand OR,/dt). In next two sections, we will discuss the formulation

of pressure equation for saturated and undersaturated phase behavior conditions.

4.7.1  Pressure Equation for Saturated Gridblocks

The mass balance in Equation (4-34) for water, oil, surfactant and Equation (4-35)

for gas can be written in short form where Ly is the left hand side of these equations.

O =~
Lkza(;lsck) (k=w,0,5) (4-39)
L —é[¢(éf+é R, +CR )}
g _ﬂt g w' Ysw o' ‘so (4_40)
where
L, :V-E-[iMJVP+CGk ~ O (k =w,0,s) (4-41)
[EER = P,
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= [ Ay [&Cy4 & Cul q
_ g ol 71l wl Tl __9
L, _v.k.[B_J{Z—BI jRSO+(Z—B jRSW]vmceg (4-42)

g =1 = B P,

Using the chain rule, accumulation term in the right hand side of equations (4-39)

and (4-40) is expanded as follows:

oC, x ap oP
Lk :¢ atk +Ck EE (k:W’O'S) (4_43)

oCl SR
L, :¢—9+Cgf @@+¢RSG aC, +CO(RSO@+¢&J£

ot OP ot ot P oP ) ot

= (4-44)
e L e

ot oP oP ) ot

From the volume constraint equation, the total concentration of volume occupying

components at the reservoir condition is equal to one.

C,B,+C,B,+C,B,+C,B =1 (4-45)

Surfactant formation volume factor (BS) 1s defined as

Bs :1_CS(P_PSC) (4-46)

where ¢, is surfactant compressibility and P, is pressure at standard condition.
Therefore, the free gas concentration can be written as

f__ - _CNWBW _C~sBs
‘" B B B B (4-47)

9 g g g
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oCl 1B, B, AC, (gé’Bo_éoBo ﬁBg}@

ot B ot B, ot (B, 0P BZ 0P )t

B, oC, (C,oB, C,B,IB,\oP
B, 0P Bl 0P ot (4-48)
B C, (.08 _CB 7B,)oP
B, 0P Bl OP ot

Substituting (86; /ot) from Equation (4-48) in Equation (4-44) and

rearrangements give

JB, « > > >
I—g — ¢2 +Cgf @@_i_ ¢Rso _ ¢Bo 0’)_Co+ ¢R5W _ ¢BW aCW _ ¢Bs ﬁcs
B, ot 0P ot B, | ot B, ot B, ot

9 9

_¢C, OB, ¢c B, 7B, ¢C, 5B, ¢c B, B,

B, op B JP B, op B P (4-49)
OB .
_¢C, JB, ¢CZB s CR. §¢+c¢ a.cp X Y ¢§R oP
B, /P B! JP AP AP oP |t

Equation (4-43) for water, oil and surfactant and Equation (4-49) for gas are
multiplied by (B, —R,B, ), (B, —R,B,), B, and B_, respectively and then are added to

cancel the terms containing saturation derivatives respect to time. The remaining results

1S

(B, —Ry,B, )L, +(B, ~Ry,B, )L, + B,L +B L, =

S0 —g

. B - B,
J LW e LB BiIR) cpf 108, B,cR,
¢ ot B, P B, OP B, 0P B, P

- < OB,
+C,B, _ 125 +CyB,| - 1 P
B, AP B, 0P ||t

Water, oil, surfactant, gas and rock compressibilities are introduced as follow:

(4-50)
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178, B, OR,,
+

“="B, P B, oP (4-51)

c = 1 0B, o, Do B, R,

° B AP B, aP (4-52)
1 0B,

s =7 B P (4-53)
1 OB,

=B, op (4-54)

c 1A (4-55)

¢ OP

Therefore, the total compressibility is defined as

¢ =¢ +(CyBy)c, +(C,B, )¢, +(C.B, )c. +(C.B,)c, (4-56)

Combining Equations (4-41), (4-42), and (4-50) through (4-56) the final form of

the pressure equation for saturated conditions is

1=1 | pwsc_
(B,~R,B,)|V k- ZC}“ VP+CG, - |4
1=1 BI posc_
(4-57)
8| vk 3 S |ypace — % |y
I=1 BI 105SC

=) Mo Np
B,|V-k:| 2+ ZM R, + ZM R, |[VP+CG, — ¢t
B 1=1 B| 1=1 BI pgsc

g

4.7.2  Pressure Equation for Undersaturated Gridblocks

For undersaturated gridblocks, when pressure is above the bubble point pressure,

the free gas concentration is zero (égf =0), and gas exists only as solution gas in the oil,

water and microemulsion phases. The total gas concentration is
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Cg = Cszw +Co Rso (4'58)
For gridblocks with undersaturated conditions, oil formation volume factor and

oil solution gas ratio are functions of bubble point pressure.

B, =B,(P.R,) (4-59)
Rso = Rso(Pbp) (4_60)

Then, the right hand sides of Equations (4-39) and (4-40) are expanded as

AC, p P

L, = +C, —=— (k=w,0,s
e Y ) (4-61)
L —gr, Co,cp BP R P
° oP ot o, ot

s (4-62)
wor %o (g ( ) OR,, jﬁP

ot o "o

The volume constraint equation is used to remove é’éo / ot from Equation (4-61)

and (4-62). From the volume constraint equation,

C~ _i_CWBW _CsBs
o B, B, B, (4-63)
therefore

oC, B,dC, B, dC, .\ C,0B, C dB, CpB B, |oP

ot B, &t B, ot B, /P B, /P BZ OP | ot

_C.B, B, 0B
B AR, ot

(4-64)

Substituting (4-64) in Equations (4-61) for oil component and (4-62) gives
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L __#B,7C, ¢B,oC, | ¢C, 8B, ¢C, B, ¢C,B, I8, |oP

"B, &t B, &t | B 0P B, 0P B OP|at

_#C.B, OB, R, < Gp P (4-65)
B OB At P a

L 4R, Wo”éw_¢RsoBs AC,
g B ot B ot

0] 0o

{_qﬁR C, 9B, ¢R.C, 5B, ¢R,C,B, B, FP

SO W SO "0 "0

B /P B, OoP BZ 0P |t
- (4-66)
\CR, ap §P+COBO¢ 1 R, _R_s;aBO OP,
°OP ot B, /P, B AR, ) ot

+¢RSW aCW +C~ SW §¢ @
ot o”P é’P ot
Coefficients C,, C,and C,are defined as
1 28,
C B’ AP,
' 1R, R, B (4-67)

B, /B, B, JP,

BWRSO BW
Cz = Cl ] _Clew + Bo (4-68)
B.R B
C C s %0 4 s
B B (4-69)

0 (o]

Equation (4-43) for water, Equation (4-65) for oil, Equation (4-43) for surfactant,
and Equation (4-66) for gas are multiplied by C,, one, C,, and C,, respectively and then
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added together to remove all the terms containing concentration and bubble point

pressure derivatives with respect to time. The remaining results is

CL,+L +CL +CL, =
{ ( c CR 1 a (1 clRSOJ 1B, C, ﬁRSW]

¢ P \B, B, )B, JP B, JP
(4-70)
13 iJrCleo 1 JB,
¢ P \B, B, )B, JP
e %4 1 (CR,, 1)10B])[oP
B, B, )¢P B, B,)B, JP ||t
From Equation (4-68)
C2 Cl RSW — l Cl RSO
B B B B 7D
The remaining result is
1 CR,
CL,+L +CL +ClL, =[B ]gb \ (4-72)
where ¢, is total compressibility and defined as
¢ =¢, +(C,B,)c,+(C,B,)c, +(C.B,)c, (4-73)

and OR,, /0P was assumed to be negligible.
Combining Equations (4-41), (4-42), and (4-70) through (4-73) the final form of

pressure equation for undersaturated reservoir can be written as
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O
—
<

~
VR
O
=
&~
N—
<
0
+
O
®
|
o]
=
[
+

~ g, ]
VK- ZC‘M” VP+CGO—q—° +
1=1 BI posc
vk > &t |vpyco -t s 174
I=1 BI S Ps, ( )
= (A Np Np
Cl V-k |2+ ZCOIﬂUrI]Rso"_(ZCWIAHJRSW VP+CGg _q_g
Bg 1=1 B| 1=1 Bl pgsc
C,R

4.8 FINITE DIFFERENCE EQUATION FOR MASS CONSERVATION

Using the transmissibility definition (see Equation (3-81)), and linear difference
operators (see Equations (3-86) through (3-88)) Equations (4-34) and (4-35) in terms of

transmissibility can be written as

Vs _ \i
kaC At

iA(CleI )n AP™ + CG, - A (¢ék) (k=09) (4-75)

and for the gas component

np . Np n V
AT"AP™ + 3" A(R,C,T, ) AP™ + > A(R,,C,T,)'AP™ +CG, - qu &
1=l I=1
" N s (4-76)
=24, (4C,)

where Vj is grid volume (Vp = Ax. Ay. Az). Superscripts n and n+1 represent the old and
new time step, respectively. The capillary-gravity contributions in terms of

transmissibility can be written as
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D ACT) Aoz (k#0) 77)

and for the gas component

CG, = [AT ”A( ng) +ZA R.CoT,)'A(pz-Py,)"
. n (4-78)
Fawesoe )

1=1

The source/sink term can be written as

Ve &
= C k
P |Z:1: Q.Cy,, (k=9) 4-79)

and for the gas component

GgV S
- = Qgsc + ZQISC COIweII S0 + Zlec WIweII SW (4-80)
1=1

gSC

where Q_is volumetric injection/production rate of phase / at standard conditions, and

C,,, 1s the concentration of component k in injection/production phase | at standard

condition.

Equation (4-75) can be written in short form where L, is the left hand side of this

equation.
L =Ye A (4G (k =)
<At t(¢ k) #9 (4-81)

Assuming the change in pore volume due to surfactant adsorption is negligible,

the overall standard concentration of non-adsorbing components can be written as
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< SICkI
C, = ZT, (4-82)

Substituting Equation (4-82) into (4-81) gives

$Ca ) Ve, [ SCy
L= (¢Z J ~ _1At(¢T|] (k#0) (4-83)

Using the mixing rule Equation (4-83) is written as

1=1 |

VB n, ¢ n+1 ) ¢
L = EZ![EJ A(Cu8)+(CuS)) A, (g]] (k=9) (4-84)

Writing the mixing rule for A, (¢/B,)term gives

VB & ¢ " n n+l 1 1 n
S GO

Writing the equation in terms of pressure and some arrangement gives

n n+1 n n
LkAt — ¢n+lzp {Slckl J _¢n+lzp (CkISI)

v, 7 &8 T
. (4-86)
+Z(CK.S.)”[¢”+1f—P£Bij+[;J jﬁ](P P} k#9)

The total concentration of non-adsorbing components Kk except gas at the new

time step can be computed as

i LAL 1 1 (dBY™ (1Y) 1 dé|/ona on
C, N chls Bt 2(ﬁ e ¢n+1@(P -P")|(k=g) (4-87)

(8")
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For adsorbing components (surfactant, polymer or electrolyte) the right hand side

of Equation (4-81) is expanded as follow:

_VB A ndl A n < n d¢ n+l n
L —EP’ (G -Gl )+Cl (P =P") (4-88)
Then the total concentration at new time step can be computed as

= At < 1 d¢
C n+l — Lk C n 1_ heb Pn+1 _ Pn

k ¢n+J\/B + k |: ¢n+1 dP( )j| (4-89)
or

S on+l LkAt ~nlq_ n#l _ pn
¢, = +CM1-c (PP 4-90)

where C, is rock compressibility.

For saturated gridblocks, Equation (4-87) is solved for water and oil. Equation (4-
90) is solved for surfactant, polymer and electrolyte. Then the free gas concentration is
calculated from volume constraint Equation (4-47). For undersaturated gridblocks,
Equation (4-87) is only solved for water. The oil concentration is calculated from

equation (4-63).

4.9 FINITE DIFFERENCE FORM OF PRESSURE EQUATION FOR SATURATED
GRIDBLOCKS

Pressure equation for saturated gridblocks (Equation (4-57)) in terms of

transmissibility can be written as
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Np Np

(B,"=B,"R,") > A(C,T,)" AP™ +(B," ~B,"R,,") > _A(C,,T,)" AP™

1=1 1=1

+BSHZP:A(CSITI )n AP™ 4 Bg” (ATQ” + ZP:A RSOCO|T + ZA RSWCW|T ]Apnﬂ (4_91)
1=1

1=1

+Quwoes = VBZf[Ct (pn+1 B Pn)

where Qs 18 defined to simplify the notation in pressure equation as

QWOGS =(B°n N BgnRson)[CGO _M] +(Bwn - Bgnstn)[CGw _M]

Po Pu,

" v (4-92)
+B," [CG 9. J Bg“[cc;g— g B]
P P,

sC

The pressure equation for gridblock i is written as

AT P "™ +AN j PJ._1”+1 +AW P " +AC P"™ +AE P "+ AS, P, "'+AB P " =B (4-93)
where ATy, AN; , AW, AC;, AE;, AS;, ABi and B, are all known values. Writing for all the

gridblocks, pressure equation can be stated using matrix format as follows:

APn+1 — B (4_94)

where 4 is the matrix of coefficient, P is pressure vector at time n+1, and B is a known

given vector. All the coefficients of the pressure at time n+1 are all known and are

defined as below:
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AEi:(BOi+Bg (Ra, R )){ZCMTXI] +(|3Wi+Bg (Rous, -R ))[ZCMTXJ

Np
+Bsi [ZCHT’Q ] + BgiTxgm/z
=1

i+1/2

i+1/2 i+1/2

AW, = (B, +B, (R, - SOI))(ZCO,T ] +(Biy + By, (R, =Ry )){IHZZCW,TXI lﬂz

i-1/2

Xgi_y2

Np
+Bsi ( CsITx, } + BQiT
' i-1/2

n

np p
ASj :(Boj + ng (R50j+1/2 - RSOI_ ))[;COIT}Q } + (BWJ- + ng (RSWJ+1/2 - RSWj ))[;CWITW }
= j+U2 j+l2

Np
+B, [ZCSITy, J + ngTyM2
1=1 j+1/2

ANJ- :(Boj + Bg ( S )){Zp: J + (Bw,- + ng (RSWH/Z ) RSW] ))[ Inpl CWlTY| ]
) j-12

j-1/2 -
Np
+B,, (;CS,TyI J + ngTygj_ﬂz

j-1/2

AB, = (B,, +By, (Re,,, - SOk))[ZCo,Tzl] +(Bu, +By, (Rany, ~Roy ))(Z J

Np
+ Bsk ZCS|TZ| + ngTZg K+1/2
=1 k+1/2

k+1/2 k+1/2
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n

AT, =(BOk +By, ( S0y ~ s, ) )[Zp J +(BWk + By, (RSWM2 ~Ryy, )){ - CW,TZI}
=t k-1/2

k-1/2 1=1

0, (4-100)
+B, | D .C,T, +B, T,
= | k-1/2 L
AC, =—| AT, + AS, + AE, + AW, + AN +AB, +e? &
i k j i i j k At (4_101)
— VB¢nCtnPn
- _[Q”OGS A J (4-102)

4.10 FINITE DIFFERENCE FORM OF PRESSURE EQUATION FOR UNDERSATURATED
GRIDBLOCKS

Pressure equation for undersaturated gridblocks (Equation (4-74)) in terms of

transmissibility can be written as

A(CJT,)" AP +C, 3 A(C,T,) AP™+C, 5 A(C,T) aP™
=1 1=1

-i_Cl[ATgn + ZA RsoCoIT + ZA stCwlT J Pn+1
1=1

+Q;VOGS — VB¢nC'tn (i Cl Rso ] (Pn+1 _ Pn)

0 o]

(4-103)
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, OV n WV n SV n
o= CG L | o ce, I | ¢ |ca, - Ll
Po Pu Py

SC

Jn (4-104)

The general form of pressure equation in matrix format is the same as saturated

gridblocks
AIPI’H—l B/ (4'105)

The pressure coefficients and given vector B' for undersaturated gridblocks are

defined as below (all the coefficients are calculated at time step N):

Np Np
AE;=(1+CRy, . )(; CoT, J +(C, +CRy, )(IZ CuTx }
= i+1/2

. i+1/2 (4_106)
+C3 (ZC8|TX| ] + ClTx )
=1 12 9i+1/2
AW/=(1+CR,, ,, )[cho,Txl ] +(C,+CRu, )[ZCMTXI ]
=1 i-1/2 2
. (4-107)
+C3 (ZCSITn ] + ClTx )
=1 1o 9i-1/2
AS =(1+CR,, ., ){icmTVIJ +(C,+CR, )(icW,TW}
=1 j+v2 =1 j+u2
(4-108)

+C, (Izl: C,T, ] +CTy, .,

j+2
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ng lp
AN =(1+CR,,, , )[Izll C,T, ] +(C, +CiRa,, )(; CulTy J

-2 j-1u2
, (4-109)
+C, lel: CyT,, ] | + ClTygj_ﬂ2
j-1/2
' i Up
ABk :(1+C1Rsok+u2) ZCO|T2| + (Cz +C1stk+ﬂ2) ZCWITzl
= k+1/2 =1 k+1/2
, (4-110)
+C, [Izl: CyT,, ] + ClTZgM2
B k+1/2
np np
AT, = (1+ CRy ., )(Z C,T, J + (c2 +CRy, ., )(Z CuT, J
=1 k-1/2 =1 k-1/2
n, (4-111)
+C3 [;CSszl ] + Cszgk-ﬂz
= k-1/2
' — ! ! ! 4 ' 4 1 Cl Rso n VB¢nC "
AC, —[ATK+AS,+AE|+AW|+AN,+ABK+[B—O+ 5 J Att J “112)
A 1 CR, ) Ves'c'P"
o {Q“OGS {E ", j At J (4-113)

4.11 BUBBLE POINT TRACKING

The bubble point tracking methods is described in Section 3.9. This section
presents the bubble point calculation when four phases are present.

In saturated gridblocks (P <Py), free gas is in equilibrium with liquid phases.
Then, the new gridblock bubble point pressure is a pressure at which all the free gas and
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solution gas in the oil component goes into solution. The new solubility of gas in oil is

defined as
Sig_i_ i SICoI R
Rn+1 _ Bg 1=1 BI B
so i S|Co| (4'114)
= B

In undersaturated gridblocks (P >Py), solution gas ratio is unknown and bubble
point pressure is independent of gridblock pressure. Therefore, the bubble point pressure
needs to be calculated through the mass balance equation.

For undersaturated gridblocks, Equation (4-76) can be written in simplified form.
The free gas concentration is zero and the water solution gas ratio is assumed to be

negligible compared to oil solution gas ratio (Rsy << Rg).

V. ~
L, =2 (4CR, ) (4-115)

Using the mixing rule Equation (4-115) is expanded as

n+l VB <\ n <
L, :E[(qﬁco) A (Ry,) +R50At(¢co)} (4-116)

where superscript n and n+1 represent old and new time step, respectively. Equation (4-

75) for the oil component is written as

L= (o) (4-117)

Combining Equations (4-116) and (4-117) gives
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L n+1 _VB

x \M nyp n+
g _E(¢Co) At (Rso) + RsoLo ' (4-118)

Therefore, the solution gas ratio for the new time step n+1 is computed as

g(Lgnﬂ —R"L n+1)

SO —0

n+l _ pn B
Rso - Rso +

(#S,)" (4-119)
The new time step bubble point pressure (R;™)associated with R%*is then

estimated from the PVT table.

4.12 SURFACTANT PHASE BEHAVIOR

Surfactant phase behavior considers up to four volumetric components (water, oil,
surfactant and gas). The effect of gas on surfactant phase behavior will be discussed later.
In absence of gas, only three components are modeled. The volumetric concentrations of
these three components are used as the coordinates on a ternary diagram. Salinity and
divalent cation concentrations have a strong influence on phase behavior. At low salinity,
an excess oil phase that is essentially pure oil and a microemulsion phase that contains
water plus electrolytes, surfactant, and some solubilized oil exist. This type of phase
environment is called Winsor Type I, or alternatively Type Il (-). If the surfactant
concentration is below the critical micellar concentration (CMC), the two phases are an
aqueous phase containing all the surfactant, electrolytes, and dissolved oil at the water
solubility limit and a pure excess oil phase. For high salinity, an excess water phase and a
microemulsion phase containing most of the surfactant and oil, and some solubilized
water exist. This type of phase environment is called Winsor Type I, or alternatively
Type Il (+). An overall composition at intermediate salinity separates into three liquid

phases. These phases are excess oil and water phases and a microemulsion phase whose
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composition is represented by an invariant point. This phase environment is called
Winsor Type IlI.

The surfactant/oil/water phase behavior can be represented as a function of
effective salinity once the binodal curve and tie lines are described. The phase behavior
model in UTCHEM is based on the work by Pope and Nelson (1978), Prouvost et al.
(1984; 1985; 1986), Satoh (1984), and Camilleri et al. (1987a,b,c) simplified to not
include the effects of co-solvent.

The formulation of the binodal curve using Hand's rule (Hand, 1939) is assumed
to be the same in all phase environments. Hand's rule is based on the empirical
observation that equilibrium phase concentration ratios are straight lines on a log-log

scale. The binodal curve is computed from

= = A(_—S'] (I =w,0,me) (4-120)

where A and B are empirical parameters. For a symmetric binodal curve where B = -1,

which is the current formulation used in UTCHEM. All phase concentrations are

calculated explicitly in terms of oil concentration (C_:OI ).

- 1 — = \2 =~ =
C, =E[—AC0, +\/(ACO,) +4AC, (1—Co.)} (I =w,0, me) (4-121)

Parameter A is related to the height of the bimodal curve (Cs,max) as follows:

1-C

265 max,m 2
An = —————— (m:O,l,and 2) (4_122)
where m = 0, 1, and 2 are corresponding to low (or zero), optimal, and high (twice

optimum) salinities, respectively. Ay, is linearly interpolated as
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C
A=(A, - A)(%—l)+ A Ce >Cyop (4-124)

where Csg and Csgop are effective salinity and optimum effective salinity, respectively.
The heights of binodal curve at three reference salinities are input parameters and are
estimated based on laboratory phase behavior experiments.

In presence of free gas, its volume needs to be excluded from the phase behavior
calculations and the overall volume concentrations of water, oil, and surfactant are
normalized for the volume of free gas. At the end, saturations are re-normalized for the

volume of the free gas.

4.13 EFFECT OF SOLUTION GAS AND PRESSURE ON SURFACTANT PHASE BEHAVIOR

The effect of pressure and solution gas was discussed in Section 2.5 Here we
briefly review the results.

The effect of solution gas and pressure on microemulsion phase behavior has been
studied by Nelson (1983), Puerto and Reed (1983), Roshanfekr et al. (2009), Southwick
et al. (2012), Sagi et al. (2013) and Jang et al. (2014). Jang et al. (2014) used sapphire
cells to measure the phase behavior for eight different oil samples over a wide range of
pressure, temperature and solution gas and is the most complete set of data available at
this time. Roshanfekr et al. (2009), Southwick et al. (2012) and Jang et al. (2014) all
report an increase in the solubilization ratio and a small decrease in the optimum salinity
for live oils compared to dead oils. Kim et al. (1985, 1988), Austad et al. (1990), Austad
and Strand (1996), Austad et al. (1996), Skauge and Fortland (1990), Sanderson et al.
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(2012) and Jang et al. (2014) observed that for both pure hydrocarbons and crude oils the
optimum salinity increases slightly as the pressure increases. However, the shift in
optimum salinity with pressure up to several thousand psi is small. The effect of pressure
is much less than the effect of solution gas. Because the effect of solution gas and
pressure on the optimum salinity is relatively small and a general correlation has not yet
been well established (using EACN does not appear to be generally valid), it has been
currently neglected in the four-phase flow model. However, it could be added to the

model when a good correlation becomes available.

4.14 PHASE SATURATIONS

The phase saturations are calculated from the phase composition, overall
composition and saturation constraint. The overall composition and the saturation

constraint are

- M S,
C = ZEICH (4-125)

1=1

Ds =1 (4-126)
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NOMENCLATURE

A, Ap,A1,A; = empirical parameters for Hand’s rule
AN = matrix of pressure coefficients (ML t)
Ac = flow cross sectional area (L?)
ak = Langmuir adsorption model parameter
aa = Langmuir adsorption model parameter (L?)*°
ae = Langmuir adsorption model parameter (L?)°* (Eq/L%)™
bk = Langmuir adsorption model parameter
= empirical parameters for Hand’s rule

B,B' = known vectors for pressure equation (L3t
B, = formation volume factor (L3/L°)
Cx = compressibility (ML™t?)?
Ck = total volume concentration of component k at standard conditions (L3/L° PV)
Ck = adsorbed concentration of component k at standard conditions (L*/L® PV)
Cu = volume concentration of component k in phase | at standard conditions (L3/L?)
C_Zk, = volume concentration of component k in phase | at reservoir conditions (L*/L?)
Crci = capillary pressure model parameter (Mt-2)
Cse = effective salinity (Eq/L®)
CseL = lower limit for Type 11l window (Eq/L®)
Cseop = optimum effective salinity (Eq/L°)
Csep = effective salinity for polymer (Eq/L?)
Cseu = upper limit for Type 111 window (Eq/L?)
Cq = height of binodal curve (L%/L3)
Eq = gas expansion factor (L3/L%)
€pc = capillary pressure model parameter

c:tion++ = fraction of divalent cation on surfactant
g = gravitational force (Lt™)
Jk = mass flux of component k (ML3t™)
k = absolute permeability (L?)
Kr = relative permeability
ki° = endpoint relative permeability
Nk = number of components
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= Corey relative permeability exponent

= number of phases

= trapping number

= pressure (ML™t?)

= bubble point pressure (ML™t?)

= capillary pressure between phase | and | (ML™t?)
= source/sink term (ML3t™)

= solution gas ratio in phase | (L%/L?)

= saturation of phase | (L*/L®PV)

= residual saturation of phase | (L3/L*PV)

= normalized saturation of phase |

=time (t)

= temperature (T)

= capillary desaturation curve parameter for phase |
= phase transmissibility (M™L*t)

= grid volume (L®)

= Darcy phase velocity of phase | (Lt™?)

= depth (L)

= phase viscosity parameters

= polymer effective salinity coefficient

= effective salinity parameter for divalent cations
= effective salinity temperature coefficient (T™)
= phase relative mobility (M™Lt)

= Phase viscosity (ML™t™?)

= density (ML)

= interfacial tension between phase | and 7° (Mt?)
= porosity

= phase potential (ML™t?)
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Chapter 5: Comparison of Implicit Texture and Population Balance
Models

In this chapter population-balance (PB) and implicit-texture (IT) models are
compared. The equivalence of the two approaches is demonstrated by deriving explicitly
the foam-coalescence-rate function implicit in the IT models, and showing its similarity
to that in population-balance models. The models are compared and discussed based on
their ability to represent a set of N, and CO, steady-state foam experiments and the

corresponding parameters of the different methods.

5.1 INTRODUCTION

Simulation models for foam enhanced oil recovery are of two types: those that
treat foam texture or bubble size explicitly (population-balance models) and those that
treat the effects of foam texture implicitly through a gas mobility-reduction factor. The
implicit-texture models assume local equilibrium (LE) between the processes of foam
creation and destruction. In published studies most population-balance models predict
rapid attainment of local-equilibrium as well, and some have been recast in LE versions.
Population-balance models are credited with being based on first principles and are
sometimes called "full physics" models, although of course all models incorporate only
partial physics.

In all the foam models discussed here, foam coalescence is related to P. . In the
PB models, P.", or its corresponding saturation, S, , is explicitly specified as an input
parameter to calculate the coalescence rate and bubble size. The IT models incorporate
P. implicitly by employing the limiting water saturation S,,” as an input parameter. In PB
models foam collapses as capillary pressure approaches P., while in IT models foam

collapse occurs when foam becomes too dry i.e. in the vicinity of S, . The IT models
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differ in whether foam collapses completely, or degrades partially, in the vicinity of S,
(Cheng et al., 2000).

Skoreyko et al. (2012) model represents foam generation, foam degradation and
trapped foam by defining a set of first order, non-reversible reactions. They use
Arrhenius-type equations to compute reaction rates. Their model makes no reference to
foam coarsening at a limiting capillary pressure, which distinguishes it from the models
described here. Likewise, the population-balance models of Falls et al. (1988),
Friedmann et al. (1991) and Zitha (2006) do not include foam coalescence at a limiting
capillary pressure. Therefore, we do not address these models further in this chapter.

This chapter investigates the limiting capillary pressure concept as applied in both
IT and PB models. Specifically, it shows that the limiting water saturation in IT models
can be expressed as a coalescence (destruction) term in an equivalent way to that in PB
models. In other words, each IT model examined is equivalent to the LE formulation of a
corresponding population-balance model: the physics of foam coalescence as represented
in the two types of models is essentially the same.

In addition, the experimental data for steady-state apparent foam viscosity
(without oil present) versus foam quality are matched with the different foam models and
the corresponding parameters in each model are discussed. The results confirm that the
steady-state flow of foam in porous media can be adequately represented equally well by
the simpler IT models.

Only population-balance models can represent the dynamics of foam creation and
propagation at a shock front, the creation of foam at the entrance of the porous medium
or near an abrupt change in permeability. However, in published applications, PB models
come to local equilibrium rapidly, suggesting that on the field scale LE applies, at least in

relatively homogeneous formations (Rossen et al., 1999; Chen et al., 2010). The first step
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in evaluating any foam model is to examine its ability to represent laboratory LE data,

and this study focuses on that issue.

52 FoAM MODELS

Nearly all foam models alter the transport properties of gas only and assume that
liquid mobility remains the same function of saturations as it is in the absence of foam, in
accordance with laboratory observations (Bernard and Holm, 1964; Bernard et al., 1965;
Sanchez et al., 1989; de Vries and Wit, 1990; Friedmann et al., 1991; Vassenden and
Holt, 2000). However, there are few experiments indicating the effect of foam on the
water relative permeability (Arran et al., 2014). In the presence of foam, gas trapped by
stationary lamellae reduces mobile gas saturation, blocks gas flow and alters gas flow
paths, and thus reduces gas relative permeability. The fraction of trapped gas is a function
of pressure gradient, capillary pressure, aqueous phase saturation, pore geometry and
bubble size (Kovscek et al., 1995; Nguyen et al., 2007; 2009). On the other hand, moving
lamellae experience a drag force when they slide along the pore walls (Hirasaki and
Lawson, 1985) that is complicated by capillary effects on the lamellae (Falls et al., 1989;
Xu and Rossen, 2003). This effect is similar to an increase in gas viscosity. Because the
viscosity of gas itself is not increased by foam, the effect of increased resistance to gas
flow due to the presence of lamellae is termed “apparent gas viscosity." However, many
models combine the effects of foam on gas relative permeability and apparent viscosity
and reduce the gas mobility by a factor applied to either the gas viscosity or the gas
relative permeability. In the following sections, IT and PB foam models are briefly

discussed.
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52.1  Implicit-Texture Models

In this section, the UT (Rossen et al., 1999; Cheng et al., 2000), STARS
(Computer Modeling Group, 2012) and Vassenden-Holt (1998) IT models are described.

A summary of these models is provided in Table 5.1.

5.2.1.1 UT Model

The UT model (Rossen et al., 1999; Cheng, 2000) was originally based on data of
Persoff et al. (1991), which lies entirely in the high-quality regime. At fixed gas
superficial velocity, this model gives a steep, linear increase in gas mobility as water
saturation decreases through a narrow interval in the immediate vicinity of S, , and a
constant reduction in gas mobility for larger values of S,,. The model allows for non-
Newtonian behavior in the low-quality regime by making the mobility-reduction factor in
the low-quality regime a power-law function of gas superficial velocity. This model is
currently in use in compositional simulator UT-DOECQO?2 (Delshad et al., 2013; Naderi
Beni et al., 2013) and UTCHEM (Delshad, 2013).

5.2.1.2 STARS Model

In the STARS model (Computer Modeling Group (CMG), 2012), when foam is
present, the gas relative permeability is multiplied by a factor FM, which is function of
several factors. The dry-out function F, and shear-thinning function Fs, are defined in
Table 5.1. As in the UT model, foam mobility increases as S,, decreases in the vicinity of
Sw , Which is given the name fmdry in the STARS model. However, in the STARS model
foam does not collapse completely at any water saturation. The function Fs allows for
shear-thinning in the low-quality regime by making the mobility-reduction factor

dependent on capillary number (i.e., on pressure gradient).
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5.2.1.3  Vassenden-Holt model

Vassenden and Holt (1998) proposed a foam simulation model in which the gas
mobility reduction factor, F, is sum of two exponential functions of water saturation. For
water saturation slightly greater than S; (equivalent to S,’), foam mobility decreases
steeply because of the first exponential function; this corresponds to foam dryout and the
high-quality regime. The second function decreases more gradually for higher water

saturation and controls foam behavior in the low-quality regime.
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Table 5.1: A summary of IT models used in this study

Model Description

Model parameters

UT Model (1994)

k ;S, <S, —¢orC,<C,

kyy = . S, —£<S,<S. +£&C,>C]
@+ ((R-1)(S, -S, +¢))/2¢)

;S,>S, +& &C, >C;

u
R= Rref —

Oref

(5-1)

(5-2)

k.. gas relative permeability
krgf: foam relative permeability
C,: surfactant concentration
C,": threshold surfactant conc.
S,,": limiting water saturation
ug: gas Darcy velocity
Ugs: ref. gas Darcy velocity
R: foam resistance factor
&: Water saturation tolerance
o : power-low exponent

o = 1, Newtonian

o < 1, shear-thinning

STARS Model
f
krg = krg x FM

1
M =
1+ fmmob(F, x F, x F;x F, x K, x F,)

F, =05+ 1 arctan(epdry(S,, — fmdry))
T

fmeap )"
( N p] N, > fmcap

ca

F =
1 7N, < fmcap

ca —

(5-3)
(5-4)

(5-5)

(5-6)

FM: mobility reduction factor
fmmob: max. reduction factor
F,:dry-out function

F;5: shear thinning function
epdry: ref. dry-out slop in
dimensionless dryout calculation
fmdry: dry-out factor

N,,: capillary number

fmcap: ref. capillary number
epcap: exponent for capillary
number contribution

Vassenden-Holt Model
t_
Kig =Ky xF

a

eGrswa | Yg | e 5i-sws,

_ 0
F= Ugo

1 Sy <5

Sy, > S5

(5-7)

(5-8)

ug: gas Darcy velocity

ug, : ref. gas Darcy velocity

F: foam mobility multiplier

F,: foam mobility multiplier at ref.
gas velocity

S;: lowest water saturation for foam
effect

s;: slop of the gas relative
permeability at high quality regime
s5: slop of the gas relative
permeability at low quality regime
a: shear thinning exponent

(for original model a =1)
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5.2.2  Population-Balance Models

Foam mobility is influenced by its texture (Patzek, 1988; Falls et al., 1988). Foam
texture is quantified as the number of lamellae per unit volume of gas. Foam with fine
texture has more lamellae in a given volume of gas and therefore induces more resistance
to gas flow. Population-balance models incorporate foam texture explicitly to predict
flow properties. A balance equation for lamellae allows the simulator to track foam
texture dynamically, i.e. without the local-equilibrium assumption. The rates of
accumulation, convection, generation, and coalescence of foam bubbles are incorporated
into the bubble balance, and, if desired, rates of trapping and mobilization as well.

The transient population balance for the average flowing and trapped bubble sizes

is written as (Chen et al., 2010):

§[¢(anf +Stnt):|+v'(ufnf)ZQf +Q, (5-9)

where Sy and S; are flowing and trapped gas saturations, and n; and n; are number density
of flowing and trapped foam lamellae, respectively. Qy is a source/sink term, and g is the

net rate of generation of lamellae

q; =r,—r, (5-10)
where rg and r. represent generation and coalescence rates, respectively. The population
balance model can be simplified by assuming local equilibrium if desired (Ettinger and
Radke, 1992; Myers and Radke, 2000; Kam and Rossen, 2003; Chen et al., 2010). In the
LE version of the PB models, the rates of foam generation and coalescence are set equal
to each other, which defines the LE value of foam texture n; at each location. Equation

(5-9) is eliminated from the set of governing equations.
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In this section, the models of Chen et al. (2010), Kam et al. (2007), and Kam
(2008) are described. The models are summarized in Table 5.2. The population-balance
models examined here use the shear-thinning expression of Hirasaki and Lawson (1985)

for the effective gas viscosity.

an,
Hi = Hy+ g (5-11)
Vil
where us and ug are the gas viscosity in the absence and presence of foam, ns is the foam
lamella density (number of lamella per unit volume), v is local gas velocity and « is a

proportionality constant that depends on the surfactant formulation and permeability.

5.2.2.1 Kovscek et al. (1994) Model, Modified by Chen et al. (2010).

Kovscek et al. (1994) considered Roof snap-off as the mechanism of lamella
creation. Their model employs a capillary-pressure-dependent kinetic expression for
lamella coalescence (to reflect the limiting capillary pressure) and also a term to represent
the trapped fraction of foam. The gas relative permeability is then reduced according to
the fraction of flowing gas to reflect the effect of gas trapping (Equation (5-18)).
Lamella-generation rate is taken as a power-law expression, proportional to the
magnitude of the interstitial velocity of surfactant solution and 1/3 power of the
interstitial gas velocity. Chen et al. (2010) introduced an upper limit for the concentration
of lamellae that is related to pore size. The upper limit is achieved by reducing the
lamella generation rate as this limit is approached; they contended that this accounts for
pre-existing gas bubbles that occupy foam-generation sites. They showed that the LE

form of this model can predict both low- and high-quality foam regimes.
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5.2.2.2 Kam et al. Model (2007)

Kam et al. (2007) presented a foam model in which lamella creation depends on
pressure gradient and also on water saturation or capillary pressure, which governs the
presence of lenses or lamellae available to be mobilized (Rossen and Gauglitz, 1990;
Gauglitz et al., 2002). Specifically, lamella generation rate is proportional to water
saturation and a power-law expression of pressure gradient. In this model, the lamella
generation rate monotonically increases with the pressure gradient. The lamella
coalescence rate is a power-law function of (Sw-Sw ), with the exponent an adjustable
parameter. This model can represent multiple (coarse and strong) foam states at the same
superficial velocity and jumps between those states, as well as the low- and high-quality

regimes for strong foam.

5.2.2.3  Kam (2008)

In this extension of the model of Kam et al. (2007), for the lamella creation, the
local pressure gradient must exceed the minimum pressure gradient required for lamellae
mobilization and division. Kam (2008) proposed a new lamella-creation function, which

reaches a plateau at higher pressure gradient (Equation (5-25)).
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Table 5.2: A summary of PB models used in this study

Model Description

Model Parameters

Chen et al. (2010)
r, = K,
k =k’ [1_(nf /n*)“]

2
o P
k‘l:k‘l(P*—Pj

P =P tanh(C,/C)

c

— U3
Vv

v

w

- generation rate f

- coalescence rate

o Y n" kfl
- at local equilibrium N, + kf |
w

n
- foam relative permeability K, = kr(; ((1— X, ) SQD ) !

2/3
W

n,—n =0

V

- at local equilibrium n=n

(5-12)
(5-13)

(5-14)
(5-15)
(5-16)
(5-17)
(5-18)
(5-19)

(5-20)

v : local gas velocity

vy, : local water velocity

k; : generation coefficient

k;° : model parameter (const.)

n; : flowing foam bubble density

n": limiting (max) bubble density

 : constant exponent

k_,: coalescence coefficient

k4° : model parameter (const.)

P. :capillary pressure

P, : limiting capillary pressure

Pemax - limiting value of P,

C, : surfactant concentration

C, : ref. surfactant concentration

kg’ : gas endpoint relative permeability
ng : gas exponent relative permeability
Sgo - dimensionless gas saturation

X : trapping foam fraction

Ximax - Maximum trapping foam fraction
n, : trapping foam bubble density

f : trapping parameter

Kam et al. (2007)
r =cS, (Vp)

generation rate

n
1
-coalescencerate I =Cn, ( "
SW - SW

- at local equilibrium N, == (S -S ) (VP)
C

C

(5-21)

(5-22)

(5-23)

n¢ : foam bubble density

Cq : generation rate coefficient
C. : coalescence rate coefficient
Sw : limiting water saturation
VP : pressure gradient

n : coalescence exponent

m : model parameter

Kam (2008)

[ I [erf (VP i j erf (_VP" D
- generation rate = Emm— T
2T %

s, )
SW_S\:\/

- coalescence rate r =cn, (
- at local equilibrium

G [8.78, n(erf (VP—VPOJ erf (_vp" D n, <n
— —erf| —= <
nf = ch Sw \/E \/E f ™

n e 2n

max

(5-24)

(5-25)

(5-26)

n¢ : foam bubble density

Cq : generation rate coefficient
C. : coalescence rate coefficient
Sw : limiting water saturation
VP : pressure gradient

VP, . model parameters related to

minimum pressure gradient
n : coalescence exponent
Nmax - Maximum (limiting) bubble density




53 CORRESPONDING FOAM MODEL PARAMETERS

Parameters S,,, fmdry, and S; represent the limiting water saturation in the IT
models and the PB models of Kam, while Chen et al. use the corresponding capillary
pressure P¢" in their model. In the STARS model, foam weakens in the vicinity of fmdry
but does not collapse completely at any value of S,. In the UT model, foam collapses in
the vicinity of Sy, specifically in an interval of (S. '+ ¢). In the other models foam
collapses completely for S, < S or, Sy < S, or P. > P.". Parameters Ry, fmmob, and
(1/F,) represent a reference (or maximum) mobility reduction factor that could be
achieved by foam when all the conditions are favorable and are directly set in the IT
models. n“and npa are upper limits for the concentration of foam bubbles in the Chen et
al., Kam et al. and Kam models, respectively, and are related to pore size. More than one
foam bubble per pore is not expected (Bertin et al. 1998; Kil et al., 2011). Parameters ¢,
epdry, and s; control the sharpness of the transition from high-quality to low-quality
regimes in the IT models. The extent of the saturation range in the transition from high-
quality to low-quality regimes is set to 2¢ in the UT model. In both STARS and the
Vassenden-Holt models, for the large values of epdry and s; the transition is sharp and
foam collapses at very narrow range of water saturation. In the Kam et al. and Kam
models, the coalescence exponent n controls the foam transition, with smaller n giving a
sharper transition. The coalescence rate depends on nearness of capillary pressure to P¢"
with an exponent (-2) in the Chen et al. model (Equation (5-15)). Parameters o, epcap ,
and a account for shear-thinning behavior in the low-quality regime in UT, STARS, and
modified Vassenden-Holt models, respectively; this reflects both gas trapping and
mobilization and the shear-thinning drag on individual moving bubbles. Population-
balance models use the shear-thinning expression by Hirasaki and Lawson with an

exponent of (-1/3) for the dependence of apparent gas viscosity on gas velocity.

122



5.4 FITTING FOAM MODELS TO EXPERIMENTAL DATA

In this section, different foam models are used to match the steady-state CO, foam
experimental data reported by Moradi-Araghi et al. (1997) and the N, foam experimental

data of Alvarez et al. (2001). The models are then compared and discussed.

5.4.1 Experimental Data

Moradi-Araghi et al. (1997): they conducted experiments with CO, at 98°F and
2000 psi in a 551.5-md-permeability reservoir core from the South Cowden Unit. The
core plugs were 1 inch in diameter and 4.84 inches long. The core was positioned
vertically in the cardholder with injection from the bottom. Foam was made with 2000
ppm Chaser CD-1050 surfactant in synthetic South Cowden formation brine. The overall
pressure drop in the foam experiments was measured and divided by that for single-phase
water flow and reported as the mobility reduction factor (RF). Therefore, to calculate the
apparent viscosity of foam as a function of gas fraction or foam quality (fy), the reported

mobility reduction factor is multiplied by water viscosity at the experimental conditions.

Moy = 14,RF = 0.65RF (5-27)

where Mapp is in cp. Note that apparent viscosity of foam (,L/app) is defined in Equation (5-
27) in terms of the total mobility of foam treated as a single phase; apparent viscosity of
gas (u) is defined in the foam models above as the effective viscosity of the gas phase.
Moradi-Araghi et al. (1997) did not report the injection rate used in their
experiments. Therefore, a total injection rate of 5 ft/day is assumed to model and match
their experimental data. Farajzadeh et al. (2015) found that the choice of flow rate affects
only the reference capillary number or reference gas superficial velocity in the UT and

STARS models and therefore does not influence the generality of our conclusions.
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Alvarez et al. (2001): they conducted experiments with N, at room temperature
and 600 psi outlet pressure in 530 md Berea sandstone core. Hassler-type coreholder with
four internal pressure taps was used, with a coreholder placed in vertical position and
with injection from the top. The cores were 2 inches in diameter and 11 inches in length.
Foam was generated with 1 wt% Bio-Terge AS-40 surfactant, a Ci4.16 Sodium a-olefin
sulfonate (anionic surfactant). Brine composition was 3 wt% NaCl and 0.01 wt% CaCl, in
deionized water. Gas and surfactant solution were injected simultaneously and flow rates
were set to obtain a specific foam quality (fg) at outlet conditions of 600 psi. To ensure a
steady state, foam was injected at each flow rate for at least 24 hours. The pressure
gradient at a fixed total superficial velocity of 2.5 ft/day was measured and apparent foam
viscosity is reported here by multiplication by absolute permeability and dividing by total
velocity:

. —kvP

Happ = U, +U, (5-28)

Relative permeability data are not reported for the porous medium used in these
experiments. Although the parameters depend somewhat on the choice of the relative
permeability parameters (Ma et al., 2014a), the generality of the results will not be
affected (Farajzadeh et al., 2015). A relative permeability function was estimated by
fitting the data of Persoff et al (1991) in Boise sandstone. Two phase water-gas relative

permeabilities are calculated from the following functions:
Koy =Ky (Sup )™ (5-29)

Ky =K (1-S,5)" (5-30)
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where S,p is dimensionless water saturation and is defined as

_ Sw — Swr
- (5-31)
wr gr

The general form of gas-water capillary pressure represented by Li (2004) was

used as

P.=Pgs_ (1-bS,0) " (5-32)

where Pcgsuc IS the capillary pressure at the residual water saturation, (Syc) when drainage

capillary pressure is used. b and 4 are constants and are defined as

n, = 1+% (5-33)
-2 (5-34)
po1- [i
I:)c@ Swc

where P is entry capillary pressure at the residual water saturation
Pcaswe = 21.036 psi and P = 0.042 psi are picked for Nitrogen data of Alvarez et
al. (N2). Assuming a similar rock type, the capillary pressure for CO, flood of Moradi-

Araghi et al. can be scaled based on interfacial tension (concept of J-Leverett) as

O,
P. =P, —> (5-35)

CCO = CN
2 2 ()-N2
where Oco, and o, are CO; and N, interfacial tension with water.

Figure 5.1 shows the capillary pressure curves used to model CO, and N, experiments.

Table 5.3 summarizes all the rock and fluid properties used in this chapter.
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5.4.2  Data Fitting Procedure

The objective function for the optimization of foam model parameters is defined

as

Ndata
D00 = 3t (X)) (5-36)
=
where x is the vector of foam model parameters. For example in the STARS model, x =
[fmmob, epdary, fmdry, epcap]. The reference capillary number, fmcap, is not an
independent parameter and was set to a fixed value. 5" and u'ap, are the experimental
data and model values, respectively. A constrained least-square algorithm in the
optimization toolbox of MATLAB (Isgnonlin function) was used to solve the non-linear
data fitting problem. The constraints are set to physical limits for the foam parameters,
e.g. Swc <Sw, Sf or fmdry (Peas.« >Pc ). The final set of fitted parameters sometimes
depends on the initial guess. The issue of non-uniqueness in the various model fits is

discussed below. In cases where the fit depends on the initial guess, the best fit (i.e., the

fit with the smallest value of ¢(x)) is shown.

5.4.3  Steady-State Foam Simulation Results

Figure 5.2 through Figure 5.7 show the apparent gas viscosity as a function of
foam quality. Symbols are the experimental data and the curves are the match using
different foam models. The relevant model parameters are listed in Table 5.4 to Table
5.9.

The Vassenden and Holt model did not match the data in the low-quality regime
until an exponent a for the velocity term (see Equation (5-8) and Figure 5.4) was added to
the model. In effect, the original model assumed that the exponent a in Equation (5-8) is

equal to one.
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The results show that the two types of models match the experimental data
equally well. Some individual models do better in matching some of the data and others
at matching other data. For instance, for Alvarez et al. data, Kam, UT and Chen et al.
models do slightly better in matching the high-quality data and UT and Kam et al. models
in fitting the low-quality data. For the Moradi-Araghi et al. data UT, STARS and Kam et
al. models do slightly better than the others.

For Chen et al. model, the experimental data was matched using three sets of
foam parameters for both Moradi-Araghi et al. and Alvarez et al. (Table 5.7) data. In set
#1 we assume a maximum gas trapping saturation of 50% and we scale the gas relative
permeability along with the gas viscosity to match the experimental results; the resulting
fit is shown in Figure 5.5. Since the value of trapped gas saturation is uncertain, in set #2
ignore gas trapping was ignored, but the same quality match by adjusting n” and P, was
obtained. The fits are indistinguishable from each other, as shown in Figure 5.5. For at
least these two experiments, the trapping parameter in the Chen et al. model does not
play an essential part of the data-fitting procedure and could be ignored.

In all the models except that of Chen et al., the limiting water saturation did not
vary with the initial guess (although the other parameters did vary). In the Chen et al.
model, however, the experimental data could be matched with different values of P, by
adjusting parameter k°. In parameter set #1, P, =0.19 psi (S, ~0.26) and P, =0.55 psi
(Sw ~0.31) was used for Moradi-Araghi (CO,) data and Alvarez (N.) data, respectively.
These parameters are compatible with those of other models. In set #2, P” was slightly
increased to account for trapped gas saturation. In set #3, essentially the same fit to the
data using P =0.8 psi for both experiments (S ~0.29 for Moradi-Araghi and S,, ~0.284

for Alvarez) was obtained. In other words, one cannot derive even an approximate value
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of P” from these data using Chen’s model without assuming a priori a value for the

coalescence constant K’ -

Dong (2001) examined this issue in the earlier model of Kovscek et al. (1995).
Suppose, as posed in the introduction, that foam is initially at LE in the high-quality
regime, and then gas superficial velocity increases by a factor X. In this model, lamella-
generation rate increases by X3 (see Equation (5-12)). Coalescence rate increases by the
factor X (see Equation (5-14)) even with no change in capillary pressure. Thus
equilibrium foam texture (n;) changes by a factor of X?°. Apparent gas viscosity is

3)=x" because of the dependence on texture and the direct

proportional to (XX
dependence on gas velocity (see Equation (5-11)). Through Darcy's law on the gas phase,
pressure gradient is proportional to (vg;/app) ~ (XX, i.e. is constant, with no change in
capillary pressure. In this model, pressure gradient is independent of gas superficial
velocity in the high-quality regime because of the particular forms assumed for gas
apparent viscosity and the lamella-generation and -coalescence rates, not the divergence
of coalescence rate at the limiting capillary pressure.

In the model of Chen et al., the dependence of lamella generation rate and gas
mobility on gas superficial velocity is more complex. In the model match, the water
saturation in the high-quality regime is the same for all three sets of parameters
Nevertheless, the fitted value of S,(P. ) varies among the parameter fits to the data from
0.265 to 0.263 to 0.219 for parameter sets #1, 2 and 3, respectively for Moradi-Araghi
and 0.310 to 0.309 to 0.284 for Alvarez. In the model of Chen et al., the high-quality
regime need not reflect a capillary pressure close to P .

The water saturation in high-quality regime can be obtained from the slope of
pressure gradient versus fq in the experimental data, using Darcy's law for the water phase

(Boeije and Rossen, 2013). The water saturation in the high-quality foam regime is
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calculated to be 0.295 and 0.314 for the Moradi-Araghi and Alvarez data, respectively.
Table 5.10 summarizes S,, values or its corresponding parameters in other models (fmdry
in STARS model and S; in Vassenden-Holt) used to fit the experimental data using
different models. While in UT, STARS, Kam et al., and Kam models the value of S,
was close to the water saturation in the high-quality regime, in the Vassenden-Holt and
Chen et al. models water saturation in the high-quality regime was not close to S, (or

Sw(P¢)).
5.5  COALESCENCE FUNCTION IN IMPLICIT-TEXTURE MODELS

In the IT models examined here foam experiences an abrupt change in its
properties near the limiting water saturation. This abrupt change can be expressed by a
lamella-destruction function similar to that in population balance models with a limiting
capillary pressure.

The coalescence rate (r;) in population-balance models (Equations (5-14), (5-22),

and (5-25)) can be expressed as

rc = Cc nf f = Cc n: r]D f (5'37)
f=_
~c.ning (5-38)

where ¢, is constant, n; is lamella density (foam texture), np is dimensionless foam
texture, nf* is maximum foam texture in the low-quality regime (which we assume to be
constant (Alvarez et al., 2001)), and f is a destruction function. In other words, lamellae
have a probability of breaking proportional to f, where f can be expressed in terms of

water saturation or capillary pressure. Kovscek et al. (1993) suggested that
f «c (P"—P,)?; Bertin et al. (1998) proposed f oc (P" —P,)™*; Kam et al. (2007) and Kam
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(2008) assumed f oc (S, —S;) "with n a fitted parameter. In all the models foam

coalescence rate increases sharply at or near the limiting water saturation or the
corresponding capillary pressure. Figure 5.8 and Figure 5.9 show the destruction function
used in the PB models in terms of water saturation and capillary pressure. However, there
is no theoretical reason nor direct experimental evidence for the choice of one
mathematical form of the lamella-destruction function over the others, as long as it
increases greatly as P approaches P, . The mobility-reduction function (specifically the
dry-out function) in IT models implies a lamella-destruction function that is similar to the
corresponding function in PB models. In other words, the physics of foam collapse near
P, is essentially the same in the IT models as in the PB models.

In the UT foam model the gas mobility-reduction factor corresponds to a

dimensionless foam lamella density defined by

0 Sy <S,—¢
Ny =1(S, S, +&) /26 ;S,-&<S,<S,+¢ (5-39)
1 ;S, >S, +&

where for water saturations less than (S, — &), foam does not exist (n, =0). In the high-
quality regime, i.e. for (S; —£<S, <S_ +&), Ny increases linearly with water saturation
and reaches its maximum value at (S, +&), where n, =1. Foam texture remains at its
maximum value (ny =1) through the low-quality regime (S, >S_ +¢&).

Vassenden and Holt's model does not imply a fixed maximum foam texture in the
low-quality regime. We interpret it in terms of foam texture as follows. The second term
in Equation (5-8) corresponds to mobility in the low-quality regime. We interpret the

(ug/ugo)® term reflecting non-Newtonian viscosity or gas trapping, but not changing foam
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texture, in this regime. We use texture in the limit S,—1 as the reference texture. Let F'

be the function F defined in Equation (5-8) but without the (ug/ug) term. Then

F '(SW) = exp[(sf - Sw)sl] + Fo exp[(sf - SW)SZ] (5'40)
This function, related to the mobility-reduction factor F in Vassenden and Holt's

model, is inversely proportional to foam texture. Thus

1 1 -
o= ( F(S,) _1J( F) _1j (5-41)

In the STARS gas mobility reduction is proportional to 1/FM, with the maximum

reduction when FM = 1/(1+fmmob). This corresponds to a dimensionless foam texture

defined by

&
FM
b~ (1+ fmmob) (-42)
Different population balance models use different lamella-generation functions,
and the best choice for this function remains controversial. Kam and Rossen (2003)
show that different lamella-generation functions can give the same steady-state foam
behavior. For simplicity, a constant bubble generation rate, ry was assumed. Zitha (2006)
assumed a constant generation rate in his model. More complicated generation functions
could be used without changing the conclusions, which hinge on abrupt changes in foam

behavior near P, or S,,". Therefore, assuming local equilibrium, the destruction function

is
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f=—9 __®
c.n,n; N, (5-43)
with
"
ro=—:
®e.n; (5-44)

Figure 5.10 through Figure 5.15 show the lamella-destruction functions implied
by the UT, Vassenden-Holt, and STARS models, using the parameter values fit to the
experimental data of Moradi-Araghi et al. and Alvarez et al. in Figure 5.2, Figure 5.3,

and Figure 5.4b. The UT model implies a destruction function that remains constant in

the low-quality regime and increases sharply in the interval (S + &), diverging to infinity
at (S, —¢).

In Vassenden-Holt model, the destruction function increases sharply at high
quality regime and it goes to infinity at St. In this model the destruction function increases
with larger slope for the higher value of s;.

The STARS model implies a destruction function that increases sharply in the
vicinity of fmdry but remains finite at all water saturations. In this model, destruction
function is sharper for the larger value of epdry.

The lamella-destruction functions implied by these IT models are similar to those
in the PB models. There is no theoretical reason or experimental justification to prefer
any of the functions in Figure 5.9, Figure 5.11, Figure 5.13, or Figure 5.15 above the
others. Thus, in terms of the most important mechanism in foam behavior without oil, i.e.
foam collapse at the limiting capillary pressure, the IT models are as well-supported by
theory and experiment as the population-balance models.

Figure 5.16 through Figure 5.19 show dimensional foam texture in implicit

texture and population balance models, using the parameter values fit to Moradi-Araghi
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et al. and Alvarez et al. experimental data. In population balance models, dimensional
foam texture is defined as the foam bubble density (n;) divided by the maximum foam
bubble density in porous media Nmax (No = N¢/Nax). In all the models, dimensionless foam
texture increases sharply close to S,, . Explicit dimensionless foam textures implied in IT

models are similar to those in Chen et al. and Kam population balance models.

5.6 NUMERICAL SIMULATION OF TRANSIENT FOAM EXPERIMENTS

In order to compare foam models during transient foam experiments, the LE
version of Chen et al. population balance model was implemented in the numerical
simulator UTCHEM and was verified with Chen et al. experimental data. Next, results

using the Chen et al. PB model are compared with the UT foam model.

5.6.1  Chen et al. Experiment (2010)

The implementation of Chen ef al. model in UTCHEM was verified with the
experimental data presented in their paper. The experiment started with flushing the core
with a large volume (> 20 PV) of 0.5 wt% brine to remove all the gas and surfactant from
the core. Next, brine was replaced by surfactant solution to saturate the core. The aqueous
surfactant (foamer) solution contains 1.0% active Stepan Bioterg AS40 (sodium Cj4.6
olefin sulfonate) in 0.5 wt% NaCl (J.T Baker) brine. 15 to 20 PV of surfactant solution
was injected into a Berea sandstone core to satisfy the surfactant adsorption to the rock.
Then, nitrogen and aqueous surfactant solution were co-injected continuously into the
pre-saturated core at liquid rate of 0.125 m/day, gas rate of 1.125 m/day, and 2.07 MPa
backpressure. The pressure drop was measured during the experiment. An X-ray CT

scanner provided in-situ measurements of aqueous phase saturation. Table 5.11 lists rock
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and fluid properties for this experiment. The following form of the J-function

approximate the capillary pressure relation for this experiment.

Pc E 1/2_ 0022 0.2
J(SW)=;(¢j _sz—o.15] (5-45)

where o is the surface tension of the surfactant solution and is about 33 mN/m in this
experiment.

Chen et al.’s foam model parameters were used to history match the experimental
data which are listed in Table 5.12 (field units were used in UTCHEM). Figure 5.20 and
Figure 5.21 compare the experimental data of water saturation and pressure drop with
population-balance simulation results. The simulation results fit the experimental data
reasonably well. Figure 5.22 also shows the flowing foam texture profiles from the
simulation. The results are very consistent with Chen et al. simulations.

Next, the UT foam model was used to simulate the same experiment. Table 5.13
lists UT foam model parameters used in the simulation. Figure 5.23 and Figure 5.24
compare the experimental data of water saturation and pressure drop with UT foam
model simulation. The results show, the simpler UT foam model can also provide a good

quality match with experimental data.

5.6.2  Effect of Foam Injection on Qil Recovery (Farajzadeh ef al. 2010)

Farajzadeh et al. (2010) studied the effect of foam injection on oil recovery using
N and COs,. In their experiment, the surfactant slug was followed by CO, or N, to a core
containing water-flood residual oil. In this section, the experimental data of N,-foam

enhanced oil recovery is modeled.
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The core was Bentheimer sandstone outcrop with 17 cm length and 4 cm
diameter. The permeability to brine was 1010 mD and average porosity was 22 + 0.2%.
The core was initially flushed with CO, for at least 30 min to replace the air in the
system. Afterward, about 20 pore volumes of brine (g,, = 2 mL/min) were injected into
the system to dissolve and remove all CO,. After core was saturated with brine, it was
flushed with oil (g, = 0.5 ml/min) to displace the brine. Next, the brine (¢,, = 2 mL/min)
was injected from the bottom of the core until no more oil was produced and pressure
drop along the core was constant. 47 + 2% of oil was produced during the water injection
with residual oil saturation of 32 + 2%.

After water flooding, 1-2 PV of surfactant solution (0.5 wt% AOS and 3 wt% of
NaCl) was injected from the bottom of the core at rate of 2 mL/min at atmospheric
pressure and room temperature. The injection of surfactant did not recover additional oil
since the reduction in interfacial tension was not substantial. Finally, N, was injected into
the core previously flushed with surfactant to generate foam in situ. Using N2-foam leads
to an additional recovery of 9.0 £ 0.5% of initial oil (total recovery = 56 + 2%).

Chen et al. population balance model was used to history match the oil recovery
and pressure drop in Farajzadeh et al. (2010) experiment. Table 5.14 lists rock and fluid
properties used in the simulations. The presence of the oil destabilizes the lamella and
increases the rate of foam coalescence. Chen (2009) suggested the following expression

to address the additional foam coalescence in presence of oil.

S,—S
I = kf)z : -
Soi - So

where k_,° is the number of oil-gas contact sites per volume of gas. Therefore, the total

vi[n, (5-46)

foam coalescence rate is the summation of the coalescence rate due to water dry-out near
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the limiting water saturation in Equation (5-14), and the coalescence rate due to the
presence of oil in Equation (5-46).

Figure 5.25 and Figure 5.26 compare the experimental data of oil recovery and
pressure drop with simulation results of Chen et al. foam model. The foam model
parameters used in this simulation are listed in Table 5.15. The same form of the J-
function in Equation (5-45) was used for this experiment. The model parameters of w, n’,
Xemax, and Pcmax Were picked from the Chen et al. (2010) experiment. k,° was picked
from the data of Chen (2009). The values of k;°, k1°, and a were then updated to history
match the coreflood experiment.

Next, the UT foam model was used to simulate this experiment. In UT foam
model, foam completely collapses for the oil saturations above critical oil saturation (S ).
In this research, the following expression is suggested to reduce the foam resistance

factor in presence of oil.

R S, <SLOIL

_Jy.(_S.—SmolL
B SLOIL —SMOIL
1 S, > SMOIL

EXPOIL
J (R —1)  SLOIL<S,<SMOIL (5.47)

where SLOIL is the maximum oil saturation below that foam is not affected by oil
(R=R.,)- SLOIL is equivalent to Sy in Equation (5-46). SMOIL is the minimum oil
saturation above that foam completely collapses (R=1). The foam resistance factor is
scaled for the oil saturations between SLOIL and SMOIL, and EXPOIL is the model
parameter.

Figure 5.27 and Figure 5.28 compare the experimental data of oil recovery and

pressure drop with the simulation results of UT foam model. The foam model parameters
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are listed in Table 5.16. Foam was assumed to be Newtonian in the simulation to reduce
the number of foam model parameters (the shear thinning factor ¢ = 1, hence, the
simulation results are not dependent to the value of ug.r). Figure 5.29 shows the effect of
oil on the foam resistance factor in this simulation. SLOIL was set to the value of residual
oil saturation and other parameters were determine to history match the experimental

data.

5.7 SUMMARY AND CONCLUSIONS

Implicit-texture (IT) models are often perceived as not reflecting the essential
physics of foam in porous media. Although only population balance models can represent
the entrance region, dynamics at shock fronts, the process of foam generation, and
regions in heterogeneous media -where abrupt heterogeneities mean that foam is not at
local equilibrium-, in this study we focus on the range of steady state data. IT models all
assume local equilibrium (LE). Therefore, we compare IT and LE version of population-
balance (PB) models. The main conclusions are:

e The ultimate test of a model’s usefulness is its ability to match the laboratory data.
We showed both IT models and PB models at LE matched the steady state
experimental data for CO, and N, foam presented here equally well. The
corresponding parameters of the different foam models were also discussed.

e The original Vassenden-Holt model did not match the data in low-quality regime until
an exponent a was introduced in the velocity term.

e The trapping parameter in the Chen et al. model does not play an essential part of the

data-fitting procedure and can be ignored.
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Vassenden-Holt and Chen et al. models did not essentially predict the limiting water
saturation (S, ) close to water saturation in high quality regime.

Dimensionless foam bubble density was defined in IT models to derive explicitly the
foam-coalescence-rate function implicit in these models. The results show the IT
models that incorporate an abrupt change in foam properties can be recast as LE
versions of population-balance models with a lamella-destruction function similar to
those in current PB models. In other words, both types of models, at least in the LE
approximation and without oil, equally honor the physics of foam behavior in porous
media.

Both Chen et al. model at LE and UT model successfully history matched the
transient foam coreflood experiments.

Population balance models often require more input parameters and is more difficult

to tune the foam parameters compared to IT models.
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NOMENCLATURE

FM
fmcap
fmdry

fmmob

Fo
k
kg
K1
ky.°
k.°
Krg
Keg'
Keg?
m

n

n
Neca

= shear-thinning exponent in Vassenden-Holt model

= capillary pressure model parameters

= coalescence rate constant

= generation rate constant in Kam et al. and Kam model

= surfactant concentration

= threshold surfactant concentration in UT model

= reference surfactant concentration in Chen et al. model

= exponent in factor (Fs) representing shear-thinning in STARS model
= factor governing abruptness of dry-out calculation (F,) in STARS model
= foam mobility multiplier in Vassenden- Holt model

= destruction function

= function in Vassenden-Holt model reflecting foam texture but non-
Newtonian effects
= dry-out function in STARS model

= shear-thinning function in STARS model

= mobility reduction factor in STARS model

= reference capillary number in STARS model

= reference water saturation in dry-out calculation (F,) in STARS model
= maximum resistance factor in STARS model

= foam mobility constant in Vassenden-Holt model

= Permeability

= generation rate coefficient in Chen et al. model

= coalescence coefficient in Chen et al. model

= model parameter in Chen et al. model

= model parameter in Chen et al. model

= gas relative permeability in absence of foam

= gas relative permeability in presence of foam

= gas endpoint relative permeability

= model parameter Kam et al. Model

= coalescence exponent in Kam et al. and Kam model

= limiting (maximum) lamella density in Chen et al. model
= capillary number
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Np = dimensionless lamella density

Nt = number density of lamellae (lamellae/volume gas)

ne = reference lamella density used in definition of np

Ng = gas exponent relative permeability

Nmax = Maximum foam lamella density in Kam model

Nt = number density of trapped foam bubbles

Nw = water exponent relative permeability

P = capillary pressure

P = limiting capillary pressure

Pee = entry capillary pressure

Panax = limiting value of P; " in Chen et al. model

Qb = source/sink term for foam bubbles

of = net rate of generation of foam bubbles

R = foam resistance factor in UT model

re = foam coalescence rate

RF = mobility reduction factor

Iy = foam generation rate

rgp = dimensionless foam generation rate

Rref = reference foam resistance factor at reference gas velocity in UT model

Sy = slope of the gas relative permeability at high quality regime in VVassenden-
Holt model

S = slope of the gas relative permeability at low quality regime in VVassenden-
Holt model

St = flowing gas saturation or lowest water saturation for foam effect in
Vassenden-Holt model

St = dimensionless gas saturation in the presence of foam

Syp = dimensionless gas saturation

St = trapped gas saturation

Sw = water saturation

Sw = limiting water saturation

Swe = connate water saturation

Swp = dimensionless water saturation

Us = Darcy velocity of gas in foam

Ug = gas Darcy velocity

140



Ugref
Uw
Vi
Vi

X

Xt

Xt,max

o

B

e
A

Ui
quapp
Mg

o
Oco2

ON2

VP
VP,

= reference gas Darcy velocity

= water Darcy velocity

= local gas velocity

= local water velocity

= vector of foam model parameters

= trapping foam fraction Chen et al. model

= maximum trapping fraction in Chen et al. model

= proportionality constant

= trapping parameter Chen et al. model

= width of high-quality regime in UT model (in terms of S,,)
= capillary pressure model parameters

= gas viscosity in the presence of foam

= apparent viscosity of foam, treated as a single phase
= gas viscosity in the absence of foam

= power-low exponent in UT model

= CO,-water surface tension

= N,-water surface tension

= objective function for the optimization of foam model
= constant exponent in Chen et al. Model

= pressure gradient

= model parameters related to minimum pressure gradient in Kam model
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Table 5.3: Rock and fluid properties for experimental data

Parameters Moradi-Araghi et al. Alvarez et al.
gas CO, N,
k (md) 551.5 530
Ut (ft/day) 5 2.5
Lw(Cp) 0.65 0.7
Ug(Cp) 0.05 0.02
Swr 0.1 0.2
Sgr 0.05 0.2
Krw® 0.22 0.2
Krg® 1.0 0.94
Nw 4 42
Ng 1.83 1.3
o (dyne/cm) 5 30

Table 5.4: UT model parameters to match experimental data

Parameters Moradi-Araghi ef al. Alvarez et al.
Rier 8.4x10° 5.6x10"
S, 0.264 0.31
& 0.015 0.002
u,,, (ft/day) 1.0 1.0
o 0.8 0.6

Table 5.5: STARS model parameters to match experimental data

Parameters Moradi-Araghi et al. Alvarez et al.
fmmob 1.58x10* 1.6x10°
fmdry 0.265 0.31
epdry 100 500
fmcap * 2.46x107 2.46x107
epcap 0.2 0.5

* fmcap is a reference capillary pressure below which shear-thinning is ignored. The
choice of this reference also affects the value of fmmob
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Table 5.6: Vassenden-Holt model parameters to match experimental data

Moradi-Araghi et al. Alvarez et al.
Parameters | Original Model | 1 tico 4 nogel | Original Model [y i Model
(a=1) (a=1)

F 4.5x107 1.2x10™ 1.23x107 1.8x107

S, 0.235 0.235 0.286 0.286

s, 280 280 500 500

s, 0.1 0.1 0.1 0.1
Uy, 1.0 1.0 1.0 1.0

a 1.0 0.2 1.0 0.35

Table 5.7: Chen ef al. (2010) Model Parameters to Fit Experimental Data

Parameters Moradi-Araghi et al. Alvarez et al.

set# 1 set# 2 set # 3 set# 1 set# 2 set # 3
ke (ft***day) 8x10'" | 8x10' | 8x10'" | o9x10" 9x10" 9x10"
ke, (ft™) 3x10° | 3x107 1.5 2x10°® 2x10° 3x107
n"(ft) 5.4x10" | 1.9x10" | 1.9x10" | 5.4x10"" | 1.34x10" | 1.34x10"
P" (psi) 0.19 0.20 0.8 0.55 0.555 0.8
X 0.5 0 0 0.5 0 0
yij 1x10” - - 1x10” - -
a (ft*day cp) 5x107% | 5x10" | 5x107"° | 1.7x107 | 1.7x107 | 1.7x10”

Table 5.8: Kam et al. (2007) parameters to fit experimental data

Parameters Moradi-Araghi et al. Alvarez et al.
c, /C. 8x10' 8x10'°
S, 0.262 0.31
n 0.04 0.01
m 0.7 0.2
a (ft*%day °cp) 6x107° 2.45x10™
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Table 5.9: Kam (2008) model parameters to fit experimental data

Parameters Moradi-Araghi et al. Alvarez et al.
c,/2¢, 2.3x10" 2.3x10"
s, 0.268 0.31
n 0.045 0.01
VP, (psi) 0.01 0.01
n.. (ft™) 5.4x10" 5.4x10"
a (ft**day °cp) 4.57x107" 4.2x107

Table 5.10: The Value of Limiting Water Saturation at Different Model

Model S, (Moradi-Araghi) | S, (Alvarez et al.)
uUT 0.264 0.310
STARS 0.265 0.310
Vassenden-Holt 0.235 0.286

Chen et al. 0.219-0.265 0.284-0.310
Kam et al 0.262 0.310

Kam 0.268 0.310

Table 5.11: Rock and fluid properties in Chen ef al. experiment

Parameter Value
core length (m) 0.6
core diameter (m) 0.05
k (md) 304
) 0.18
Swe 0.38
Hw (Cp) 1.0
Ug (cp) 0.018
Nw 3
Ng 3
Ko 0.7
Krg® 1
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Table 5.12: Population-balance foam model parameters for Chen et al. experiment

Parameter Value SI Unit Value Field Unit
klo 1.65X1015 Sl/3 m-l3/3 2.17X1011 day1/3ﬂ-13/3
k,° 10 m* 3.05 ftt

Pemax 3x10* Pa 4.35 psi
p 7.4x10"8 | pas?Pm!®® | 1.72x10 | cp dayPft1%®
Xt max 0.78 - 0.78 -
C 0.083 Wt%
n’ 1.0x10% m* 2.83x10% ft3
w 3.0 - 3 -

Parameters Value
Rref 48
Cs (volume frac.) | 0.001
e 0.01
Ug,ref (ft/day) 1.0
o 1.0
Sw 0.39

Table 5.13: UT foam model parameters for Chen et al. experiment

Table 5.14: Rock and fluid properties in Farajzadeh et al. experiment

Parameter Value | Parameter Value
core length (cm) 17 Sorg 0.3
core diameter (cm) 4 Srg 0.15
k (md) 1010 | kny” 0.1
) 0.22 Kro® 0.8
w (Cp) 1.09 | keg® 1.0
Uo (cp) 1.35 Nw 2.5
Ug (CpP) 0.018 | n, 1.5
Swr 0.28 Ng 1.3
Sorw 0.32
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Table 5.15: Chen et al. foam model parameters to history match Farajzadeh et al.

experiment
Parameter Value
ki (day”*ft™%) | 15E+15
k1® (fth) 1.0
k,° (ft™h) 0.03
Pemax (pSi) 4.35
o (cp day Pfti%%) | 2.0E-11
Xt,max 0.78
Cs° (volume frac.) 0.001
n’ (ft?) 1.0E+12
w 3

Table 5.16: UT foam model parameters to history match Farajzadeh ef al. experiment

Parameters Value
Rref 2500
Cs (volume frac.) | 0.001
e 0.01
Ug.ref (Tt/day) 1.0
o 1.0
Sw 0.30
SLOIL 0.32
SMOIL 0.5
EXPOIL 1.8
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Figure 5.1: Capillary-pressure curves used to model CO, and N, foam experiments
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Figure 5.2: UT model fit to experimental data using the parameters in Table 5.4
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Figure 5.3: STARS model fit to experimental data using the parameters in Table 5.5
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Figure 5.5: Chen ef al. model fit to experimental data using the parameters in Table 5.7

1000
O Moradi-Araghi

§ ¢ Alvarez > ©
z 800 r ——Kam et al Model
= R2=0.96
e
2 600 F
>
e
(58]
(@]
= 400 t °
§ o
g 2 X
2_ 200 | R<=0.97

0 : ' ' |

0 0.2 0.4 0.6 0.8 1

Foam quality

Figure 5.6: Kam et al. model fit to experimental data using the parameters in Table 5.8
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Figure 5.7: Kam model fit to experimental data using the parameters in Table 5.9
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Figure 5.8: Lamella-destruction function f'in different population balance models plotted
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Figure 5.19: Explicit dimensionless foam texture defined in implicit texture models to fit
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Figure 5.20: Transient aqueous phase saturation (experimental data from Chen et al.
2010 vs. simulation results using LE Chen et al. model in this work)
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Figure 5.21: Transient pressure drop (experimental data from Chen et al. 2010 vs.
simulation results using LE Chen et a/. model in this work)
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Figure 5.22: Simulation of transient flowing foam texture using LE Chen et al. model in
this work
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Figure 5.23: Transient aqueous phase saturation (experimental data from Chen et al.
2010 vs. simulation results using UT foam model in this work)
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Figure 5.26: Pressure drop (experimental data from Farajzadeh et al. 2010 experiment vs.
simulation results using Chen et al. model in this work)
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Figure 5.27: Cumulative oil production (experimental data from Farajzadeh ef al. 2010
experiment vs. simulation results using UT foam model in this work)
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Figure 5.28: Pressure drop (experimental data from Farajzadeh et al. 2010 experiment vs.
simulation results using UT foam model in this work)
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Figure 5.29: Effect of oil on foam resistance factor in UT foam model simulation
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Chapter 6: Simulation Results

This chapter presents simulation results with four-phase flow oil reservoir
simulator for gas and surfactant EOR processes and foam mobility control in
alkali/surfactant flooding. Initially, the black-oil model was compared against a fully
implicit black-oil commercial reservoir simulator, IMEX-CMG. New formulation was
also compared against original UTCHEM in the absence of gas or gas is assumed to be
slightly compressible without mass transfer with other phases (assumed in original
UTCHEM).

A grid refinement study was also performed to check the dependence of the
results on the gridblock size in both areal and vertical directions. Then, low-tension-gas
(or foam) flooding with Surfactant Alternating Gas (SAG) and co-injection schemes were
modeled. The combined effect of simultaneous injection of polymer and gas and the
impact of Water Alternating Gas (WAG), Polymer Alternating Gas (PAG) and foam on

gas mobility control were studied.

6.1 COMPARISON OF BLACK-OIL MODEL WITH IMEX-CMG

The black-oil formulation in UTCHEM was compared against a fully implicit
black-oil commercial simulator IMEX (version 2011.10) developed by Computer
Modeling Group of Calgary (CMG). A three dimensional model (10x10x2) was set up
with one injector and one producer at two corners located at grid points (1, 1) and (10,
10) and completed in both layers. Figure 6.1 shows the reservoir grid and well locations.
Pertinent data and constraints are given in Table 6.1. Oil and gas PVT properties

(formation volume factor, viscosity, and solution gas) are plotted in Figure 6.2 to Figure
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6.4, with data given in Table 6.2. The water/oil and oil/gas relative permeability curves

are plotted in Figure 6.5 and Figure 6.6, with data given in Table 6.3 and Table 6.4.

INJ

Figure 6.1: Reservoir model for UTCHEM and IMEX-CMG (Cases 1 to 3)

Table 6.1: Reservoir model and fluid properties (Cases 1 to 3)

Parameters Values
Number of grid blocks 10x10%2
Grid block size (ftxftxft) 10x10x5
Reservoir temperature (°F) 150
Initial pressure (top layer) (psi) 2000
Permeability (md) 200
Porosity 0.3
Rock compressibility (1/psi) 1x10°°
Wellbore radius (ft) 0.25
Well skin for both injector/producer 0
Capillary pressure (psi) 0
Water density at standard conditions (Ibm/ft*) 63.02
Oil density at standard conditions (Ibm/ft*) 45
Gas density at standard conditions (Ibm/ft’) 0.0702
Water viscosity at reference pressure (14.7 psi) (cp) 0.96
Water Formation volume factor at 14.7 psi (rb/scf) 1.0
Water compressibility (1/psi) 3x10°
Pressure dependency of water viscosity (cp/psi) 1.5x10°°
Undersaturated oil compressibility (1/psi) 2.18x107
Pressure dependence of oil viscosity above bubble point (cp/psi) 2.55x107
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Figure 6.2: Oil and gas formation volume factor in UTCHEM and IMEX-CMG (Cases 1
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Figure 6.3: Oil and gas viscosity in UTCHEM and IMEX-CMG (Cases 1 to 3)
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Figure 6.4: Solution gas/oil ratio in UTCHEM and IMEX-CMG (Cases 1 to 3)

Table 6.2: Saturated oil and gas PVT properties (Cases 1 to 3 and 6)

Pressure Rso B, Eq=1/By | Oil viscosity | Gas viscosity
(psi) (scfistb) | (rb/stb) | (scf/rb) (cp) (cp)
400 125 1.012 169.49 1.17 0.0130
800 335 1.026 338.98 1.14 0.0135
1200 500 1.038 510.20 1.11 0.0140
1600 665 1.051 680.27 1.08 0.0145
2000 828 1.063 847.46 1.06 0.0150
2400 985 1.075 1020.40 1.03 0.0155
2800 1130 1.087 1190.50 1.00 0.0160
3200 1270 1.099 1351.40 0.98 0.0165
3600 1390 1.110 1538.50 0.95 0.0170
4000 1500 1.120 1694.90 0.94 0.0175
4400 1600 1.130 1851.90 0.92 0.0180
4800 1676 1.140 2040.80 0.91 0.0185
5200 1750 1.148 2222.20 0.90 0.0190
5600 1810 1.155 2381.00 0.89 0.0195
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6.5: Oil/water relative permeability in UTCHEM and IMEX-CMG (Cases 1 to 3)
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Figure 6.6: Oil/gas relative permeability in UTCHEM and IMEX-CMG (Cases 1 to 3)
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Table 6.3: Water and oil relative permeability (Cases 1 to 3)

Sw Krw Krow
0.22 0 1
0.3 0.07 0.4
04 0.15 0.125
0.5 0.24 | 0.0649
0.6 0.33 | 0.0048
0.8 0.65 0
0.9 0.83 0

1 1 0

Table 6.4: Oil and gas relative permeability (Cases 1 to 3)

This section compares water flooding and gas flooding results between UTCHEM

and IMEX-CMG.

SL krg krog
0.22 0.984 0
0.3 0.94 0
0.4 0.87 0.0001
0.5 0.72 0.001
0.55 0.6 0.01
0.6 041 0.021
0.7 0.19 0.09
0.75 0.125 0.2
0.8 0.075 0.35
0.88 0.025 0.7
0.95 0.005 0.98
0.98 0 0.997
0.999 0 1
1 0 1

168




6.1.1  Case 1 — Water Injection

The reservoir described above initially contains 30% water, 60% oil, and 10%
initial gas. The water is injected at a constant rate of 100 STB/day and bottomhole
pressure of the production well is 2000 psi. Figure 6.7 through Figure 6.13 compare the
results between UTCHEM and IMEX-CMG.

2000 2100 2200 2300 2400

Pressure (T = 30 days)

Figure 6.7: Case 1- Pressure map (psi) after 30 days (UTCHEM vs. IMEX-CMG)
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Figure 6.8: Case 1- Oil saturation map after 30 days (UTCHEM vs. IMEX-CMQG)
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Figure 6.9: Case 1- Cumulative oil recovery (UTCHEM vs. IMEX-CMQG)
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Figure 6.11: Case 1- Water rate (UTCHEM vs. IMEX-CMG)
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Figure 6.13: Case 1- Average pressure (UTCHEM vs. IMEX-CMQG)
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6.1.2  Case 2 — Gas Injection in Saturated Reservoir

The case description is similar to Case 1, but in this case gas is injected at a

constant rate of 50 Mscf/day. Figure 6.14 through Figure 6.20 compare the simulation

results between UTCHEM and IMEX-CMG.

Figure 6.14: Case 2- Pressure map (psi) after 30 days (UTCHEM vs. IMEX-CMGQG)
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Figure 6.15: Case 2- Oil saturation map after 30 days (UTCHEM vs. IMEX-CMGQG)
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Figure 6.16: Case 2- Oil recovery (UTCHEM vs. IMEX-CMG)
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Figure 6.17: Case 2- Oil rate (UTCHEM vs. IMEX-CMGQG)
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Figure 6.18: Case 2- Water rate (UTCHEM vs. IMEX-CMG)
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Figure 6.20: Case 2- Average pressure (UTCHEM vs. IMEX-CMQG)
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UTCHEM and IMEX-CMG input files for Case 2 are presented in Appendix B.1.

6.1.3  Case 3 — Gas Injection in Undersaturated Reservoir

The case description is similar to case 2, but the reservoir is initially above its
bubble point pressure (B, =1000 psi) and there is no free gas in the reservoir. The initial
water and oil saturations are 30% and 70%, respectively. The gas is injected at a constant
rate of 50 Mscf/day and bottomhole pressure is set to 2000 psi for the production well.

Figure 6.21 through Figure 6.27 compare the gas flooding results between UTCHEM and

IMEX-CMG.

2000 2010 2020 2030

Pressure (T = 30 days)

Figure 6.21: Case 3- Pressure map (psi) after 30 days (UTCHEM vs. IMEX-CMQG)
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Oil Saturation (T = 30 days)

Figure 6.22: Case 3- Oil saturation after 30 days (UTCHEM vs. IMEX-CMGQG)
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Figure 6.23: Case 3- Oil recovery (UTCHEM vs. IMEX-CMG) - two curves coincide
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Figure 6.26: Case 3- Gas rate (UTCHEM vs. IMEX-CMG) - two curves coincide
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Figure 6.27: Case 3- Average pressure (UTCHEM vs. IMEX-CMQG)
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In all three cases presented here, UTCHEM results agree with those from IMEX-
CMG.

6.2 VERIFICATION OF NEW UTCHEM FORMULATION AGAINST ORIGINAL
UTCHEM

In previous versions of UTCHEM (labelled original here), the gas was modeled as
a slightly compressible phase with no mass transfer with other phases (water, oil, or
microemulsion phases). New formulation was also compared against original UTCHEM
in the absence of gas or when gas was assumed to be slightly compressible with no
communication with other phases.

The new formulation was compared with the original UTCHEM using a one-
dimensional vertical model in Cases 4 and 5. The simulation case description is given in
Table 6.5. Corey-type relative permeability data are listed in Table 6.6. Figure 6.28
depicts the oil/water solubilization ratio for surfactant formulation in this case. The
surfactant adsorption is 0.22 (mg/g rock) and the maximum microemulsion viscosity is
9.2 cp. Surfactant phase behavior, surfactant adsorption and microemulsion viscosity

parameters in UTCHEM are given in Table 6.7.
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Table 6.5: Model description (Cases 4 and 5)

Parameters

Values

Number of grid blocks

Grid block size (ftxftxft)
Initial pressure (top grid) (psi)
Horizontal Permeability (md)
Porosity

Rock compressibility (1/psi)
Capillary pressure (psi)
Water viscosity (cp)

Oil viscosity (cp)

Gas viscosity (cp)

Initial water saturation

Initial oil saturation

Initial gas saturation

Initial salinity (meq/ml)

1x1x80
0.11x0.11x0.0093
14.7
72
0.219
1x10°®
0
0.678
7.0
0.02
0.59
0.31
0.0
0.33

Table 6.6: Relative permeability parameters (Cases 4 and 5)

Parameter

Value

Parameter

Value

low high
S 5 S,y
low high
Srow ' Srow
low high
Srog ! Srog
low high
Srme ’ Srme
low high
ng ! Srg
o low o high
Koy s Koy
o low o high
kro ! kro

o low o high
krme 1krme

o low o0 high
krg ! krg

0.30, 0.0
0.33,0.0
0.20, 0.0
0.30, 0.0
0.10, 0.1
0.30, 1.0
0.60, 1.0
0.30, 1.0
0.94, 0.94

low high
n, ,n,

low high
n, ., n,

low high
n i

n low high

2.0,1.0
2.0,1.0
2.0,1.0
1.5, 1.5
1865
59074
364.2
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Figure 6.28: Oil/water solubilization ratio for surfactant formulation (Cases 4 and 5)

Table 6.7: Surfactant and microemulsion parameters (Cases 4 and 5)

Surfactant Parameters Values
HBNC70,HBNC71, HBNC72 0.065, 0.060, 0.080
Cse  Coeop» Coyy (Meqg/ ml) 0.282, 0.299, 0.316
Surfactant adsorption parameters (AD31, AD32,B3D) 2.0, 0.25, 1000
Microemulsion viscosity: (ALPHAV], ..., ALPHAV 5) 2.0,2.0,0.0,0.9,0.7

The polymer viscosity curve is given in Figure 6.29. The polymer adsorption is
about 11 (ug/grock). The polymer viscosity and adsorption parameters in UTCHEM are
listed in Table 6.8.
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Figure 6.29: Polymer viscosity curve (Cases 4 and 5)

Table 6.8: Polymer properties (Cases 4 and 5)

Polymer Parameters Values
AP, AP,, AP, 12.54, 41, 715
BETAP, SSLOPE 1.0, -0.2398
GAMMAC, GAMHF, POWN, GAMHF2 4.0,450,1.8,0
Polymer adsorption parameters (AD41, AD42,B4D) 0.97,0.5, 100

6.2.1  Case 4- Surfactant-Polymer Flood

In this case, an SP flood was simulated using both the new and original UTCHEM
versions. The SP slug is injected upward and followed with a polymer drive and then a

water drive. The injection time, rates, and concentrations are given in Table 6.9.
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Table 6.9: Case 4- Injection scenario

0.30 PV

Injection rate : 0.0041 ft*/day

SP slug Surfactant concentration: 1%
Polymer concentration: 0.15 wt%
Injection salinity: 0.30 meq/ml NaCl
1.0 PV

Injection rate : 0.0041 ft'/day
Polymer concentration: 0.15 wt%
Injection salinity: 0.25 meq/ml NaCl
1.2 PV

Water drive Injection rate : 0.0041 ft*/day
Injection salinity: 0.25 meq/ml NaCl

Polymer slug

Figure 6.30 through Figure 6.34 compare the simulation results of Case 4 between
new and original UTCHEM. Results indicate, in absence of gas the new formulation

agrees with original UTCHEM.
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Figure 6.30: Case 4- Oil cut and cumulative oil recovery (New UTCHEM vs. Original
UTCHEM)
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Figure 6.31: Case 4- Average phase saturations inside the core versus injected PV (New
UTCHEM vs. Original UTCHEM)
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Figure 6.32: Case 4- Phase saturations versus dimensionless distance at 0.5 PV (New
UTCHEM vs. Original UTCHEM)
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Figure 6.34: Case 4- Pressure drop across the core (New UTCHEM vs. Original
UTCHEM)
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6.2.2 Case 5- Surfactant Flood Assisted with Foam Drive

Original UTCHEM formulation models the gas phase as a slightly compressible
component with no solubility in water and oil. Therefore, at the same conditions the new
formulation has to agree with the original one (Rso = 0, Rqw = 0, and By = constant). Note,
four-phase relative permeability calculations were improved in original UTCHEM
formulation to be able to simulate surfactant and gas simultaneously.

The same one-dimensional vertical model (with injection from bottom of the
core) in Case 4 was used to simulate the surfactant flood followed by co-injection of
foaming surfactant and gas. Two surfactants were simulated. An ultralow IFT surfactant
(labelled surf # 1 here, for example: long chain 10S surfactants) increases the capillary
number and thus decreases the oil saturation. With less residual oil saturation, foam
generates and remains more stable. A second surfactant (labelled surf # 2 here, for
example: AOS 14-16) serves as a foaming agent to provide mobility control in the
surfactant slug and foam drive.

All the surfactants affect both IFT and foaming to different degrees and are rarely
independent. Anton et al. (2008) discuss mixing rules to estimate microemulsion phase
behavior when more than one surfactant is present. The impact of mixing two surfactants
also needs to be considered on foaming. At current time, due to lack of experimental
measurements, Surf # 1 and Surf # 2 are assumed to be independent, where the first
surfactant is only responsible for low IFT displacement (does not generate foam), and
second surfactant only generates foam (does not reduce IFT).

The injection schedule is given in Table 6.10. Initially a surfactant/polymer slug is
injected in optimum salinity and then is followed with co-injection of gas and foaming
surfactant. The UT foam model is described in Section 2.9.1.1. The UT foam model

parameters for this case are listed in Table 6.11.
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Figure 6.35 through Figure 6.39 compare the simulation results of Case 5 between
new and original UTCHEM. The simulation results of oil recovery, oil saturation,
pressure, and effluent concentration agree with original UTCHEM. However, CPU time

in new formulation increases with about 3 times in this case.

Table 6.10: Case 5- Injection scenario

0.30 PV

Injection rate : 0.0041 ft*/day

SP slug Surfactant concentration: 1% of Surf# 1
Polymer concentration: 0.15 wt%
Injection salinity: 0.30 meq/ml NaCl
220PV

Surfactant injection rate : 0.0021 ft*/day
Foam drive Gas injection rate : 0.0021 ft*/day

Slug concentration : 0.2% of Surf # 2
Injection salinity: 0.25 meq/ml NaCl

Table 6.11: UT foam model parameters (Case 5)

Parameter Value
R, 50
S,, 0.32
S, 0.25
C. (volume fraction) 0.0001
& 0.01
o 1.0
U, « (ft/day) 1.0
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Figure 6.35: Case 5- Oil cut and cumulative oil recovery (New UTCHEM vs. Original

UTCHEM)
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Figure 6.36: Case 5- Average phase saturations inside the core versus injected PV (New
UTCHEM vs. Original UTCHEM)
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Figure 6.37: Case 5- Phase saturations versus dimensionless distance at 0.5 PV (New
UTCHEM vs. Original UTCHEM)

0.0090

0.0070 ——New UTCHEM

0.0060
0.0050
0.0040
0.0030
0.0020
0.0010
0.0000

Effluent total surfactant conc. (vol. frac.)

0 0.5 1 1.5 2 2.5
Time (PV)

Figure 6.38: Case 5- Effluent total surfactant concentration (New UTCHEM vs. Original
UTCHEM)
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Figure 6.39: Case 5- Pressure drop across the core (New UTCHEM vs. Original
UTCHEM)

6.3 GRID REFINEMENT STUDY

Next the effect of gridblock size and convergence was studied to determine the

numerical accuracy of the results.

6.3.1  Case 6- Foam Injection as a Drive in the Surfactant-Polymer Process

The convergence of the new formulation was tested with a surfactant/polymer
process in which the SP slug is followed by a co-injection of foaming surfactant and gas
to generate foam and provide the essential mobility control for the SP slug instead of
conventional polymer drive. The reservoir initially contains 10% initial gas. The injection
pattern is five-spot with an injector at the center and four producers at the corners.
Initially, a slug of ultra-low IFT surfactant/polymer is injected to reduce the residual

saturation. Next, the low-tension slug is followed by co-injection of Surf # 2 and gas to
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generate foam and provide the essential mobility control behind the slug. Reservoir
model is given in Table 6.12. The oil and gas PVT data are the same as data in Table 6.2.
Four-phase Corey-type relative permeability data are listed in Table 6.13. Figure 6.40
shows the oil/water solubilization ratio for surfactant formulation in this case. The
surfactant adsorption is 0.18 (mg/g rock) and the maximum microemulsion viscosity is
2.2 cp. Surfactant phase behavior, surfactant adsorption and microemulsion viscosity

parameters in UTCHEM are given in Table 6.14.

Table 6.12: Model description (Case 6)

Parameters Values
Size (ftxftxft) 200%200x40
Initial pressure in top layer (psi) 2500
Initial water saturation 0.5
Initial oil saturation 0.4
Initial gas saturation 0.1
Initial salinity (meq/ml NaCl) 0.4
Permeability (md) 250
Ratio of vertical permeability to horizontal permeability k./k, 0.1
Porosity 0.3
Rock compressibility (1/psi) 1x10°
Wellbore radius (ft) 0.25
Skin 0
Capillary pressure (psi) 0
Water density at standard conditions (Ibm/ft%) 63.02
Oil density at standard conditions (Ibm/ ft’) 45
Gas density at standard conditions (Ibm/ft%) 0.0702
Water viscosity at reference pressure (14.7 psi) (cp) 0.96
Water Formation volume factor at 14.7 psi (rb/scf) 1.0
Water compressibility (1/psi) 3x10°
Pressure dependency of water viscosity (cp/psi) 1.5x10°
Undersaturated oil compressibility (1/psi) 2.18x107
Pressure dependence of oil viscosity above bubble point (cp/psi) 2.55x107
Producer bottom hole pressure (psi) 2500
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Table 6.13: Relative permeability data (Case 6)

Parameter Value Parameter Value
SrWIOW1 Srwhigh 025, 0.0 r,|WI0w1 nWhigh 35’ 1.0
Sow s Srow " 0.35,0.0 n,™, n,"o" 2.5, 1.0
Sroglow’ Smghigh 020’ 0.0 r]melow, r.]mehigh 35’ 1.0
Srmelow’ Srmehigh 025, 0.0 r]glow’ nghigh 15’ 15
Sig s S 0.1,0.1 T, 1600
k>, ke Mo 0.2,1.0 T, 59000
kolow, koo 0.9, 1.0 Ty 364
k:)melow' kIf)mehigh 02, 1.0 T44 0
ke '™, ko™ 0.94, 0.94
25
‘w20
L
e
o
'g 15
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Figure 6.40: Oil/water solubilization ratio for surfactant formulation (Cases 6)
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Table 6.14: Surfactant adsorption, microemulsion phase behavior and viscosity
parameters (Case 6)

Surfactant Parameters Values
HBNC70,HBNC71, HBNC72 0.028, 0.026, 0.028
Ceer» Coeopr Coyy (Meq/ ml) 0.177,0.260, 0.344
Surfactant adsorption parameters (AD31, AD32,B3D) 1.0, 0.5, 1000
Microemulsion viscosity: (ALPHAV],..., ALPHAV 5) 2,2,0,0.9,0.7

The polymer viscosity used in this simulation is shown in Figure 6.41. The
polymer adsorption is about 13 (pg/g rock). The polymer viscosity and adsorption

parameters in UTCHEM are listed in Table 6.15.
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Figure 6.41: Polymer viscosity curve (Cases 6)
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Table 6.15: Polymer properties (Cases 6)

Polymer Parameters Values
AP, AP,, AP, 81, 220, 2500
BETAP, SSLOPE 1.0,-0.17
GAMMAC, GAMHF, POWN, GAMHF2 4.0,100,1.8,0
Polymer adsorption parameters (AD41, AD42, B4D) 0.7, 0.5, 100

Similar to Case 5, two surfactants were simulated (Surf # 1: low IFT surfactant,
Surf # 2: foaming surfactant). Injection schedule, fluid rates, and injection species
concentrations are presented in Table 6.16. UT foam model was used for these foam

simulations. The UT foam model parameters are listed in Table 6.17.

Table 6.16: Case 6 — Injection schedule

Time: 150 days ~ 0.25 PV

Surfactant solution injection rate: 800 ft*/day

Injection salinity: 0.3 meq/ml NaCl

Slug concentration: 1% of surf # 1 and 500 ppm polymer (~ 6 cp)
Time: 1050 days

Surfactant solution injection rate: 400 ft*/day

Foam drive Gas injection rate: 120 Mscf/day

Injection salinity: 0.15 meq/ml NaCl

Slug concentration: 0.2% of surf # 2

SP slug
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Table 6.17: UT foam model parameters (Case 6)

We performed a series of simulations with different gridblock sizes as listed in
Table 6.18. The reservoir was refined in both horizontal and vertical directions to check
the dependency of oil recovery on the size of the gridblocks in each direction. Figure 6.42
shows the reservoir model with different gridblock sizes. In runs 1 through 5, the
reservoir model was refined in areal (x-y) direction with constant number of layers in z-

direction (N; = 4). In runs 6 through 9, the model was refined in z-direction with constant

Parameter Value
R 250
S,, 0.28
S, 0.25
C. (volume fraction) 0.0001
& 0.01
o 1.0
U, « (ft/day) 1.0

number of gridblocks in areal direction (N, = 15, N, = 15)

Table 6.18: Case 6- Number of gridblocks in different runs

Run#1 | Number of grids | Gridblock size (ftxftxft)

1 11x11x4 18.18x18.18%10

2 15%15%4 13.33x13.33x10

3 21x21x4 9.52x9.52x10

4 41x41x4 4.88x4.88x10

5 101x101x4 1.98x1.98

6 15x15x%2 13.33x13.33x20

7 15%15%6 13.33x13.33%6.67

8 15x15%10 13.33x13.33%4

9 15x15%20 13.33x13.33%2
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Figure 6.42: Case 6- Reservoir model and gridblock sizes for different simulations runs.

Figure 6.43 compares the cumulative oil recovery for all the runs. Figure 6.44
plots the final oil recovery against the dimensionless gridblock size in areal direction.
Results show with using smaller gridblock sizes in areal direction the cumulative oil
recovery increases and finally approaches to a constant value (R = 0.67). Cumulative oil
recovery curves in Figure 6.43 coincide for Runs 4 and 5 with different gridblock size in

x-y direction.
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Figure 6.45 plots the final oil recovery against the dimensionless gridblock size in
vertical direction. Results show the oil recovery in this homogeneous case is independent
of gridblock size in z-direction. Cumulative oil recovery curves in Figure 6.43 coincide in
Runs 2, 6, 7, 8, and 9 with different gridblock size in z-direction. However, in a
heterogeneous reservoir, the oil recovery depends on the gridblock size in vertical

direction (Lim 1993)
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Figure 6.45: Case 6 — Final oil recovery versus dimensionless gridblock size in vertical
direction
Figure 6.46 and Figure 6.47 show oil concentration and gas saturation at the end
of the process (1200 days) for the full field and a quarter of the field. A very fine model
(51x51x16) was used to capture fingers. The results show, foam improves the vertical
sweep efficiency and provide a good mobility control behind the SP slug. The input file

for this case is presented in Appendix B.2.
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Figure 6.46: Case 6— Oil concentration after 1200 days a) full field and b) a quarter of the
filed
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Figure 6.47: Case 6— Gas saturation after 1200 days a) full field and b) a quarter of the
field
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6.4 SIMULATION OF LOW-TENSION-GAS FLOODING

The main purpose for development of four-phase flow simulator is to model
chemical flood processes involving gas (i.e. low-tension-gas or/and foam) and to account
for the most important recovery mechanisms. A 2-D x-z model was set up to simulate
low-tension-gas flooding with both the surfactant alternating gas (SAG) process and co-
injection of gas and slug/drive surfactant solution. The reservoir permeability was
generated using MDM software with average horizontal permeability of 127 md. Figure
6.48 shows the reservoir model, well locations, and permeability distribution. Wells are
completed in all the vertical layers. The reservoir is initially undersaturated at residual oil
saturation. Table 6.19 lists reservoir model and fluid properties in this case. Nitrogen
serves as the gas with PVT properties listed in Table 6.20. Nitrogen solubility is assumed
to be negligible in both water and oil (R, and Ry, ~ 0). The four-phase Corey-type

relative permeability parameters are in Table 6.21.

! ; cabiiyse ; | Producer
10 32 100 316 1000

Figure 6.48: Reservoir model and permeability distribution (Cases 7 to 9)
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Table 6.19: Reservoir and fluid properties for four-phase simulations (Cases 7 to 9)

Parameters Values
Number of gridblocks 150x1%25
Gridblock size (ftxftxft) 2x10%2
Initial pressure (top layer) (psi) 2000
Initial water saturation 0.65
Initial oil saturation 0.35
Initial salinity (meq/ml NaCl) 0.26
Average horizontal permeability (md) 127
Ratio of vertical permeability to horizontal permeability k./k, 0.1
Dykstra-Parsons coefficient 0.70
Correlation length in x direction (ft) 300
Correlation length in z direction (ft) 5
Porosity 0.3
Rock compressibility (1/psi) 1x10°
Wellbore radius (ft) 0.25
Skin 0
Capillary pressure (psi) 0
Water density at standard conditions (Ibm/ft’) 63.02
Oil density at standard conditions (Ibm/ft’) 57
Gas density at standard conditions (Ibm/ft’) 0.0702
Water viscosity (cp) 1.0
Water formation volume factor (rb/scf) 1.0
Water compressibility (1/psi) 3x10°
Oil viscosity (cp) 1.17
Oil formation volume factor (rb/scf) 1.05
0il compressibility (1/psi) 2.18x107
Ry, and Ry, (scf/stb) ~0
Producer bottom hole pressure (psi) 2000
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Table 6.20: Gas phase properties (Cases 7 to 9)

Pressure E, Gas viscosity
(psi) (scf/rb) (cp)
400 169.49 0.0130
800 338.98 0.0135
1200 510.20 0.0140
1600 680.27 0.0145
2000 847.46 0.0150

2400 1020.40 0.0155
2800 1190.50 0.0160
3200 1351.40 0.0165
3600 1538.50 0.0170
4000 1694.90 0.0175
4400 1851.90 0.0180
4800 2040.80 0.0185
5200 2222.20 0.0190
5600 2381.00 0.0195

Table 6.21: Relative permeability for four-phase simulations (Cases 7 to 9)

Parameter Value Parameter Value
S 1S, 0.25/0.0 n,* /nM"" 3.5/1.0
Son " /S 0.35/0.0 '™ /n"o" 2.5/1.0
Srog "/ Spog"" 0.20/0.0 n,™/n "o 3.5/1.0
Sye ™ 18, 0.25/0.0 n,*" /n,"" 15/15
Sy 15" 0.1/0.1 Toe, (T, INUTCHEM) 1600
ke o /e "o 0.2/1.0 Toe, (T, iNUTCHEM) 59000
ke 'O e on 09/1.0 Toc,, (T, INUTCHEM) 364
ke ' ke Mo 02/1.0 Toc, (T, iNUTCHEM) 0
koo 72" 0.94/0.94

The model used one surfactant to reduce IFT (surf # 1) and a second surfactant for
foam generation (surf # 2) with no impact on microemulsion phase behavior. Figure 6.49
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shows the oil/water solubilization ratio for surfactant formulation in this case. The
surfactant adsorption is about 0.18 (mg/g rock) and the maximum microemulsion
viscosity is 2.5 cp. Surfactant phase behavior, surfactant adsorption and microemulsion

viscosity parameters in UTCHEM are given in Table 6.22.
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Figure 6.49: Oil/water solubilization ratio for surfactant formulation (Cases 7 to 9)

Table 6.22: Surfactant adsorption, microemulsion phase behavior and viscosity
parameters (Cases 7 to 9)

Surfactant Parameters Values
HBNC70,HBNC71, HBNC72 0.025, 0.015, 0.025
Ceet »Corop» Coyy (Meg/ ml) 0.28, 0.365, 0.45
Surfactant adsorption parameters (AD31, AD32,B3D) 1.0, 0.5, 1000
Microemulsion viscosity: (ALPHAVY,..., ALPHAV5) 2,2,0,0.9,0.7
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A series of simulations were done to study the impact of foam mobility control on
oil recovery during surfactant flooding. The UT foam model was used in the simulations
with the maximum gas reduction factor of 100. UT foam model parameters are listed in

Table 6.23.

Table 6.23: UT foam model parameters (Cases 8 and 9)

Foam Parameters Value
R, 100
S,, 0.28
S, 0.25
C. (volume fraction) 0.001
& 0.01
o 1.0
U, « (ft/day) 1.0

6.4.1  Case 7 — Base Case (Surfactant Flooding without Mobility Control)

In this case, 1% of low-tension surfactant slug (surf # 1) is injected for 0.2 PV (35
days) and then followed by a water drive. Injection schedule, fluid rates and
concentrations are presented in Table 6.24. Daily oil production rate and cumulative oil
recovery are plotted in Figure 6.50. In the absence of mobility control agents, a large
portion of the reservoir is not swept by the surfactant and only 43% of the initial oil is

recovered with an average remaining oil saturation of 0.20.
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Table 6.24: Case 7 — Injection Schedule

Time: 35 days ~ 0.2 PV

Injection rate : 250 ft*/day

Injection salinity: 0.65 meq/ml NaCl
Surfactant concentration: 1% surf# 1
Time: 325 days ~ 1.85 PV

Water drive Injection rate: 250 ft’/day

Injection salinity: 0.22 meq/ml NaCl

Surfactant slug

2000 - 20
)
8
<= 1500 - 15
- cumulative oil recovery >
> k=]
o ~
8 | =
= 1000 *F oil rate 108
o [<5]
g =
E —_
o (@]
g 500 | -5
>
O

0 100 200 300 400

Time (days)

Figure 6.50: Case 7 - Cumulative oil recovery and oil rate

In next two cases, foam serves as a mobility control agent for low-tension

surfactant flooding.
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6.4.2  Case 8 — Surfactant Alternating Gas (SAG) with Foam

The process is performed in two cycles. In the first cycle, a blend of 5:1 of low-
tension surfactant and foaming surfactant (1% surf # 1 and 0.2% surf # 2) is injected and
followed by a slug of nitrogen. In the second cycle, the surfactant slug only contains
surfactant # 2 and followed by nitrogen to generate foam and provide the essential
mobility control for the low-tension surfactant flooding in the first cycle. Injection
schedule, fluid rates and concentrations are presented in Table 6.25. Daily oil production
rate and cumulative oil recovery are plotted in Figure 6.51. In this case, 58% of initial oil

is recovered with an average remaining oil saturation of 0.147.

Table 6.25: Case 8 — Injection Schedule

Time: 35 days ~ 0.2 PV

Injection rate: 250 ft*/day

Surfactant slug #1 | Injection salinity: 0.65 meq/ml NaCl

Surfactant concentration: blend of 1% of surf # 1 and
0.2% of surf # 2

Time: 35 days

Gas slug Injection rate : 50 Msct/day
Time: 145 days ~ 0.%2 PV
Injection rate: 250 ft”/da
Surfactant slug # 2 In}ection salinity: 0.22 n?eq/ml NaCl
Surfactant concentration: 0.2% of surf # 2
. Time: 145 days
Gas drive

Injection rate: 50 Mscf/day
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Figure 6.51: Case 8 - Cumulative oil recovery and oil rate

6.43  Case 9 — Co-injection of Surfactant and Gas

In this case the blend of 5:1 of surfactants (1% surf # 1 and 0.2% surf # 2) is co-
injected with nitrogen (f; = 57% at 2000 psi). Next, low-tension gas slug is followed by
drive injection of 0.2% surf # 2 co-injected with nitrogen at the same rate and gas quality.
For a fair comparison with SAG process, the same amount of fluids and surfactants are
injected in both cases. Injection schedule, fluid rates and concentrations are presented in
Table 6.26. Daily oil production rate and cumulative oil recovery are plotted in Figure
6.52. In this case, 71% of the initial oil is recovered with an average remaining oil

saturation of 0.10.
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Table 6.26: Case 9 — Injection Schedule

Time: 70 days

Surfactant solution injection rate: 125 ft*/day
Surfactant/gas Gas injection rate: 25 Mscf/day

slug Injection salinity: 0.65 meq/ml NaCl
Surfactant concentration: blend of 1% of surf # 1 and
0.2% of surf # 2

Time: 290 days

Surfactant solution injection rate: 125 ft*/day
Foam drive Gas injection rate: 25 Mscf/day

Injection salinity: 0.22 meq/ml NaCl
Surfactant concentration: 0.2% of surf # 2

2000 - 20
cumulative oil recovery
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& 1500 F - 15
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3 =
= 1000 + 102
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2 —
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>
O
0 0
0 100 200 300 400

Time (days)

Figure 6.52: Case 9 - Cumulative oil recovery and oil rate

6.4.4 Results and Discussions

Figure 6.53 compares the recovery factor for all the cases. With using foam in

Case 8 and Case 9, the oil recovery increases by 15% and 28% respectively compared to
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Case 7 due to better mobility control. Figure 6.54 shows the remaining oil saturation at
the end of each process (360 days). In the absence of mobility control agents (polymer or
foam) in Case 7, the injected surfactant was produced quickly through the high
permeability layers and a large portion of the reservoir is not swept by surfactant. Using
foam in Cases 8 and 9 blocks the high permeability layers and diverts the flow to low
permeability zones. Figure 6.55 plots effluent salinity at the producer for all three cases.
The surfactant slug was designed to pass the optimum salinity to achieve ultra-low IFT
for the best performance. Comparison of the oil recovery in Cases 8 and 9 indicates the
co-injection scheme has a higher recovery factor compared to SAG process. However,
the co-injection of surfactant solution and gas may cause some operational difficulty due
to injectivity loss. Figure 6.56 plots injection pressure for all three cases. Co-injection

scheme has a higher bottomhole pressure compared to SAG process.

—— Case 7- Base case
08 - Case 8- SAG

=== Case 9- Co-injection (surfactant/gas) _ _ce=====

-

Qil recovery (fraction)
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Time (days)

Figure 6.53: Comparison of recovery factor between Cases 7 to 9
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Figure 6.54: Remaining oil saturation (after 360 days) a) Case 7- Base case b) Case 8-
SAG c) Case 9— Co-injection (surfactant/gas)
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Figure 6.55: Salinity limits and effluent salinity for Cases 7 to 9
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Figure 6.56: Injector bottomhole pressure for Cases 7 to 9
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6.5 MOBILITY CONTROL FOR GAS FLOODING

The application of gas injection for enhanced oil recovery has been shown to be a
technically successful process. Many parameters control the performance of gas flooding
in field scale. The oil recovery is particularly sensitive to reservoir heterogeneity, vertical
to horizontal permeability, well trajectory (horizontal or vertical well), well location, the
choice of relative permeability, and etc. (Lim 1993). However, oil recoveries are often
compromised by poor sweep efficiencies because of low gas viscosities and densities.

The Water Alternating Gas (WAG) process was known to provide better sweep
efficiency and reduce gas channeling from injector to producer. However, gravity
segregation of the water and gas often reduces the effectiveness of WAG. Two
approaches have been studied to minimize this problem. Polymer can be added to the
water to increase its viscosity and surfactant can be added to the water to generate a
foam.

In this section, the impact of WAG, Polymer Alternating Gas (PAG), and foam on
gas mobility was simulated in a heterogeneous reservoir. The average reservoir
permeability is 82 md and permeability map was generated using MDM software with
parameters provided in Table 6.27. Figure 6.57 shows the reservoir model and
permeability distribution. Injection and production wells are horizontal and are located at
the bottom of the reservoir to minimize the gas segregation and give the best performance
for the gas flooding (Lim, 1993). However, the benefits of using horizontal wells are very
sensitive to both the reservoir description and the layer in which the horizontal wells are
located. The impact of hysteresis on gas relative permeability was not modeled in the
simulations. The more accurate simulations need to include hysteresis to model the effect

of cycle dependency during alternative injection of gas and chemical (i.e. SAG, PAG,
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and etc). Beygi et al. (2015) proposed a three-phase hysteresis model to add the cycle-

le processes.
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Table 6.27: Reservoir and fluid properties (Cases 10 to 13)

Parameters Values
Number of gridblocks 30x30%10
Gridblock size (ftxftxft) 5x5x4
Initial pressure (top layer) (psi) 3100
Initial water saturation 0.25
Initial oil saturation 0.75
Initial salinity (meq/ml NaCl) 0.20
Average areal permeability (md) 82
Ratio of vertical permeability to horizontal permeability k./k; 0.2
Dykstra-Parsons coefficient 0.75
Correlation length in x and y direction (ft) 150
Correlation length in z direction (ft) 5
Porosity 0.27
Rock compressibility (1/psi) 1x10°
Wellbore radius (ft) 0.25
Skin 0
Capillary pressure (psi) 0
Water density at standard conditions (Ibm/ft’) 62.24
0Oil density at standard conditions (Ibm/ft’) 46.24
Gas density at standard conditions (Ibm/ft’) 0.0647
Water viscosity (cp) 0.47
Water compressibility (1/psi) 2.98x10°°
Compressibility of undersaturated oil (1/psi) 1.37x107
Pressure dependence of oil viscosity above bubble point pressure (cp/psi) 4.6x107
Gas/oil mobility ratio ~13

Methane is the injection gas. Oil/gas PVT properties (formation volume factor,

viscosity, and solution gas/oil ratio) are plotted in Figure 6.58 to Figure 6.60, with data

listed in Table 6.28.
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Figure 6.58: Oil and gas formation volume factor (Cases 10 to 13)
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Figure 6.59: Oil and gas viscosity (Cases 10 to 13)
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Figure 6.60: Solution gas/oil ratio (Cases 10 to 13)
Table 6.28: Oil-Gas PVT properties (Cases 10 to 13)
P Rso Bo Eq=1/By Oil viscosity gas viscosity
(psi) (scf/stb) (rb/stb) (scfirb) (cp) (cp)
264.7 90.5 1.01 82.7 3.2967626 0.0096
514.7 180 1.018 159 3.0769784 0.0112
1014.7 371 1.033 313 2.8064748 0.014
2014.7 636 1.059 620 2.35 0.0189

2514 775 1.073 773 2.1674101 0.0208
3014.7 930 1.087 926 2.0084892 0.0228
4014.7 1270 1.116 1233 1.7244604 0.0268
5014.7 1618 1.137 1541 1.5182014 0.0309

The relative permeability data was picked from the work by Lim (1993) and are

listed in 6.28.
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Table 6.29: Corey-relative permeability parameters (Lim 1993) (Cases 10 to 13)

Parameter Value Parameters Value
Siw 0.25 ke, 0.71
Sow 0.27 ke, 1.0
Srog 0.18 n, 1.5
St 0.05 n, 2.5
k>, 0.21 n, 2.5

6.5.1  Case 10 — Gas Injection

This case serves as a base case. Methane is injected to the reservoir for 700 days
with the injection rate of 200 Mscf/day. Producer operates at constant bottomhole
pressure 3100 psi. Injected gas tends to segregate to upper layers due to low gas density
and override in thin stringers by viscous fingering of gas caused by high flow velocities
and adverse mobility ratio. Therefore, a large portion of the reservoir is not swept by gas.
Figure 6.61 shows daily oil production rate and cumulative oil recovery for case 11. In

this case, 40.3% of original oil was produced with the remaining oil saturation of 0.44.
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Figure 6.61: Case 10 - Cumulative oil recovery and oil rate

Figure 6.62 shows the oil saturation at the end of gas flooding (700 days). The

180
160
140
120
100
80
60
40
20

Oil rate (STB/day)

saturation map shows most of the oil production is close to injector and top layers.
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Figure 6.62: Case 10 - Remaining oil saturation at the end of the gas flood (700 days) a)
full field and b) across-section between injector and producer
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6.5.2  Case 11 — Water Alternating Gas

The main design parameters for WAG injection techniques are fluid properties,
rock-fluid interaction, availability and composition of injection gas, heterogeneous
permeability, injection pattern, cycling time, WAG ratio, injection/production pressure
and rate, three-phase relative permeability effects and flow dispersion and finally time to
initiate the WAG (Christensen et al., 2001; Heeremans et al., 2006; Zahoor, 2011;
Nangacovie, 2012; Pudugramam, 2014).

WAG ratio plays an important role to obtain the optimum value of the recovery
factor. The optimal WAG ratio depends on permeability distribution, as well as other
factors such as fluid densities, viscosities, and reservoir flow rates that determine the
impact of gravity segregation. High WAG ratios may not provide sufficient gas-oil
contact for oil production. Low WAG ratios may not be efficient to reduce gas mobility.
Therefore, find the optimal WAG ratio is necessary to perform sensitivity analysis.

In terms of reservoir simulation, the rock fluid properties like adhesion, spreading
and wettability are reflected as relative permeability. Thus relative permeability is very
important when predictions are realized in reservoir simulation (Roger 2000).

Water Alternating Gas (WAG) was simulated with the 1:2 WAG ratio according
to study by Ramachandran et al. (2010). A slug of gas is injected for 70 days and
followed by a slug of water for 30 days (~0.1 PV). This cycle is repeated seven times for
the total 700 days. The gas injection rate is 200 Mscf/day and water injection rate is 1500
ft'/day. The oil recovery by WAG was 48.4% of the initial oil with the remaining oil
saturation of 0.39. Figure 6.63 shows daily oil production rate and cumulative oil

recovery for Case 11.
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Figure 6.63: Case 11 - Cumulative oil recovery and oil rate

Figure 6.64 shows the oil saturation after seven cycles of WAG. Alternate
injection of water and gas decreases the gas mobility and improves the vertical gas sweep

efficiency. However, very low permeability layers are still unwept by gas.
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Figure 6.64: Case 11 - Remaining oil saturation after seven cycle of WAG a) full field
and b) across-section between injector and producer
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6.5.3  Case 12 — Polymer Alternating Gas (PAG)

If water-oil mobility ratio is large, the water slug may not be very efficient during
WAG process due to adverse mobility ratio. Therefore, polymer needs to be added to
water to decrease water mobility and subsequently improve the water sweep efficiency.

For the stable polymer flood, the total mobility of polymer solution needs to be

less than the total mobility of oil bank.

Ay, <

oil bank

polymer slug (6_ l )

where total mobility is defined as

_ku(S) | ko(S,)

A H Ho (6-2)

The polymer solution viscosity needed for a stable displacement is 5.1 cp. This
case is the same as Case 11 (WAG process), but 500 ppm of polymer is added to the
water. The polymer properties are the same as data given in Figure 6.41. The oil recovery
in this case increased to 56.4% of the initial oil with the remaining oil saturation of 0.33.

Figure 6.65 shows daily oil production rate and cumulative oil recovery for Case 12.
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Figure 6.65: Case 12 - Cumulative oil recovery and oil rate

Figure 6.66 shows the oil saturation after seven cycles of PAG. Alternative
injection of polymer with gas improves the gas sweep in low permeability zones. The
high viscous polymer solution blocks high permeability layers and diverts the gas flow to

lower permeability zones in the middle of the reservoir.
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Figure 6.66: Case 12 - Remaining oil saturation after seven cycle of PAG a) full field and
b) across-section between injector and producer
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6.5.4  Case 13 — Surfactant Alternating GAS (SAG)

Foam directly addresses the problem of high gas mobility in porous media. Foam
has the potential to improve gas volumetric sweep efficiency during gas injection
processes. In this case, the gas is alternatively injected with surfactant solution to
generate foam in-situ and reduce gas mobility. Injected surfactant is assumed to serve as
a foaming agent in these simulations without a noticeable interfacial tension reduction
between water and oil. The injection cycles and rates are the same as Case 11, but water
slugs are replaced with 0.2% of surfactant solution. The foam properties are given in
Table 6.30. In this case, 58% of the initial oil is recovered with the remaining oil

saturation of 0.315. Figure 6.67 shows daily oil production rate and cumulative oil

recovery for Case 13.

Table 6.30: UT Foam model parameters (Case 13)

Parameter Value
R 300
S, 0.29
S, 0.40
C. (volume fraction) 0.0001
& 0.01
o 1.0
U, (ft/day) 1.0
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Figure 6.67: Case 13 - Cumulative oil recovery and oil rate

Figure 6.68 shows the remaining oil saturation after seven cycles of surfactant
solution and gas. The gas initially displaces the oil in high permeable regions and upper
layers. With less oil, foam forms and remains more stable in regions which have been
already swept by gas. Foam partially plugs the high permeability regions and diverts the

flow into the low permeability layers. Therefore, foam front moves through the low

permeability regions faster than in the high permeability regions.
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Figure 6.68: Case 13 - Remaining oil saturation after gas injection with foam a) full field
and b) across-section between injector and producer
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6.5.5 Results and Discussions

Figure 6.69 and Figure 6.70 compare the oil recovery factor and oil rates for
Cases 10 through 13. Continuous gas injection (Case 10) is an unstable displacement
since low density and viscosity of gas causes poor vertical sweep efficiency due to
gravity override and poor areal sweep efficiency in high permeability channels with high
conductivity. Therefore, a large amount of oil is bypassed and is not produced. Using
WAG (Case 11) instead of continuous gas injection improves the gas sweep efficiency
and increases the oil recovery by a factor of 8% compared to continuous gas injection.
Adding polymer to injection water (Case 12) decreases the water mobility and makes a
stable front behind the oil bank. In this case, oil recovery increases by 16% compared to
continuous gas injection. Using foam in Case 13 reduces the gas mobility and the oil
recovery increases by 17.7% compared to continuous gas injection. Figure 6.71 plots the
average oil concentration during each process.

Figure 6.72 and Figure 6.73 compares bottomhole injection pressure and average
reservoir pressure for simulation Cases 10 to 13. Polymer alternating gas has a higher
bottomhole pressure compared to other cases due to high polymer solution viscosity.
However, as far as the injection pressure is below the parting pressure, polymer has a
good potential to increase the oil recovery. In Case 13, by reducing the oil saturation,
foam becomes stronger gradually and injection pressure increases with time. Figure 6.74
shows the gas saturation maps after 370 days (after gas slug in 4 cycle in Cases 11 to
13). In Case 12 (PAG), most of the injected gas is dissolved in the oil at high reservoir

pressure.
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Figure 6.69: Oil recovery factor for Cases 10 through 13
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Figure 6.70: Oil rate for Cases 10 through 13
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Figure 6.71: Oil concentration for Cases 10 through 13
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Figure 6.72: Injector bottomhole-pressure for Cases 10 through 13
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Figure 6.73: Average reservoir pressure for Cases 10 through 13
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Figure 6.74: Gas saturation (after 370 days) a) Case 10- Gas injection b) Case 11- WAG
c¢) Case 12— PAG d) Case 13- Foam
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6.6 COREFLOOD SIMULATION OF LOW-TENSION-GAS FLOODING IN TIGHT
FORMATIONS (CASE 14)

Szlendak et al. (2013) studied the low-tension-gas (LTG) as a method for sub-
miscible tertiary recovery in tight rocks. They used surfactant and gas to mobilize and
then displace residual crude after waterflood at ultra-low oil/water interfacial tension. In
this section, we model LTG coreflood experiment, labelled LTG_Tert_#1, from the work
by Szlendak et al. (2013).

In this experiment, the core was Texas Cream limestone with 10.8 md
permeability to brine and average porosity of 21.2%. Core dimensions were 1.5x12 in.
The crude oil had a viscosity of 1.9 cp and a gravity of 45 °API. Crude oil was not
reactive. Phase-behavior tests indicated that mixing of the crude with Na,COj3 did not
result in production of microemulsion and soap.

Two surfactants were used in this experiment. An alcohol propoxy sulfate (with
Ci6-17 branched alcohol hydrophobe and seven propylene oxide groups) and an internal
olefin sulfonate (I0S) (with C;s.15 twin-tailed hydrophobe). 10S showed good foaming
behavior at low concentration. The co-solvent triethylene glycol monobutyl ether
(TEGBE) was added to improve equilibrium time. Figure 6.75 depicts the oil/water
solubilization ratio for selected surfactant formulation (1.25% surfactant at 1:3 alcohol
propoxy sulfate (APS) to internal olefin sulfonate (I0S) with 1.0% TEGBE) as a function
of total dissolved solids (TDS). TDS was the sum of consistence 1.0% Na,CO3; and a
variable NaCl concentration. Optimum salinity was observed at approximately 35000
ppm TDS. The symbols are experimental measurements and lines are model fit in Figure
6.75. The model fit parameters for the oil/water solubilization ratio are given in Table

6.31.
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Figure 6.75: Case 14- Oil and water solubilization ratio for selected surfactant
formulation (symbols are experimental data and lines are model fit)

Table 6.31: Model fit parameters for microemulsion phase behavior in Figure 6.75 (Case

14)
Parameters Value
HBNC70 0.045
HBNC71 0.012
HBNC72 0.015
CSEL (ppm) 26400
CSEU (ppm) 44000
The following procedure describes the LTG

experiment. The core initially

vacuumed and then saturated at low rate to 100% brine. 10 PV brine with high

concentration of Na,COs (1.0%) was displaced through the core to establish a low-

adsorption enviroment for later chemical flood. Next, oil injection was performed at 10
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cm’/hr (~ 6 ft/day) for 2 PV, at which point f;, ~ 0. Oil was then displaced by injecting
brine at 2 ft/day. The remaining oil saturation at the end of brine injection was 29%. After
waterflood, 0.3 PV of chemical slug (1.25% APS:10S=3:1, 1% TEGBE) was co-injected
with nitrogen at 50% gas fraction (total PV = 0.6) at liquid rate of 1 ft/day (total rate = 2

ft/day). The back-up pressure was set to 580 psi as a compromise to minimize gas

expansion and the desire to minimize nitrogen miscibility (R, ~0). Chemical slug was

then followed with drive injection at identical rate and gas quality. Table 6.32 lists the

injection strategy and species concetration in this flood.

Table 6.32: Case 14 — Injection strategy and species concentration (LTG_Tert_#1)

Injected volume: 2 PV

Brine injection | Injection rate : 2 ft/day

Injection salinity: 1.00 wt% Na,COs and 3.46 wt% NaCl
Injected volume: 0.6 total PV

Surfactant injection rate : 1 ft/day

LTG slug Gas injection rate: 1 ft/day

Injection salinity: 1.00% Na,COs and 1.73% NaCl
Surfactant concentration: 1.25% APS:I0S=3:1, 1% TEGBE
Injected volume: 3.4 total PV

Surfactant injection rate : 1 ft/day

Foam drive Gas injection rate: 1 ft/day

Injection salinity: 1.00% Na,CO;3 and 0.0% NaCl
Surfactant concentration: 0.1% 10S

The four-phase flow simulator was used to history match LTG_Tert_#1 coreflood
experiment (after brine injection). Corey-type relative permeability parameters to history
match this experiment are given in Table 6.33. UT foam model represents the foam

behavior in this experiment. The foam model parameters are listed in Table 6.34. The
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maximum value of gas reduction factor by foam (R,.;) was determined to be 150 from the

pressure drop data at steady state.

Table 6.33: Corey relative permeability parameters (Cases 14)

Parameter Value Parameter Value
S, ™, S, 0.44, 0.0 n,*, n"" 3.4,1.0
S Sion" 0.25, 0.0 n,*, n,"o" 2.7,1.0
Siog ™"+ Srog" 0.18, 0.0 n. ', n "o 34,1.0
S,..™", S, 0.44, 0.0 n,*", n,"" 2.4,2.4
SRR 0.05, 0.05 T, 1865
ke, ke, 0.12,1.0 T, 59074
k™", ko 0.35, 1.0 T,, 364.2
Kire s K" 0.12, 1.0 Tu 0

ke ™, k" 0.80, 0.80

Table 6.34: UT foam model parameters (Case 14)

Parameter Value
R 150
S,, 0.46
S, 0.30
C. (volume fraction) 0.001
& 0.01
o 1.0
u,  (ft/day) 1.0
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Figure 6.76 and Figure 6.77 compare the experimental data of oil recovery and
pressure drop with simulation results. The oil cut in this experiment is summation of pure
oil cut and dissolved oil in microemulsion phase. Simulation results predict faster oil
recovery compared to experimental data. Simulator was not able to capture the gradual

oil production behind the oil bank.
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Figure 6.76: Case 14 - Oil cut and cumulative oil recovery (experimental data from the
work by Szlendak et al. 2013 vs. simulation results in this work)
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Figure 6.77: Case 14 - Pressure drop over the entire core (experimental data from the
work by Szlendak et al. 2013 vs. simulation results in this work)
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Chapter 7: Summary, Conclusions, and Recommendations

This chapter provides the key findings and recommendations of this dissertation

research.

7.1 SUMMARY AND CONCLUSIONS

In this research, a four-phase reservoir simulator for water, oil, microemulsion,
and gas phases was developed to simulate and interpret chemical EOR processes
including free and/or solution gas. These EOR processes are either hybrid gas/chemical
injection such as foam, low-tension-gas, and polymer alternating gas or surfactant
(alkali/surfactant) flooding in reservoirs with live crude oils.

For this purpose, the black-oil PVT model consistent with original UTCHEM
framework was implemented to model water/oil/gas phase behavior. In this model, water
and oil phases were assumed to be immiscible with no mass transfer between them,
However gas could dissolve in both water and oil phases. The water/oil/gas PVT
properties including formation volume factor, solution gas ratio, and viscosity were read
from the input PVT tables consistent with the format in commercial reservoir simulators.
The black oil formulation was verified against the commercial black-oil simulator IMEX-
CMG.

Next, the implemented black-oil model was coupled with the
microemulsion/oil/water phase behavior to simulate four-phase flow of water, oil,
microemulsion, and gas in porous media. The mass equation was solved for the total
volumetric concentration of each species at standard conditions (in original UTCHEM
equations are solved at reservoir conditions). New pressure equation was obtained by
summing the mass balance equations over volume occupying components (water, oil,

surfactant, and gas). The pressure equation was solved separately for saturated (P<Py) and
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undersaturated (P>Pp) PVT conditions. The bubble-point was tracked to determine
gridblock PVT conditions at each time.

The microemulsion phase properties such as viscosity, formation volume factor,
solution gas ratio, density, and compressibility were defined based on pure component
properties and its constituent composition. An important and valid assumption was that
the solubilized oil and water components in the microemulsion phase had the same
properties as the excess oil and water phases.

The Corey-type relative permeability model was extended for the four-phase
flow. In this case, the relative permeability for each phase was assumed to be only
function of its respective saturation. The residual saturations, endpoints, and exponents
were functions of trapping number. The Brooks-Corey model was also extended to
calculate the capillary pressure. The capillary pressure was scaled for interfacial tension,
permeability, and porosity according to J-Leverett function. The direction of descending
wettability was assumed to be water, microemulsion, oil, and gas in this model.

The microemulsion phase behavior (Hand’s rule) was modified in the presence of
gas. The original Hand’s rule is based on the three main components of water, oil, and
surfactant. Therefore, the free gas volume was excluded from the phase behavior
calculations and the overall volume concentrations of water, oil, and surfactant were
normalized for the volume of free gas. Effect of solution gas on microemulsion phase
behavior was discussed. Then, the phase saturations were computed from the phase
overall composition, and saturation constraints. At the end, saturations were re-
normalized for the volume of the free gas.

Transport equations were discretized and solved in an IMPEC scheme, which is

implicit in pressure and explicit in concentration.
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To model the foam behavior in porous media, a comprehensive research was
performed on existing foam models to evaluate the capabilities and limitations of each
model. Foam models for enhanced oil recovery are mainly divided to two groups. The
first group is population-balance (PB) models which attempt to represent all the dynamic
processes of lamella creation and destruction as well as the effect of bubble size on gas
mobility. These models can be set to assume local equilibrium (LE) between the
processes of lamella creation and destruction. The second group treats the effect of foam
texture implicitly through a gas mobility reduction factor that depends on saturations,
superficial velocities and other factors. The latter group of models implicitly assumes
local equilibrium (LE) between the processes of foam creation and destruction. In this
research, they are referred to implicit-texture (IT) models. In this research, we studied
models of Kovscek et al. (1994) (modified later by Chen et al. 2010), Kam et al. (2007),
and Kam (2008) from the population-balance group, and UT, STARS, and Vassenden-
Holt (1998) models from IT models.

Dimensionless foam bubble density was defined in IT models to derive explicitly
the foam-coalescence-rate function implicit in these models. Results showed that each of
the IT models examined was equivalent to the LE formulation of a population-balance
model with a lamella-destruction function that increased abruptly in the vicinity of the
limiting capillary pressure, as in current population-balance models. In other words, the
physics of foam collapse near P, was essentially the same in the IT models as in the PB
models.

Since the ultimate test of a model was its ability to represent and explain a variety
of data, foam models were compared based on their ability to represent a set of N, and
CO, steady-state foam experiments. Among all the models, Vassenden-Holt model was

not able to history match the experimental data in low-quality regime until we introduced
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an exponent a for the velocity term. More importantly, while in UT, STARS, Kam et al.
(2007), and Kam (2008) models the value of S,,” was close to the water saturation in the
high-quality regime, Chen et al. (2010) and Vassenden-Holt (1998) models did not
essentially predict a S, (or P.) close to the water saturation (or capillary pressure) in
high quality regime. It was also found that in Chen et al. model, pressure gradient was
independent of gas superficial velocity in the high-quality regime because of the
particular forms assumed for gas apparent viscosity and the lamella-generation and -
coalescence rates, not the divergence of coalescence rate at the limiting capillary
pressure.

UT foam model and Chen et al. foam model at LE were implemented in
UTCHEM to history match the transient foam experiments. UT foam model was also
modified in presence of microemulsion phase. Foam does not form or collapses in
Winsor Type Il with high oil concentration in microemulsion phase.

Typically, a mixture of surfactants is used during the low-tension-gas
experiments. A low interfacial tension surfactant to increase the capillary number by
reducing the IFT to ultra-low values and thereby reducing residual oil saturation, and a
good foaming surfactant to provide the essential mobility control during the flood.
Therefore, a secondary surfactant was implemented in UTCHEM to model EOR
processes with using the mixture of surfactants.

The developed simulator was used to history match published low-tension-gas
flooding and foam experiments. The simulation was also extended to field scale with
different injection scenarios (surfactant alternating gas (SAG), co-injection of gas and
surfactant). Simulation results indicated a well-designed low-tension-gas flooding has the
potential to recover the trapped oil. Foam can serve for mobility control during surfactant

and surfactant-alkaline flooding in the reservoirs with very low permeability.
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The impact of water alternating gas (WAG), polymer alternating gas (PAG), and

foam on gas mobility were studied during the gas injection in a heterogeneous reservoir.

Simulation results showed both foam and alternate injection of polymer with gas reduced

the

gas mobility and consequently increased the oil recovery significantly. However,

foam had a better injectivity compared to PAG process.

7.2

RECOMMENDATIONS FOR FUTURE WORK

The following recommendations are suggested for future study:

Low-tension-gas flooding often uses a mixture of low tension and foaming
surfactants. In this work, due to the lack of experimental data, two surfactants are
assumed to be independent. The primary surfactant was only responsible for low IFT
displacement (does not generate foam), and secondary surfactant only generated foam
(does not reduce the water/oil IFT to ultralow values). In reality, all the surfactants
have both IFT and foaming to different degrees and are rarely independent. We need
more experiments to fully understand the synergy between the two surfactants and the
impact on foaming behavior.

The effect of pressure and solution gas on microemulsion phase behavior can be
modeled once a trend in optimum salinity and solubilization ratio is understood and
correlations are developed.

Corey relative permeability model assumes the same input endpoint and exponent for
the microemulsion phase for different phase environments. Of course, the
microemulsion relative permeability is calculated as a function of trapping number in
each gridblock. Microemulsion relative permeability depends on its composition

where microemulsion behaves similar to the water phase in Winsor Type | and
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similar to oil properties in Winsor Type Il. The effect of microemulsion composition
on relative permeability is recommended for future studies.

The effect of hysteresis on gas relative permeability, including the effects of cycle
dependency during alternative injection of gas and chemical (i.e. SAG, PAG, and
etc.) needs to be considered to make more accurate predictions of these methods.
Currently, there is no verified correlation to model the effect of crude oil and its
composition on foam coalescence. A further research is recommended to investigate

the effect of oil on foam coalescence in porous media.
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Appendix A: Gas/surfactant simulation in UTCHEM-2011-9

A synthetic one-dimensional case was set up to show the limitations of modeling
surfactant and gas in UTCHEM-2011-9. In this case, the oil saturation was initially 45%
and the initial salinity was 0.4 meq/ml (Type II). Then, surfactant solution was co-
injected with gas at total Darcy velocity of 2.8 ft/day and gas volume fraction of 90%.
The injection salinity was 0.27 meq/ml (Type ). The relative permeability and surfactant
properties are the same as data in Table 6.6 and Table 6.7, respectively. The model

parameters are listed in Table A.1.

Table A.1: Model parameters for synthetic one-dimensional case

Parameters Values
Number of gridblocks 100x1x1
Gridblock size (ftxftxft) 0.01x0.1x0.1
Initial oil saturation 0.45
Initial gas saturation 0.0
Initial salinity (meq/lit NaCl) 0.4
Permeability (md) 200
Porosity 0.22
Water viscosity (cp) 0.43
Oil viscosity (cp) 1.35
Total Injection rate (ft/day) 3.0
Injection salinity (meq/ml NaCl) 0.27
Gas volume fraction (%) 80

UTCHEM-2011-9 failed after 0.751 PV of total injection of surfactant and gas
with negative values for the gas saturation in some gridblocks. The oil recovery and oil
cut are plotted in Figure A.l until it fails at 0.751 PV. Figure A.2 shows the gas
saturation at 0.751 PV with negative value for gas saturation in second gridblock close to

the injector.
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Figure A.1: Oil recovery and oil cut for the co-injection of surfactant and gas using
UTCHEM-2011-9. Simulation failed after 0.751 PV.

N I
-1.0 0.5 0.0 0.5 1.0
INJECTOR PRODUCER

Figure A.2: Gas saturation at 0.751 PV. Gas saturation in second gridblock close to the
injector is -0.681 (UTCHEM-2011-9)
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Next, the same case was run using improved UTCHEM in this research. No
numerical problem or convergence issue was observed during the simulation. The oil
recovery and oil cut for up to 3 PV are plotted in Figure A.3. Figure A.4 shows the gas

saturation at 0.751 PV with no negative values.
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Figure A.3: Oil recovery and oil cut for the co-injection of surfactant and gas using new

improved UTCHEM code.
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Figure A.4: Gas saturation at 0.751 PV using new improved UTCHEM code.

250



The

simulation results of oil recovery and oil cut using UTCHEM-2011-9 and

new improved UTCHEM code are compared in Figure A.5 and Figure A.6.
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Appendix B: Sample Input Files

B.1: Input file for Case 2 — Gas Injection in Saturated Reservoir (UTCHEM and IMEX-
CMG)

(CCskst eseseffofte eeseselkff eesele skt e el sl el e sl o e ek
CcC *
CC BRIEF DESCRIPTION OF DATA SET: UTCHEM INPUT *
CC *

CC*******************************************************************

CC LENGTH (FT): PROCESS:

CC THICKNESS (FT): INJ. RATE (FT3/DAY):

CC WIDTH (FT): COORDINATES: CARTESIAN
CC POROSITY:

CC GRID BLOCKS:

CC DATE:

* X F X ¥ % ¥ % * *®

(GO sk s sk sk skosksk sk okokokosfokokosokok skokokskskoskoskskokokokokokokokolokoskokskoskoskoskskok skokokokokokokokokokokok skokokook

gg*******************************************************************
CC *
CC RESERVOIR DESCRIPTION *
%
gg*******************************************************************
CcC
CC RUN NUMBER
*--—- RUNNO
Case-2
CC
CC TITLE AND RUN DESCRIPTION
*---- TITLE
Black-Oil Model
Gas Injection
Verification of UTCHEM with IMEX-CMG
CC
CC SIMULATION FLAGS
*-—-IMODE IMES IDISPC ICWM ICAP IREACTIBIO ICOORD ITREAC ITC IGAS IENG IBLACK
1 4 0 0 0 0 0 1 0 0 1 0 1

CC
CC NO. OF GRIDBLOCKS, FLAG SPECIFIES CONSTANT OR VARIABLE GRID SIZE, UNIT
*---NX NY NZ IDXYZ IUNIT

10 10 2 0 0
CC
CC CONSTANT GRID BLOCK SIZE IN X, Y, AND Z
*-..-DX DY DZ

10 10 5
CC
CC TOTAL NO. OF COMPONENTS, NO. OF TRACERS, AND NO. OF GEL COMPONENTS
*--N NO NTW NTA NGC NG NOTH

8 0 0 0 0 0 0
CC
CC NAME OF THE COMPONENTS
*----SPNAME (I) FOR I=1 TON
Water
Oil
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Surfactant (no)
Polymer (no)
Anion (no)
Cation (no)
Alcohol (no)
Gas
CcC
CC FLAG INDICATING IF THE COMPONENT IS INCLUDED IN CALCULATIONS OR NOT
*----ICF (KC) FOR KC=1, N
1 1. 0 0 0 0 0 0 1

gg*******************************************************************
CcC *
CC OUTPUT OPTIONS *
CC *
(Ot stttk e ek e el sk ok e etk e el sl of e ek o ok e e el ok o el ke o
CC
CC
CC FLAG TO WRITE TO UNIT 3, FLAG FOR PV OR DAYS TO PRINT OR TO STOP THE RUN
*-—-- ICUMTM ISTOP IOUTGMS IS3G
0 0 2 1
CcC
CC FLAG INDICATING IF THE PROFILE OF KCTH COMPONENT SHOULD BE WRITTEN
*---- IPRFLG (KC), KC=1,N
1 1.0 0 0 O O 0 1
CcC
CC FLAG FOR PRES., SAT., TOTAL CONC., TRACER CONC., CAP., GEL, ALKALINE PROFILES
*---- IPPRES IPSAT IPCTOT IPBIO IPCAP IPGEL IPALK IPTEMP IPOBS
1 1 1 0 0 0 0 0 0
CC
CC FLAG FOR WRITING SEVERAL PROPERTIES TO UNIT 4 (Prof)
*---- ICKL IVIS IPER ICNM ICSE IHYSTP IFOAMP INONEQ
1 1 1 1 0 0 1 0
CcC
CC FLAG FOR VARIABLES TO PROF OUTPUT FILE
*--—-JADS IVEL IRKF IPHSE

0 1 0 0
CC
(Ot esesetff ot e sl e el el el sl o seselelkok e e sl o
CC *
CC RESERVOIR PROPERTIES *
CC *
(Ot ot stttk e e ek e e ek e e ek e el el o e ek o e e ek o e ek o
CC
CC
CC MAX. SIMULATION TIME (DAYS)
*--—- TMAX

60

CC

CC ROCK COMPRESSIBILITY (1/PSI), STAND. PRESSURE (PSIA)
*---- COMPR  PSTAND
1E-6 3600
CcC
CC FLAGS INDICATING CONSTANT OR VARIABLE POROSITY, X, Y, AND Z PERMEABILITY
*---- IPOR1 IPERMX IPERMY IPERMZ IMOD ITRNZ INTG

0 0 3 3 0 0 0
CcC
CcC
Fommae POR
0.3
CcC
CcC
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CC CONSTANT Y-PERMEABILITY (MILIDARCY) FOR LAYER K=1,NZ
*--—- PERMY
1
CcC
CC CONSTANT Z-PERMEABILITY FOR WHOLE EESERVOIR
*--—-PERM Z
1
CcC
CC FLAG FOR DEPTH, PRESSURE, WATER SATURATION, INITIAL AQUEOUS PHASE COMPOSITIONS
*.---IDEPTH IPRESS ISWI ICWI

0 0 0 -1
CcC
CcC
*---- DEPTH
0
CcC
CcC
*---- PRESSURE
2000
CcC
CcC
Fomemee SWI
0.3
CcC
cC
Hommme ISGI
0
cC
cC
Fomeee SGI
0.1
cC
CC BRINE SALINITY AND DIVALENT CATION CONCENTRATION (MEQ/ML)
*----C50  C60
0.2 0
CcC
CC*******************************************************************
CcC *
CC PHYSICAL PROPERTY DATA *
*
gg*******************************************************************
CcC
CcC

CC OIL CONC. AT PLAIT POINT FOR TYPE II (+) AND TYPE II (-), CMC
*---- C2PLC C2PRC EPSME IHAND

0 1 0.0001 0
CcC
CC FLAG INDICATING TYPE OF PHASE BEHAVIOR PARAMETERS
*---- IFGHBN
0
CcC

CC SLOPE AND INTERCEPT OF BINODAL CURVE AT ZERO, OPT., AND 2XOPT SALINITY
*---- HBNS70 HBNC70 HBNS71 HBNC71 HBNS72 HBNC72

0 0.025 0 0.016 0 0.025
CcC
CC SLOPE AND INTERCEPT OF BINODAL CURVE AT ZERO, OPT., AND 2XOPT SALINITY FOR ALCOHOL 2
*-.--- HBNS80 HBNC80 HBNS81 HBNC81 HBNS82 HBNCS2

0 0 0 0 0 0
CcC
CC LOWER AND UPPER EFFECTIVE SALINITY
*.--- CSEL7 CSEU7 CSEL8 CSEUS

0.5 1.5 0 0
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CcC
CC THE CSE SLOPE PARAMETER FOR CALCIUM AND ALCOHOL 1 AND ALCOHOL 2
*--—- BETA6 BETA7 BETAS

0 0 0
CcC
CC FLAG FOR ALCOHOL PART. MODEL AND PARTITION COEFFICIENTS
*--—-JALC OPSK70 OPSK7S OPSK80O OPSKS8S

0 0 0 0 0

CcC
CC NO. OF ITERATIONS, AND TOLERANCE
*--—-NALMAX EPSALC

20 0.0001
CcC
CC ALCOHOL 1 PARTITIONING PARAMETERS IF IALC=1
*--—- AKWC7 AKWS7 AKM7 AK7 PT7

0 0 0 0 0
CcC
CC ALCOHOL 2 PARTITIONING PARAMETERS IF IALC=1
*---- AKWC8 AKWS8 AKMS8 AKS8 PTS8

0 0 0 0 0
CcC
CC IFT MODEL FLAG
*-—- IFT
1
CcC

CC INTERFACIAL TENSION PARAMETERS
*----CHUH AHUH

0.3 13
CcC
CC LOG10 OF OIL/WATER INTERFACIAL TENSION
*eeen XIFTW
1.65
CcC

CC ORGANIC MASS TRANSFER FLAG
*---- IMASS ICOR

0 0
cC
CcC
*--- IWALT IWALF
0 0
CcC
CC CAPILLARY DESATURATION PARAMETERS FOR PHASE 1, 2, AND 3
*---- ITRAP  TI11 T22 T33
0 1600 59000 364
CcC

CC FLAG FOR RELATIVE PERMEABILITY AND CAPILLARY PRESSURE MODEL
*---- [IPERM IRTYPE
4 0
CcC
CC LOG OF IFT BTW GAS/OIL AND GAS/WATER
---- XIFTG XIFTGW
1.477 1.477
CcC
CC COMPOSITIONAL PHASE VISCOSITY PARAMETERS
*---- ALPHAV1 ALPHAV2 ALPHAV3 ALPHAV4 ALPHAVS
0.1 0.1 0.1 0.9 0.7

CcC
CC PARAMETERS TO CALCULATE POLYMER VISCOSITY AT ZERO SHEAR RATE
*---- APl AP2 AP3

81 2700 2500
CcC
CC PARAMETER TO COMPUTE CSEP, MIN. CSEP, AND SLOPE OF LOG VIS. VS. LOG CSEP
*.--- BETAP CSE1 SSLOPE

10 0.01 0.17

CcC

255



CC PARAMETER FOR SHEAR RATE DEPENDENCE OF POLYMER VISCOSITY
*_- GAMMAC GAMHF POWN IPMODE ISHEAR RWEFF GAMHF2 IGAMC
20 10 1.8 0 0 0 0.25 0
cc
CC FLAG FOR POLYMER PARTITIONING, PERM. REDUCTION PARAMETERS
*_JPOLYM EPHI3 EPHI4 BRK CRK RKCUT
1 1 08 1000 0.0186 10
cc
CC SPECIFIC WEIGHT FOR COMPONENTS 1, 2,3,7,8, COEFFIENT OF OIL AND GRAVITY FLAG
*_DENI DEN2 DEN23 DEN3 DEN7 DENS IDEN
0428 03806 0.571 0428 0.3637 0.000512 2
cc
CC FLAG FOR CHOICE OF UNITS (0: BOTTOMHOLE CONDITION, 1: STOCK TANK)
*_ISTB
0
cc
CC COMPRESSIBILITY FOR VOL. OCCUPYING COMPONENTS 1, 2, 3, 7, AND 8
*_.- COMPC (1) COMPC (2) COMPC (3) COMPC (7) COMPC (8)
0 0 0 0 0
cc
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 1 (D (KC), KC=1, N)
*-D(1) DQ2) D3) D@ D() D(6) D(7) D(8)
0. 0 0 0. 0. 0. 0 0
cc
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 2 (D (KC), KC=1, N)
*-D(1) DQ) DG3) D@ D() D(6) D(7) D)
0. 0 0 0. 0. 0 0. 0
cc
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 3 (D (KC), KC=1, N)
*-D(1) DQ) DG3) D@ D() D(6) D(7) D)
0. 0 0 0 0 0 0 0
cc
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 4 (D (KC), KC=1, N)
*---D(1) D(@2) DB3) D#) D(5) D(6) D(7) D(®)
0. 0 0 0 0 0 0 0
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 1 (feet)
*_ALPHAL (1) ALPHAT (1)
0. 0.
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 2
*_ALPHAL (2) ALPHAT (2)
0. 0.
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 3
*_ALPHAL (3) ALPHAT (3)
0. 0.
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 4
*_ALPHAL (4) ALPHAT (4)
0. 0.
cc
CC FLAG TO SPECIFY ORGANIC ADSORPTION CALCULATION
*_JADSO
0
cc
CC SURFACTANT AND POLYMER ADSORPTION PARAMETERS
*__AD31 AD32 B3D AD41 AD42 B4D IADK IADS! FADS REFK
10 05 1000 07 0 100 0 0 0 0
cc
CC PARAMETERS FOR CATION EXCHANGE OF CLAY AND SURFACTANT
*_QV XKC XKS EQW
0 0 0 419
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CC

(O skt skt e sl e el ek et ek e el el et el ok e sl ok el ek e
CcC *
CC BLACKOIL PVT *
CC *

CC*******************************************************************

*---NROCK NPVT IBP
1 1 1

CcC

CcC

*--—- NDATAI1

8
CcC
CcC

*--- SWTAB RPWT RPOT PCOWT
0.22 0.0 1.0 0.0
0.30 0.07 0.4 0.0
0.40 0.15 0.125 0.0
0.50 0.24 0.0649 0.0
0.60 0.33 0.0048 0.0
0.80 0.65 0.0 0.0
0.90 0.83 0.0 0.0
1.00 1.00 0.0 0.0

CcC

cC

*--- NDATA2
14

cC

cC

*--- SLTAB RPGT RPOGT PCGOT
022 0984 0.0 0.0
030 094 0.0 0.0
040  0.87 0.0001 0.0
0.50  0.72 0.001 0.0
055 0.6 0.01 0.0
0.6 0.41 0.021 0.0
0.7 0.19 0.09 0.0
0.75  0.125 0.2 0.0
0.8 0.075 0.35 0.0
0.88  0.025 0.7 0.0
095  0.005 0.98 0.0
098 0.0 0.997 0.0
0.999 0.0 1.0 0.0
1.0 0.0 1.0 0.0

CcC

CcC

*.--PBO PBDPTH PBGRD

1000 0 0.1

CcC

CcC

*--- NDATA3

14
CcC
CcC

*----POT  RSOT FVFOT EGT  VISOT VISGT
400.0 125.0 1.012 169.49 1.17 0.0130
800.0 335.0 1.0255 338.98 1.14 0.0135
1200.0 500.0 1.038 5102 1.11 0.0140
1600.0 665.0 1.051 680.27 1.08 0.0145
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2000.0 828.0 1.063  847.46 1.06 0.0150
2400.0 985.0 1.075 1020.4 1.03 0.0155
2800.0 1130.0 1.087 1190.5 1.00 0.0160
3200.0 1270.0 1.0985 1351.4 0.98 0.0165
3600.0 1390.0 1.11 1538.5 0.95 0.0170
4000.0 1500.0 1.12 1694.9 0.94 0.0175
4400.0 1600.0 1.13 1851.9 0.92 0.0180
4800.0 1676.0 1.14 2040.8 091 0.0185
5200.0 1750.0 1.148 22222 0.90 0.0190
5600.0 1810.0 1.155  2381.0 0.89 0.0195

CcC

CcC

¥ IPVTW
0

CcC

CcC

*--——- REFPW VISWC FVFWC COMPWC CVW
14.7 0.96 1 3E-6 1.5E-6

CcC

CcC

*---- DENWS DENOS DENGS
63.02  45.0 0.0702
CcC
CcC
*---- CBO CVISO
2.18E-5 2.55E-5

CcC

(CC sk sk ek kel e koo ke ol o ke o e sl sl s sl o ksl sl oo
CcC *
CC WELL DATA *
CC *

CC e e sk sttt feodeote sl soloololoooiostotostototot deotodolololololooioiolotorstodold ok dokolololokokokoiok

CcC
cC
CC FLAG FOR SPECIFIED BOUNDARY AND ZONE IS MODELED
*---- IBOUND IZONE
0 0
CcC
CC TOTAL NUMBER OF WELLS, WELL RADIUS FLAG, FLAG FOR TIME OR COURANT NO.
*----NWELL IRO ITSTEP NWREL
2 2 0 2

CcC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*--—--IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

1 1 1 1 0.25 0 3 1 2 0
CcC
CC WELL NAME
*---- WELNAM
INJ
CcC
CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWFMIN PWFMAX QTMIN QTMAX

0 0 5000 0 50000
CcC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*----IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

2 10 10 2 0.25 0 3 1 2 0
CcC
CC WELL NAME
*---- WELNAM
PROD
CcC
CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWEFMIN PWFMAX QTMIN QTMAX

0 0 5000 0 50000
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cc

CC RATES NEED TO BE IN STANDARD CONDITIONS (@ Standard Conditions)

*_ID QI(M,L) C(M, KC,L)
0 1

1 0 0 0 0293 0 0 0
1 0. 0 0 0 0 0 0 0 0
1 0. 0 0 0 0 0 0 0 0
1 50000 0 0 0 0 0 0 0 1

CcC
CC ID, BOTTOM HOLE PRESSURE FOR PRESSURE CONSTRAINT WELL (IFLAG=2 OR 3)
*---- 1D PWF

2 2000
CcC
CC CUM. INJ. TIME, AND INTERVALS (PV OR DAY) FOR WRITING TO OUTPUT FILES
*--—- TIN] CUMPR1 CUMHI1 WRHPV WRPRF RSTC

60 1 1 1 1 30

CcC
CC FOR IMES=4, THE INIL. TIME STEP, CONC. TOLERANCE, MAX., MIN. COURANT NUMBERS
*-—-DT DCLIM CNMAX CNMIN

0.0001 8*0.0001 .05 0.01

st st s s sfe e s sk sk sk s sfe e sk sk sk st st sk sheske sk sk st st sk sk sk sk sk st st sk sfe sk sk sk sk st sk sfeske sk sk sk st sk sk sk s sk sk st st sfe ke sk sk sk st sk sk sk sk sk sk skeste sk skeskok skt sk skl skokoskokokokoskok

** Case 2

*%k

st st s s sfe e s sk s sk s sfe e sk sk sk st st sk sheske sk sk st st s sk sk sk st st st sk sfe sk sk sk sk st sk sfeske sk sk sk st sk sk sk s sk sk st st sfe ke sk sk sk st sk sk sk sk sk sk sk ste sk skl skoskoskoskoskok skokoskokokokoskok

st st s s sfe e sk sk s sk s sfe s sk sk sk st st sk sheske sk sk st st sheshe sk sk sk st st sk sfe sk sk sk sk st sk sfeske sk sk sk st sk sk sk s sk sk st st sfe sk sk sk st sk sk sk sk sk sk sk st sk stk skt skoskoskokokokosk skokokokok

* %k

** FILE: MXSMOO001.DAT

**  MODEL: 10x10x2
**  FIELD UNIT

sk

*%k
ok
ko
ok
ok
ko

st st s e sfe ke sk sk sk sk sk ook sk sk sk sk st sk skl sk sk sk sk skeskesk sk sk sk sk sk skesksk sk sk sk sk stk sk sk sk sk sk sk kool skosk st stk ko stttk kok sk skoskoskoskokok skok skokokokokokosk skokokokok

* %k

** CASE-2: Comparison of IMEX-CMG and UTCHEM

* %k

ok

*k

*%k

st st s s sfe ke sk sk sk sk sk shesfe sk sk sk sk st sk skeske sk sk sk sk skeske sk sk sk st sk sk stk sk sk sk sk stk sk sk sk kst sk skl sk sk sk st stk skosk steosko stk kol sk stk skoskokok skt skokokokokoksk skokokokok

** CONTACT: CMG, (403)531-1300; 282-6495 (fax);support@cmgl.ca (Internet)

sk

st st s e sfe ke sk sk sk sk s shesfe sk sk sk sk st sk skeske sk sk sk sk skeskesk s sk sk sk sk stk sk sk sk sk stk sk sk sk sk sk sk skl sk sk sk st stk sk steskosteske kol sk stk sk skokok skt skokokokokoksk skokokokok

RESULTS SIMULATOR IMEX

st st s e sfe ke sk sk sk sk sk sfesfe sk sk sk st st sk skesk sk sk sk sk steske sk sk sk st sk sk stk sk sk sk st sk stk sk sk sk sk stk skl sk skosk skoskeskok skok skeskoskokokokok skokokokokskok sk

** J/O Control section
sfe sk sk sfe sk sk >k sk sk sk sk ske sk sheske sfe sk ke sfe sk ke sfe sk sk ske sk sk ske sk sk sk sk sk sk ske sk sk ske sk sk ske sk st ske sk sheske sk sk ke sk sk sk sk sk sk sk sk sk s sk skeske sk skl sk stk skeskeokskok

*TITLE1
'CASE-2'
*TITLE2
'GAS INJECTION IN SATURATED RESERVOIR'

*INUNIT *FIELD

*WPRN *WELL 10

*WPRN *GRID 10

*WPRN *ITER *ALL

*OUTPRN *WELL *ALL

*OUTPRN *GRID *ALL **SO *SW *SG *PRES *BPP *KRO *KRW *KRG
*WSRF *GRID 10

*OUTSRF *GRID *ALL **SO *SW *SG *PRES *BPP *KRO *KRW *KRG
*GRID *CART 10 10 2

st st s s sfe ke ke s s sk s sfesfe s sk sk st st sk sheske sk sk sk st sheske sk sk st st sk sk ske sk sk sk st st sk sheske sk sk sk sk sk sk sk ke sl sk sk sk st stk sk sk stk skeskeokok sk skokoskokokokok sk

** Reservoir Description section
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sk sk sk sk sk sk sk sk sk sk sk sk sk stk sk stk sk skl sk skesk sk sk sk sk sk sk sk sk sk sk sk sk sk sk skosk sk stk sk stk sk stk sk skok sk skokosk skokok sk kol sk skolkoskoskokskokokskok

*DI *CON 10

*DJ *CON 10

*DK *CON 5

*POR *CON 0.3 ** Porosity is constant throughout.
*PRPOR  3600.0 ** Rock compressibility and
*CPOR 1E-6 ** Reference pressure

*PERMI *CON 200
*PERMJ *EQUALSI
*PERMK *EQUALSI

*MODEL *BLACKOIL ** Three phase problem

st st s sfe e sfe ke sk s sk s s sfe s e sk st st sk sheske sk sk st st sfeshe sk sk st st st s she ke ke sk st st shesheske sk sk st s sk sk ke ke e sk st st sfeskesk sk sk st sk skeske kol sk skeskoskoskokokoskok

** Component Properties Section
s >k sk sk sk sk sk sk sk sk sk sk sk sk sk skeske sk sk ke sk sk sk sk sk sk ske sk sk sk sk sk sk sk sk sk sk sk skeske sk skeske sk stk sk stk sk sk sk sk sk skosk sk sk sk sk kol sk kol sk skok skokokskok

*PVT

**p rs bo eg viso  visg
400.0 125.0 1.012 169.49 1.17 0.0130
800.0 3350 1.0255 33898 1.14 0.0135
1200.0 500.0 1.038 5102 1.11 0.0140
1600.0 665.0 1.051 680.27 1.08 0.0145
2000.0 828.0 1.063 84746 1.06 0.0150
2400.0 985.0 1.075 1020.4 1.03 0.0155
2800.0 1130.0 1.087 1190.5 1.00 0.0160
3200.0 1270.0 1.0985 1351.4 0.98 0.0165
3600.0 1390.0 1.11 1538.5 0.95 0.0170
4000.0 1500.0 1.12 1694.9 0.94 0.0175
4400.0 1600.0 1.13 1851.9 0.92 0.0180
4800.0 1676.0 1.14 2040.8 0.91 0.0185
5200.0 1750.0 1.148 22222 0.90 0.0190
5600.0 1810.0 1.155  2381.0 0.89 0.0195

*DENSITY *OIL 45.0
*DENSITY *GAS 0.0702
*DENSITY *WATER 63.02

*CO 2.18E-5 ** Oil compressibility

*CVO 2.55E-5 ** Pressure dependence on oil compressibility
*BWI 1 ** Water formation volume factor

*CW 3E-6 ** Water compressibility 3.0E-6

*REFPW 14.7 ** Reference pressure

*VWI 0.96 ** Water viscosity at reference pressure

*CVW  1.5E-6 ** Pressure dependence on water compressibility
*ROCKFLUID

st st s e sfe ke sk sk sk sk sk s sk sk sk sk sk st sk skesk sk sk sk sk steske sk sk sk st sk sk stk sk sk sk st sk stk sk sk sk sk sk sk skl sk sk sk stk sk sk sk skeoskoskok skok sk skokokokokok ok

**Rock-fluid Property Section

e sfe sfe sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk sk skokoskokokokoskokoskoskokoskoskokoskoskok

*RPT

*KROIL *STONE2

*SWT *SMOOTHEND *OFF

** sw krw krow  pcow
0.22 0.0 1.0 0.0
0.30 0.07 0.4 0.0
0.40 0.15 0.125 0.0
0.50 0.24 0.0649 0.0
0.60 0.33 0.0048 0.0
0.80 0.65 0.0 0.0
0.90 0.83 0.0 0.0
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1.00 1.00 0.0 0.0
*SLT *SMOOTHEND *OFF

** gl krg krog pcow
022 0984 0.0 0.0
030 094 0.0 0.0
0.40  0.87 0.0001 0.0
0.50  0.72 0.001 0.0
0.55 0.6 0.01 0.0
0.6 0.41 0.021 0.0
0.7 0.19 0.09 0.0
0.75  0.125 0.2 0.0
0.8 0.075 0.35 0.0
0.88  0.025 0.7 0.0
0.95  0.005 0.98 0.0
098 0.0 0.997 0.0
0.999 0.0 1.0 0.0
1.0 0.0 1.0 0.0

*INITIAL

st st s s sfe e s sk sk sk s s sfe sk sk sk st st sk sheske sk sk st st s sk sk sk st st st s sfe s sk sk st st sk sfeske sk sk sk st sk sk sk s sk sk sk st sfe stk skeosk stk skl skokok skokokokokokoskok

** Initial Conditions Section
sfe sk sk sfe sk sfe sk sk she sk s she sk st she she st ke sfe sk s sfe sk sk she sk sk ske sk sk sk she sk sk she sk sk ske sk sk sk sk st sk sk sk ke sk sk s sk sk sieske sk sieske sk sk sk skt sk skl skokoskoskokoskosk

*USER_INPUT
*PRES *CON 2000
*PB  *CON 1000. ** Initial bubble point pressure is constant.

*SW *CON 3
*SO *CON .6

*NUMERICAL

st st s sfe e e s sk sk st s s sfe sk sk sk st st sk sheske sk sk st st sfeshe sk sk st st st s sfe s sk sk st st sk sfeske sk sk sk sk sk sk sk s sk sk st st sfe stk skeosk stk skl skokok skokokokokokoskok

** Numerical Control Section

stk ok sk ok sk ok sk R ok otk kR skt Rk kR sk kol kR ok Rk sk R sk skt Rk ok R sk kR Rk Rk ok ok
*MAXSTEPS 9999

*NORM *PRESS 25

*DTMAX .01

*DTMIN .000001

*RUN

st st s e sfe ke sk sk sk sk sk s sk sk sk sk st st sk skesk sk sk sk sk steske sk sk sk st sk sk stk sk sk sk st sk stk sk sk sk sk stk skl sk stk skoskeoskok skok skeskoskokokokosk skokokokokoskok sk

** Well Data Section

sfe sk sk sfe sk sk >k sk sk sk sk ske sk sheske sfe sk ke sfe sk ke sfe sk sk sk sk sk ske sk sk sk she sk sk ske sk sk ske sk sk ske sk sk ske sk sheske sk sk ke sk sk sk sk she sk sk sk sk ke sk skeske sk skl sk stk skoskokskok
DATE 2008 1 1

DTWELL 0.0001

WELL 1'INJ
*INJECTOR MOBWEIGHT 1
*INCOMP GAS
OPERATE MAX STG 50000
GEOMETRY K 0.250.249 1. 0.
PERF GEO 1
**§ UBA ff Status  Connection
110 1:2 1. OPEN FLOW-TO ‘SURFACE’
**$
WELL 2 'PRO'
PRODUCER 2
OPERATE BHP 2000
GEOMETRY K 0.250.28 1. 0.
PERF GEO 2
**§ UBA ff Status  Connection
10 1 1:2 1. OPEN FLOW-TO ‘SURFACE’

DATE 2008 1 1.5
DATE 2008 12
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DATE 2008 1 3

DATE 2008 1 6

DATE 2008 1 10
DATE 2008 1 20
DATE 2008 1 30
DATE 2008 2 10
DATE 2008 2 20
DATE 2008 2 30

STOP
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B.2: Input file for Case 6 — Foam Injection as a Drive in the Surfactant-Polymer Process

(C(sksteseseffofte eesesellfofeesele skl e el el ok e sl ok e ek
CcC *
CC BRIEF DESCRIPTION OF DATA SET: UTCHEM INPUT *
CC *

CC*******************************************************************

CC LENGTH (FT): PROCESS:

CC THICKNESS (FT): INJ. RATE (FT3/DAY):

CC WIDTH (FT): COORDINATES: CARTESIAN
CC POROSITY:

CC GRID BLOCKS:

CC DATE:

% ¥ % ¥ ¥ % % % % %

(GO s s sk sk sksksk sk ok okoksfokokosokoskoskoskokskoskoskskokokookokokokokofokolokskoskok koo skokokokokokokolkokokokok kokokokok

gg*******************************************************************
CcC *
CC RESERVOIR DESCRIPTION *
*
gg*******************************************************************
CcC
CC Run number
*---- RUNNO
Case-6
CcC
CC TITLE AND RUN DESCRIPTION
*--- TITLE
Simulation of Foam Drive in Surfactant-Polymer Flood
IBLACK =1
Pc* foam model (tracer serves as a foaming agent)
CcC
CC SIMULATION FLAGS
*-—-IMODE IMES IDISPC ICWM ICAP IREACTIBIO ICOORD ITREAC ITC IGAS IENG IBLACK
1 2 3 0 0 0 0 1 0 0 2 0 1
CcC
CC NO. OF GRIDBLOCKS, FLAG SPECIFIES CONSTANT OR VARIABLE GRID SIZE, UNIT
*-—-NX NY NZ IDXYZ IUNIT

51 51 16 0 0
CcC
CC CONSTANT GRID BLOCK SIZE IN X, Y, AND Z
*---- DX DY Dz
3.92157 3.92157 2.5
CcC

CC TOTAL NO. OF COMPONENTS, NO. OF TRACERS, AND NO. OF GEL COMPONENTS
*-—--N NO NTW NTA NGC NG NOTH
9 0 1 0 0 0 0

cC

CC NAME OF THE COMPONENTS
*----SPNAME (I) FOR I=1 TON
Water

Oil

Surfactant

Polymer

Anion

Cation

Alcohol

Gas

Surfactant # 2 (foaming surfactant)
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CcC
CC FLAG INDICATING IF THE COMPONENT IS INCLUDED IN CALCULATIONS OR NOT
*----ICF (KC) FOR KC=1, N

1 1 1 1 1 1 0 1 1

CC

(CC ek e e s ke s sk sk s ok stk stk sk s ook skt ofeokof sk sk skoskok sk ookt fokofskolokokokokskokok ook

CcC

CC OUTPUT OPTIONS *
CC *
(O (skst eseseffofte e sl el ekl e el etk e sl o e ek e
CcC
CC

CC FLAG TO WRITE TO UNIT 3, FLAG FOR PV OR DAYS TO PRINT OR TO STOP THE RUN
*---—- [CUMTM ISTOP IOUTGMS IS3G
0 0 2 1
CcC
CC FLAG INDICATING IF THE PROFILE OF KCTH COMPONENT SHOULD BE WRITTEN
*---- [IPRFLG (KC), KC=1,N
1 11 1 1 1 0 1 1
cC
CC FLAG FOR PRES., SAT., TOTAL CONC., TRACER CONC., CAP., GEL, ALKALINE PROFILES
*--—- [PPRES IPSAT IPCTOT IPBIO IPCAP IPGEL IPALK IPTEMP IPOBS
1 1 1 0 0 0 0 0 0

CcC
CC FLAG FOR WRITING SEVERAL PROPERTIES TO UNIT 4 (Prof)
*--—-ICKL IVIS IPER ICNM ICSE IHYSTP IFOAMP INONEQ

1 1 1 1 0 0 1 0
CcC
CC FLAG FOR VARIABLES TO PROF OUTPUT FILE
*.---JADS IVEL IRKF IPHSE

0 1 0 0

gg*******************************************************************
CC *
CC RESERVOIR PROPERTIES *
CC *
(Ot ettt e sl e e sk el e el e sl o e sl e ek
CC
CC
CC MAX. SIMULATION TIME (DAYYS)
*--—- TMAX

1200
CC

CC ROCK COMPRESSIBILITY (1/PSI), STAND. PRESSURE (PSIA)
*---- COMPR  PSTAND
1E-6 2500
CcC
CC FLAGS INDICATING CONSTANT OR VARIABLE POROSITY, X, Y, AND Z PERMEABILITY
*---- [POR1 IPERMX IPERMY IPERMZ IMOD ITRNZ INTG

0 0 3 3 0 0 0
CcC
CcC
Fommen POR
0.3

CcC
CcC
Foemmee PRMX

250
CcC

CC CONSTANT Y-PERMEABILITY (MILIDARCY) FOR LAYER K =1, NZ
*---- PERMY

1
CcC
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CC CONSTANT Z-PERMEABILITY FOR WHOLE EESERVOIR
*--—- PERM Z
0.05
CcC
CC FLAG FOR DEPTH, PRESSURE, WATER SATURATION, INITIAL AQUEOUS PHASE COMPOSITIONS
*--—-IDEPTH IPRESS ISWI ICWI

0 0 0 -1
CcC
CcC
*---- DEPTH
0
CcC
CcC
*---- PRESSURE
2500
CcC
CcC
Fomeoem SWI
0.5
CcC
CcC
Hommme ISGI
0
CcC
CcC
Fomeee SGI
0.1
cC

CC BRINE SALINITY AND DIVALENT CATION CONCENTRATION (MEQ/ML)
*---- C50 Co0

0.4 0
CcC
(Ot st ettt e sl e el ek el e el el e el e sl e ek
CC *
CC PHYSICAL PROPERTY DATA *
CC *
(Ot ot stttk e el e el sk ok e etk e el el of e ek o o e el ok o e ke o
CC
CC

CC OIL CONC. AT PLAIT POINT FOR TYPE II (+) AND TYPE II (-), CMC
*---- C2PLC C2PRC EPSME IHAND

0 1 0.0001 0
CcC
CC FLAG INDICATING TYPE OF PHASE BEHAVIOR PARAMETERS
*---- [FGHBN
0
CcC

CC SLOPE AND INTERCEPT OF BINODAL CURVE AT ZERO, OPT., AND 2XOPT SALINITY
*---- HBNS70 HBNC70 HBNS71 HBNC71 HBNS72 HBNC72

0 0.028 0 0.026 0 0.028
CcC
CC SLOPE AND INTERCEPT OF BINODAL CURVE AT ZERO, OPT., AND 2XOPT SALINITY FOR ALCOHOL 2
*---- HBNS80 HBNC80 HBNS81 HBNC81 HBNS82 HBNCS82

0 0 0 0 0 0
CcC
CC LOWER AND UPPER EFFECTIVE SALINITY
*.--- CSEL7 CSEU7 CSEL8 CSEU8

0.177 0.344 0 0

CcC
CC THE CSE SLOPE PARAMETER FOR CALCIUM AND ALCOHOL 1 AND ALCOHOL 2
*.--- BETA6 BETA7 BETAS

0 0 0
CcC
CC FLAG FOR ALCOHOL PART. MODEL AND PARTITION COEFFICIENTS
*.-—-JALC OPSK70 OPSK7S OPSK80 OPSKS8S
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0 0 0 0 0

CcC
CC NO. OF ITERATIONS, AND TOLERANCE
*---- NALMAX EPSALC

20 0.0001
CcC
CC ALCOHOL 1 PARTITIONING PARAMETERS IF IALC=1
*--—- AKWC7 AKWS7 AKM7 AK7 PT7

0 0 0 0 0
CcC
CC ALCOHOL 2 PARTITIONING PARAMETERS IF IALC=1
*--—- AKWC8 AKWS8 AKMS8 AK8 PTS8

0 0 0 0 0
CcC
CC IFT MODEL FLAG
¥ IFT
1
CcC

CC INTERFACIAL TENSION PARAMETERS
*----CHUH AHUH

0.3 13
cC
CC LOG10 OF OIL/WATER INTERFACIAL TENSION
*---- XIFTW
1.65
CcC

CC ORGANIC MASS TRANSFER FLAG
*---- IMASS ICOR

0 0
CcC
cC
*--- IWALT IWALF
0 0
cC

CC CAPILLARY DESATURATION PARAMETERS FOR PHASE 1, 2, AND 3
*--—-ITRAP TI1 T22 T33
2 1600 59000 364
CcC
CC FLAG FOR RELATIVE PERMEABILITY AND CAPILLARY PRESSURE MODEL
*---- [IPERM IRTYPE
0 0
CcC
CC FLAG FOR CONSTANT OR VARIABLE REL. PERM. PARAMETERS
*--—-ISRW [PRW IEW
0 0 0
CcC
CC CONSTANT RES. SATURATION OF PHASES 1, 2, AND 3 AT LOW CAPILLARY NO.
*----SIRWC S2RWC S3RWC
0.25 0.35 0.25
CcC
CC CONSTANT ENDPOINT REL. PERM. OF PHASES 1,2,AND 3 AT LOW CAPILLARY NO.
*----PIRW P2RW P3RW
0.2 0.9 0.2
CcC
CC CONSTANT REL. PERM. EXPONENT OF PHASES 1,2,AND 3 AT LOW CAPILLARY NO.
*----EIW E2W E3W
35 25 35
CcC
CC CONSTANT RES. SATURATION OF PHASES 1,2,AND 3 AT high CAPILLARY NO.
*----SIRWC S2RWC S3RWC
0.0 0.0 0.0
CcC
CC CONSTANT ENDPOINT REL. PERM. OF PHASES 1,2,AND 3 AT high CAPILLARY NO.
*----PIRW P2RW P3RW
1.0 1.0 1.0
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CcC
CC CONSTANT REL. PERM. EXPONENT OF PHASES 1,2,AND 3 AT high CAPILLARY NO.
*-—-EIW E2W E3W
1.0 1.0 1.0
CcC
CC WATER AND OIL VISCOSITY, RESERVOIR TEMPERATURE (VISCOSITY IS READ FROM PVT TABLE)
*.---VIS1 VIS2 TEMPV
06 1.0 0.
CcC
CC GAS VISCOSITY AT REF. TEMPERATURE AND PRESSURE,SLOPE OF GAS VISCOSITY
*---- VIS4 VSLOPG (GAS VISCOSITY IS READ FROM PVT TABLE)
0.02 0
CcC
CC CONSTANT RESIDUAL OIL/GAS SATURATION FOR ENTIRE RESERVOIR
*--—- S2RWC4  S4RWC
0.20 0.1
CcC
CC CONSTANT GAS ENDPOINT RELATIVE PERMEABILITY FOR ENTIRE RESERVOIR
*--- PARWC
0.94
CcC
CC CONSTANT GAS RELATIVE PERMEABILITY EXPONENT FOR ENTIRE RESERVOIR
*--—- EAWC
1.5
CcC
CC GAS PROPERTIES AT HIGH CAPILLARY
*---S4RC P4RC E4C T44 S2RC4
0.099 0.94 1.5 0 0
CcC
CC LOG OF IFT BTW GAS/OIL AND GAS/WATER
---- XIFTG XIFTGW
1.477 1.477
CcC
CC COMPOSITIONAL PHASE VISCOSITY PARAMETERS
*---- ALPHAV1 ALPHAV2 ALPHAV3 ALPHAV4 ALPHAVS
0.1 0.1 0.1 0.9 0.7
cC
CC PARAMETERS TO CALCULATE POLYMER VISCOSITY AT ZERO SHEAR RATE
*---- AP1 AP2 AP3
&1 2700 2500
CcC
CC PARAMETER TO COMPUTE CSEP, MIN. CSEP, AND SLOPE OF LOG VIS. VS. LOG CSEP
*.--- BETAP CSEl SSLOPE
10 0.01 0.17
CcC
CC PARAMETER FOR SHEAR RATE DEPENDENCE OF POLYMER VISCOSITY
*---- GAMMAC GAMHF POWN IPMODE ISHEAR RWEFF GAMHF2 IGAMC
20 10 1.8 0 0 0 0.25 0
CcC
CC FLAG FOR POLYMER PARTITIONING, PERM. REDUCTION PARAMETERS
*----IJPOLYM EPHI3 EPHI4 BRK CRK RKCUT
1 1 0.8 1000 0.0186 10
CcC
CC SPECIFIC WEIGHT FOR COMPONENTS 1, 2,3,7,8, COEFFIENT OF OIL AND GRAVITY FLAG
*--—-DENI DEN2 DEN23 DEN3 DEN7 DEN8 IDEN (WATER/OIL/GAS DENSITY COMES FROM PVT TABLE)
0.428 0.3806 0.571 0.428 0.3637 0.000512 2

cC
CC FLAG FOR CHOICE OF UNITS (0: BOTTOMHOLE CONDITION, 1: STOCK TANK)
*_ISTB

0
cc
CC COMPRESSIBILITY FOR VOL. OCCUPYING COMPONENTS 1,2, 3,7, AND 8
*.... COMPC (1) COMPC (2) COMPC (3) COMPC (7) COMPC (8)

0 0 0 0 0

cc
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CC CONSTANT OR VARIABLE PC PARAM., WATER-WET OR OIL-WET PC CURVE FLAG
*--—-ICPC IEPC IOW

0 0 1
CcC
CcC
*---- CPC
0
CcC
CcC
*---- EPC
0
CcC

CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 1 (D (KC), KC=1, N)
*.-D(1) D2) D3) D@ D) D(6) D(7) D(®)
0. 0 0 0 0 0 0 0
cC
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 2 (D (KC), KC=1, N)
*.-D(1) D2) D3) D@ D) D(6) D(7) D(®)
0. 0 0 0 0 0 0 0
cC
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 3 (D (KC), KC=1, N)
*-D(1) D) D3) D@) D() D(6) D(7) D(8)
0. 0 0 0 0 0 0 0
cC
CC MOLECULAR DIFFUSIVITY OF KCTH COMPONENT IN PHASE 4 (D (KC), KC=1, N)
*.-D(1) D2) D3) D@ D() D(6) D(7) D(®)
0. 0 0 0 0 0 0 0
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 1 (feet)
*-ALPHAL (1) ALPHAT (1)
0. 0.
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 2
*_ALPHAL (2) ALPHAT (2)
0. 0.
cC
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 3
*_ALPHAL (3) ALPHAT (3)
0. 0.
cc
CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 4
*_.ALPHAL (4) ALPHAT (4)
0. 0.
cc
CC FLAG TO SPECIFY ORGANIC ADSORPTION CALCULATION
*__.TADSO
0
cC
CC SURFACTANT AND POLYMER ADSORPTION PARAMETERS
*_AD31 AD32 B3D AD41 AD42 B4D IADK IADS! FADS REFK
10 05 1000 07 0 100 0 0 0 0
cc
CC PARAMETERS FOR CATION EXCHANGE OF CLAY AND SURFACTANT
*..QV XKC XKS EQW
0 0 0 419
cc
CC TRACER DATA (TRACER IS USED AS A FOAM GENERATOR)

*

0
CcC
CcC
&

CcC
CcC
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CcC
CcC

*,

0
CcC
CC UT FOAM MODEL (IFOAM=1) - LOW TENSION FOAM (IFOAMTYPE=2)
*---—- [FOAM IFOAMTYPE IFOAMOIL

1 2 0
CcC
CcC
*.--RFMAX SOSTAR CSTAR EPXLO SHRT VELGR

250 0.25 0.0001 0.01 1.0 1.0
CcC
CcC
*---- SWSTAR

41616%0.28

CcC
QO sttt o S S S o o
CcC *
CC BLACKOIL PVT *
CcC *
QO sttt o S S S o o
CcC
CcC
CcC
*.--NROCK NPVT IBP

1 1 1
CcC
CcC
*.--PBO PBDPTH PBGRD

1000 0 0.1

CcC
CcC
*--- NDATA3

14
CcC
CcC

*-—-POT  RSOT FVFOT EGT  VISOT VISGT
400.0 125.0 1.012 169.49 1.17 0.0130
800.0 335.0 1.0255 338.98 1.14 0.0135
1200.0 500.0 1.038 5102 1.11 0.0140
1600.0 665.0 1.051 680.27 1.08 0.0145
2000.0 828.0 1.063 847.46 1.06 0.0150
2400.0 985.0 1.075 10204 1.03 0.0155
2800.0 1130.0 1.087 1190.5 1.00 0.0160
3200.0 1270.0 1.0985 1351.4 0.98 0.0165
3600.0 1390.0 1.11 1538.5 0.95 0.0170
4000.0 1500.0 1.12 1694.9 0.94 0.0175
4400.0 1600.0 1.13 1851.9 0.92 0.0180
4800.0 1676.0 1.14 2040.8 0.91 0.0185
5200.0 1750.0 1.148 22222 0.90 0.0190
5600.0 1810.0 1.155  2381.0 0.89 0.0195

CcC

CcC

*ee IPVTW
0

CcC

CcC

*--—- REFPW VISWC FVFWC COMPWC CVW
14.7 0.96 1 3E-6 1.5E-6

CcC

CcC

*--—- DENWS DENOS DENGS
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63.02 450 0.0702

*---- CBO CVISO
2.18E-5 2.55E-5

CC

(CC et sk kel e koo e sl ko ke s o sl e sl ol sk o ek oo
CC *
CC WELL DATA *
CcC *

(CC ek s e s sk e sk sk s ok stk stk sk sk sk okeokof sk sk skoskskskeskok ookt fokofoskolokokokoskskokok ook

CcC
CcC
CC FLAG FOR SPECIFIED BOUNDARY AND ZONE IS MODELED
*--—-IBOUND IZONE
0 0
CcC
CC TOTAL NUMBER OF WELLS, WELL RADIUS FLAG, FLAG FOR TIME OR COURANT NO.
*---- NWELL IRO ITSTEP NWREL
5 2 0 5

CcC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*--—-IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

1 26 26 1 0.25 0 3 1 16 0
CcC
CC WELL NAME
*---- WELNAM
INJ-1
CcC
CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWFMIN PWFMAX QTMIN QTMAX

0 0 5000 0 50000
CcC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*---IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

2 1 1 2 0.25 0 3 1 16 0
cC
CC WELL NAME
*---- WELNAM
PROD-1
CcC
CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWFMIN PWFMAX QTMIN QTMAX

0 0 5000 0 50000
CcC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*----IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

3 1 51 2 0.25 0 3 1 16 0
CcC
CC WELL NAME
*---- WELNAM
PROD-2
CcC
CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWFMIN PWFMAX QTMIN QTMAX

0 0 5000 0 50000
CcC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*--—--IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

4 51 1 2 0.25 0 3 1 16 0
CcC
CC WELL NAME
*---- WELNAM
PROD-3
CcC
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CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWFMIN PWFMAX QTMIN QTMAX
0 0 5000 0 50000
CC
CC WELL ID, LOCATIONS, AND FLAG FOR SPECIFYING WELL TYPE, WELL RADIUS, SKIN
*---IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF
5 51 51 2 0.25 0 3 1 16 0
cC
CC WELL NAME
*--—- WELNAM
PROD-4
CcC
CC ICHEK, MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE AND RATE
*---- ICHEK PWFMIN PWFMAX QTMIN QTMAX
0 0 5000 0 50000
CC low tension SP slug
CC RATES NEED TO BE IN STANDARD CONDITIONS (@ Standard Conditions)
Foomen ID QI(M,L) C(M,KC, L)

1 800 099 0 0.01 005 03 O 0 0 0.002
1 0 0 0 0 0 0 0 0 0 0
1 0 0 0 0 0 0 0 0 0 0
1 0 0 0 0 0 0 0 0 1 0

CcC
CC ID, BOTTOM HOLE PRESSURE FOR PRESSURE CONSTRAINT WELL (IFLAG=2 OR 3)
*-—-ID PWF

2 2500
CcC
CC ID, BOTTOM HOLE PRESSURE FOR PRESSURE CONSTRAINT WELL (IFLAG=2 OR 3)
*-—-ID PWF

3 2500
CcC
CC ID, BOTTOM HOLE PRESSURE FOR PRESSURE CONSTRAINT WELL (IFLAG=2 OR 3)
*——-ID PWF

4 2500
CcC
CC ID, BOTTOM HOLE PRESSURE FOR PRESSURE CONSTRAINT WELL (IFLAG=2 OR 3)
*-—-ID PWF

5 2500
CcC
CC CUM. INJ. TIME AND INTERVALS (PV OR DAY) FOR WRITING TO OUTPUT FILES
*---- TINJ] CUMPR1 CUMHII WRHPV WRPRF RSTC

150 10 10 10 10 50
CcC
CC FOR IMES=2, THE INI. TIME STEP, CONC. TOLERANCE, MAX., MIN. COURANT NUMBERS
*-—- DT DCLIM CNMAX CNMIN

0.00001 0.01 0.05 0.01
CcC
CcC
*---- IBMOD

0
CcC
CcC
*.---IRO ITIME IFLAG
5 0 12222
CcC
CC NUMBER OF WELLS CHANGES IN LOCATION OR SKIN OR PWF
*----NWELI1
0
CcC
CC NUMBER OF WELLS WITH RATE CHANGES, ID
*...NWEL2 ID
1 1

CC foam drive
CC RATES NEED TO BE IN STANDARD CONDITIONS (@ Standard Conditions)
Fe ID QI(M,L) C(M,KC,L)
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1 400 1.0 0 0 0 03 0 0 0 0.002
1 0 0 0 0 0 0 0 0 0 0
1 0 0 0 0 0 0 0 0 0 0
1 120000 0 0 0 0 0 0 0 1 0

CcC
CC CUM. INJ. TIME AND INTERVALS (PV OR DAY) FOR WRITING TO OUTPUT FILES
*---- TIN] CUMPR1 CUMHI1 WRHPV WRPRF RSTC
1200 10 10 10 10 50
CcC
CC FOR IMES=2, THE INI. TIME STEP, CONC. TOLERANCE, MAX., MIN. COURANT NUMBERS
*-—-DT DCLIM CNMAX CNMIN
0.00001 0.01 0.025 0.005
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